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The wind power industry is in an era of substantial 
growth, both globally and in the United States. With 
the market evolving at such a rapid pace, keeping up 
with trends in the marketplace has become increasingly 
difficult. Yet, the need for timely, objective information on 
the industry and its progress has never been greater. This 
report - the first in what is envisioned to be an ongoing 
annual series - attempts to fill this need by providing a 
detailed overview of developments and trends in the 
J.S. wind power market, with a particular focus on 2006. 

The report begins with an overview of key wind 
development and installation-related trends, including 
trends in capacity growth, turbine make and modelrand 
among developers, project ownersrand power purchasers. 
It then reviews the price of wind power in the market,and 
how those prices compare to wholesale power prices. 
The report then turns to a review of trends in installed 
wind project casts, wind turbine transaction prices, project 
performance, and operations and maintenance expenses. 
Finally, the report examines other factors impacting the 
domestic wind power market, including grid integration 
costs, transmission issues, and policy drivers. The report 
concludes with a brief preview of possible developments 
in 2007. 

A note on scope: This report concentrates on larger- 
scale wind applications, defined here as individual 
turbines or projects that exceed 50 kW in size. The US. 
wind power sector is multifaceted, and also includes 
smaller, customer-sited wind applications used to power 
the needs of residences, farms, and businesses. Data 
on these applications,if they are less than 50 kW in size, 
are not included here. Much of the data included in 
this report were compiled by Berkeley Lab in multiple 
databases that contain historical information on wind 
power purchase prices, capital costs, turbine transaction 
prices, project performance,and O&M costs for many of 
the wind projects in the United States. The information 
included in these databases comes from a variety of 
sources (see the Appendix),and in many cases represents 
only a sample of actual wind projects installed in the 
US. As such,we caution that the data are not always 
comprehensive or of equal quality, so emphasis should be 
placed on overall trends in the data, rather than individual 
data-points. Finallyreach section of this document 
focuses on historical market data or information, with 
an emphasis on 2006;we do not seek to forecast future 
trends. 
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3,000 
The US. wind power market 

continued its rapid expansion 2,500 

in 2006, with 2,454 MW of new capacity 
added,for a cumulative total of 11,575 
MW (Figure 1). This growth translates 
into more than $3.7 billion (real 2006 

installation in 2006,for a cumulative 
total of more than $18 billion since the 
1980s.' 

~ z i o o o  
6' 
8 

a 

2 1,500 
- dollars) invested in wind project m : 1,000 

500 

The yearly boom-and-bust cycle 
that characterized the U.S.wind market 
frorri 1999 through 2004 - caused by 
periodic,short-term extensions of the 
federal production tax credit (PTC) - 
ended in 2006,with two consecutive 
years of sizable growth. Iri fact,2006 
was the largest year on record in 
the U.S,for wind capacity additions, 
barely edging out year-2005 additions. 
Federal tax incentives, state renewable 
energy standards and incentives,and 
continued uncertainty about the future 
cost and liabilities of conventional 
natural gas and coal facilities helped 
spur this growth. 

Also for the secorid consecutive 
year, wind power was the second- 
larqest new resource added to 
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Figure 1. Annual and Cumulative Growth in U.S. Wind Power Capacity 
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Figure 1. Annual and Cumulative Growth in U.S. Wind Power Capacity 
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the U.S.electrical grid in terms of 
narr'eplate capacity' behind the 
more than 9,000 MW of new natural 

Source Earih Policy Institute, BTM Consult, A W W G E C  dataset 

Figure 2. The United States' Contribution to Global Wind Capacity 

gas plants, but ahead of new coal,at 
600 MW. New wind plants contributed roughly 19% of new nameplate 
capacity added to the U.S.electrical grid in 2006,cornpared to 13% in 2005. 

On a worldwide basis, more than 15,000 MW of wind capacity was 
added in 2006, up from roughly 11,500 MW in 2005,for a cumulative total 
of more than 74,000 MW. For the second straight year,the United States 
led the world in wind capacity additions (Table 11, with roughly 16% of the 
worldwide market (Figure 2). Germany, India,Spain,and China round out 
the top five (Table 1)" In terms of cumulative installed wind capacity,the 
U.S.ended the year with 16% of worldwide capacity,in third place behind 
Germany and Spain. So far this century (i.e.,over the past seven years), 
wind power capacity has grown on average by 24% per year in the US., 
compared to 27% worldwide? 

Table 1. International Rankings of Wind Power Capacity 
Cumulative Capacity 
(end of 2006, MW) 

Germany 20,652 
Spain 11,614 
us 11,575 

India 6,228 
Denmark 3,101 

China 2,588 
Italy 2,118 
UK 1,967 

Portugal 1,716 
France 1,585 

1 1 ,I 02 

TOTAL 74,246 

Rest of Wold 

Incremental Capacity 
(2006, MW) 

us 2,454 
Germany 2,233 

India 1,840 
Spain 1,587 
China 1,334 
France 81 0 
Canada 776 

UK 631 
Portugal 629 

Italy 41 7 
Rest of World 2,305 

TOTAL 15,016 
Source Bm, 2007, AWWGEC dataset for 0 S cumulative capacrty 

64 s 
48 '2 
56 9 

.a 
a 

40 8 

8 '  

0 

1 These investment figures are based on an extrapolation of the average project-level capital costs reported later in this report. Annual O&M, R&D, and 

2 Yearly and cumulative installed wind capacity in the U.S.is from the AWENGEC database,while global wind capacity largely comes from BTM Consult (but 
manufacturing expenditures would add to thesefigures. ( 

updated with the most recent AWENGEC data for the U.S.). Modest disagreement exists among these data sources and others,e.g., Windpower Monthly and 
the Global Wind Energy Council. 
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Several countries have achieved high levels of wind power 
penetration in their electricity grids. Figure 3 presents data on 
end-of-2006 installed wind capacity,translated into projected 
Annual electricity supply based on assumed country-specific 
capacity factors, and divided by projected 2007 electricity consump- 
tion. Using this rough approximation forthe contribution of wind 
to electricity consumption (which,for example, ignores transmission 
losses),and focusing only on the ten countries with the most wind 
capacity, end-of-2006 installed wind is projected to supply more 
than 20% of Denmark's electricity demand, roughly 9% of Spain's, 
and 7% of Portugal's and Germany's. In the U.S.,on the other hand, 
the cumulative wind capacity installed at the end of 2006 would, 
in an average year, be able to supply roughly 0.8% of the nation's 
electricity consumption3 -just below wind's estimated 0.9% 
contribution to electricity consumption on a worldwide basis. 

New large-scale4 wind turbines were installed in 22 states in 
2006. As shown inTable 2 and Figure4, leading states in terms of 
2006 additions include Texas,Washington,California, New York, and 
Minnesota. As for cumulative totals,Texas surpassed California in 
2006, and leads the nation with 2,739 MW,followed by California, 
Iowa, Minnesota,and Washington. Twenty states had more than 
50 MW of wind capacity as of the end of 2006, with 16 of these 
states achieving more than 100 MW and six topping 500 MW. 
Although all wind power development in the U.S.to date has 
',een onshore,offshore development activities continued in 2006 
(see Text Box 1). 

Assuming (inaccurately) that all in-state wind is used in-state, 
New Mexico could meet more than 7% of i ts total retail electricity 
sales with wind power installed as of the end of 2006 (Table 2). End- 
of-2006 installed wind capacity could serve more than 5% of the 
electricity needs of Iowa, North 
Dakota, and Wyoming. Twelve 25% I 

states had enough in-state wind 
capacity at the end of 2006 to 
meet more than 2% of in-state 

$5i 
6 8 g: 20% 

21.4% 

o u  
retail electricity sales.5 s?z 

% $ 1 5 %  
C Y  
E 5  

S E  u n  0 0.10% 
& S  

s g  

8 5  KV 
a 0% 

' X  

U C  

5% 
+ - v )  

Denmark Spain Portugal Germany India UK Italy US France China TOTAL 

Source. Berkeley lab  estimates based on data from BTM and elsewhere 

Figure 3. Approximate Wind Power Penetration in Countries with the Most Installed Wind Capacity 

3 In terms of actual 2006 deliveries,wind represented 0.64% of electricity generation in the US., and roughly 0.67% of national electricity consumption. These 

4 We define"1arge-sca1e"turbines consistently with the rest of this report - over 50 kW 

5 Here we present wind generation as a percentage of retail electricity sales, rather than total electricity consumption. Wind generation on this basis represents 

figures are below the 0.8% figure provided above, because 0.8% is a projection based on end-of-year 2006 wind capacity. 

0.85% of U.S.sales,slightly higher than the 0.81% of nation-wide electricity consumption presented in Figure 3. 
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Table 2. United States Wind Power Ranhings: The Top 20 States 

*Assumes that wind installed in a state serves that state’s electrical load; ignores transmission losses. 
Source A W G E C  database and Eer!ie/ey Lab esfimafes 

GE Wind remained the dominant rnanufac- 
turer of wind turbines supplying the U.S. market 
in 2006, with 47% of domestic installations 
(down from 60% in 2005,and similar to its 46% 
rnarket share in 2004).6 Siemens and Vestas also 
had significant U.S. installations, with Mitsubishi, 
Suzlon, and Gamesa playing lesser roles (Figure 
5). Siemens’move to the number two wind 
turbine supplier is particularly noteworthy,given 
that it delivered no turbines to the U.S.market 
the previous year, after its acquisition of Bonus 
in 2004. In part as a result,Vestas (along with GE 
Wind) lost market share between 2005 (29%) 
and 2006 (19%) in the U.S.rnarket. 

U.S.-based rnanufacturing of wind turbines 
and components remained somewhat limited, 
in part because ofthe uncertain continued 
availability of the federal production tax credit 

6 Market share reported here is in MW terrns,and is 
based on project installations in the year in question, 
not turbine shipments or orders. 

Figure 4. Size and Location of Wind Power Development in the U.S. 
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(PTC). That said, a new U.S.-based 
manufacturer - Clipper Windpower 
- is in the process of significant 
?xpansion,and a growing list of 
foreign turbine manufacturers have 
begun to localize some of their 
manufacturing in the United States. 
In 2006,for example, new manufac- 
turing plants sprung up in Iowa 
(Clipper), Minnesota (Suzlon), and 
Pennsylvania (Gamesa). GE has also 
maintained a significant, domestic 
wind turbine manufacturing 
presence,in addition to its inter- 
national facilities that serve both 
the U.S.and global markets. 

The average size of wind turbines 
installed in the U.S. in 2006 increased to 
roughly 1.6 MW (Figure 6). Since 1998- 
997 average turbine size has increased 
by 124%. Table 3 shows how the 
distribution of turbine size has shifted 
Jver time; nearly 17% of all turbines 
installed in 2006 had a nameplate 
capacity in excess of 2 MW, compared 
to just 0.1 % of turbines installed in 2002 
through 2003 and 2004 through 2005. 
GE's 1.5-MW wind turbine remained the 
nation's most-installed turbine in 2006. 

," 
Source AWWGEG wind project database 

Figure 5. Annual U.S. Market Share of Wind Turbine Manufacturers by MW, 2005 and 2006 

1.60 MW 
1 6  

5 1.4 
E a 1 2  
5 
E 1 0  
E 2 0.8 
a, 

0.6 

2 0 4  

0 2  

a, 

o n  
1998-99 2000-01 2002-03 2004-05 2006 

1,013 MW 1,758 MW 2,125 MW 2,782 MW 2,454 MW 
1,937 turbines 1,532 turbines 1,418 turbines 1,987 turbines 1,784 turbines 

Source" AWWGEC project database 

Figure 6. Average Turbine Size Installed During Period 

Table 3. Size Distribution of Number of Turbines over Time 

2002-03 2004-05 2006 
2,125 MW 2,782 MW 2,454 MW 

1,784 turbines 1,937 turbines 1,532 turbines 

0.7% 

10.7% 

54.2% 

17.6% 

16.3% 

0.5% 

Source AWWGECpmject database 

7 Except for 2006, Figure 6 (as well as Figures 10,22,25 and 26,and Tables 3 and 5) combines data into two-year periods in order to avoid distortions related to 
small sample size in the PTC lapse years of 2000,2002,and 2004. Though not a PTC lapse year, 1998 sample size is also small, and is therefore combined with 
1999. 
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As demonstration of a growing and maturing domestic wind 
industry,and as a result of the increased globalization of the wind 
sector and the need for capital to manage wind turbine supply 
constraints, consolidation on the development end of the business 
continued the strong trend that began in 2005, with a large 
number of significant acquisitions, mergers, and investments. 
Table 4 provides a listing of acquisition arid investment activity 
among U.S.wind developers in the 2002 through 2006 tirneframe. 
In summary, 13 transactions totaling roughly 35,000 MW of in- 
developmerit wind projects (also called the development ”pipe- 
line”) were announced in 2006, up from nine transactions totaling 
nearly 12,000 MW in 2005,and only four transactions totaling less 
than 4,000 MW from 2002 through 2004.8 

A number of large companies have entered the wind develop- 
ment business in recent years,including AES,Goldmari Sachs, 
Shell, BP, and John Deere, some through acquisitions and others 
though their own development activity,or through joint develop- 
rnent agreements with others. Other active wind development 
companies include (but are not limited to) FPL Energy, PPM Energy, 
Iberdrola, Babcock & Brown, Airtricity, RES, UPC Wind, Invenergy, 
Edison Mission, enXco, Clipper, Acciona, Enel, NRG Energy (Padorna), 
Gamesa, Cielo, Noble Environmental Power, Exergy, U.S.Wind Force, 
Wind Capital Group, Foresight,Western Wind,and Midwest Wind 
Energy. 

‘Table 4. Merger and Acquisition Activity among U.S. Wind Development Companies* 

* Select list of announced transactions; excludes joint development activity. 
Source: Befieley Lab and Black & vealch. 

8 Consolidation and investment continues in 2007 -as of May,an additional four transactions, totaling more than 15,000 MW of wind project pipeline, have 
been announced (most prominently,these transactions include Goldrnan Sachs’sale of Horizon Wind to EDP). 
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A variety of innovative ownership and financing structures have 
been developed by the US. wind industry in recent years to serve 
the purpose of allowing equity capital to fully access federal tax 
incentives. The two most common structures employed in 2006 
were corporate balance-sheet finance (e.g., that used by FPL Energy) 
and so-called “flip”structures involving institutional “tax equity” 
investors (e.g.,the”Babcock & Brown model”)? Both of these 
structures typically involve no debt at the project level, though 
some project developers involved in flips are increasingly employ- 
ing so-called”back 1everage”to debt-finance their own equity stake 
in the project (likewise, FPL Energy and others may finance portions 
of their balance sheet with debt). Although these all-equity project 
structures dominated the market in 2006,term debt still played a 
role in several new project financings, as well as in refinancings of 
existing projects and portfolios. Debt providers also offered shorter- 
term turbine supply loans,construction debt,and back leverage 
(i.e., at the sponsor, rather than project, level). 

The year 2006 saw a continued expansion of the number of 
equity and debt providers to wind projects: there were at least 
a dozen tax-equity investors involved in 2006 projects (up from 
just three a few years ago),and eleven banks acting as lead debt 
arrangers (up from just a few several years ago). This ongoing 
infusion of willing capital has continued to drive down the cost of 
both equity and debt: anecdotal information suggests that the cost 
of tax equity for high-quality, well-structured deals has declined 
by approximately 300 basis points (3%) in the past four years, 
Nhile interest rate margins on debt transactions have declined by 
approximately 50 basis points (0.5%) over the same period. This 
trend towards cheaper capital has helped to dampen the impact 
of recently-rising wind turbine costs on wind power prices. 

are owned by local electrical utilities,the vast majority of which 
are investor-owned utilities (IOUs), as opposed to publicly owned 
utilities (POUs). Community wind power projects - defined here 
as projects owned by towns,schools, commercial customers, and 
farmers, but excluding publicly owned utilities - constitute the 
remaining 4% of 2006 projects. Of the cumulative 1 1,575 MW of 
installed wind capacity at the end of 2006, lPPs owned 85% (9,817 
MW), with utilities contributing 13% (1,190 MW for IOlJs and 309 
MW for POUs),and community ownership just 2% (258 MW). 

Though still a small contributor overal1,community wind power 
projects have grown from just 0.2% of total cumulative U.S.wind 
capacity as recently as 200 1 to 2.2% at the end of 2006. This growth 
has come despite sizable barriers, including the challenge of 
securing small turbine orders in the midst of the current turbine 
shortage. However, with help from both state and federal policies 
that specifically or differentially support community wind power 
projects, including lJSDA Section 9006 grants, community-scale 
wind continues to fare well in certain states,including Minnesota 
and Iowa. 

Investor-owned utilities (IOlJs) continue to be the dominant 
purchasers of wind power, with 47% of new 2006 capacity and 58% 
of cumulative capacity selling power to lOUs (see Figure 8). Publicly 
owned utilities (POUs) have also taken an active role, purchasing the 
output of 14% of both new 2006 and cumulative capacity. 

The role of power marketers - defined here as corporate inter- 
mediaries that purchase power under contract and then resell that 
power to others,sometimes taking some merchant risklo - in the 
wind power market has increased dramatically since 2000. As of the 
end of 2006, power marketers were purchasing power from 16% of 
the installed wind power capacity in the U.S.,though these entities 
purchased the output of just 7% of the new projects built in 2006. 

Another sign of the increased 
maturity and acceptance of the 
wind sector is that electric utilities 
have begun to express greater 
interest in owning wind assets. 
As shown in Figure 7, private 
independent power producers 
(IPPs) continued to dominate the 
wind industry in 2006, owning 7 1 % 
of all new capacity. As demonstra- 
tion of a growing trend, however, 
25% of total wind additions in 2006 

2006 Capacity by 
Owner Type 
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Figure 7. Cumulative and Annual (2006) Wind Capacity Categorized by Owner Type 

Community:-I I-_ POU: 

9 These two structures,along with five others currently used by the U.S.wind power industry,are examined in a forthcoming Berkeley Lab report. 

10 Here we define power marketers to include not only traditional marketers such as PPM Energy, but also the wholesale power marketing affiliates of large 
investor-owned utilities (e.g.,PPL Energy Plus in PJM orTXU Wholesale inTexas),which may buy wind power on behalf of their load-serving affiliates. 
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Increasingly,owners of wind 
projects are taking on some 
merchant risk, meaning that 
some portion of their electric- 
ity sales revenue is tied to 
short-term or spot market 
sales.11 The owners of 32% 
of the wind power capacity 
added in 2006,for example, 
are accepting some merchant 
risk, bringing merchant/quasi 
merchant ownership to 1 1 % 
of total cumulative US. wind 
capacity. The majority of this 
activity exists inTexas and New 
York- both states in which 

Marketer: - 
1998 1999 2000 2001 2002 2003 2004 2005 2006 174 MW (7%) 

Source Berkeley Lab estimates based on AWWGEC wind project database 

Figure 8. Cumulative and Annual (2006) Wind Capacity Categorized by Power Off-lake Arrangement 

wholesale spot markets exist, 
where wind power may be able 
to compete with these spot prices,and where additional revenue 
is possible from the sale of renewable energy certificates (REG). 

Although the wind industry appears to be or1 solid footing,the 
weakness of the dollar, rising materials costs,a concerted movement 
towards increased manufacturer profitability,and a shortage of 
components and turbines continued to put upward pressure on 
wind turbine costs,and therefore wind power prices in 2006. 

Berkeley Lab maintains a database of wind power sales prices, 
which currently contains price data for 85 projects installed 
between 1998 and the end of 2006. These wind projects total 
5,678 MW,or 58% of the incremental wind capacity in the U.S. 
over the 1998 through 2006 period. 

by the project owner,and might typically be considered busbar 
The prices in this database reflect the price of electricity as sold 

energy prices.12 These prices are 
reduced by the receipt of any available 
state and federal incentives (e.g.,the 
PTC),and by the value that might be 
received through the separate sale of 
renewable energy certificates (RECsI.13 
As a result,these prices do not 
represent wind energy generation 
costs,and generation costs cannot be 
derived by simply adding the PTC's 
value to the prices reported here. 

Based on this database,the 
cumulative capacity-weighted 
average power sales price from our 
sample of post-1997 wind projects 
remains low by historical standards. 
Figure 9 shows the cumulative 
capacity-weighted average wind 

power price (plus or minus one standard deviation around that 
price) in each calendar year from 1999 through 2006. Based on 
our limited sample of 7 projects built in 1998 or 1999 and totaling 
450 MW,the weighted-average price of wind in 1999 was just under 
$61/MWh (2006 dollars). By 2006, in contrast,our cumulative sample 
of projects built from 1998 through 2006 had grown to 85 projects 
totaling 5,678 MW,with an average price of $36/MWh (with the one 
standard deviation range extending from $23/MWh to $49/MWh). 
Although Figure 9 does show a slight increase in the cumulative 
weighted-average wind power price in 2006, reflecting rising prices 
from projects built in 2006,the cumulative nature ofthe graphic 
mutes the degree of increase. 

To better illustrate the 2006 price increase and, more generally, 
changes in the price of power from newly built wind projects over 
tirne, Figure 10 shows average wind power sales prices in 2006, 
grouped by each project's initial comrnercial operation date 
(COD). Although our limited project sample and the considerable 
variability in prices across projects installed in a given time period 

\ 

Cumulative Capacity-Weighted Average Wind Power Price (+/- 1 standard deviabon) 
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Source; Berkeley Lab database 

Figure 9. Cumulative Capacity-Weighted Average Wind Power Price over Time 

11 Though, even i r i  these cases, hedging transactions are commonly used to mitigate price risk. 

12 These prices will typically include interconnection costs and, in some cases, transmission expansion costs that are needed to ensure delivery of the energy to 

13 Only 9 of the 85 projecXs in our sample appear to receive additional revenue (beyond the bundled power price reported) for the sale of R E G .  See Figure 1 1 

1 

the purchaser. 

for more information on these 9 projects. 
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Nevertheless, a simple comparison of these prices with recent 
wholesale power prices throughout the United States demonstrates 
that wind power has generally provided good value in wholesale 
power markets over the past few years. Figure 13 shows the range 
of average annual wholesale power prices for a flat block of power17 
going backto2003 at  26 different pricing hubs located throughout 
the country. Refer to Figure 12 forthe names and approximate 
locations of the 26 pricing hubs represented by the blue-shaded 
area. The red dots show the cumulative capacity-weighted average 
price received by wind projects in each year among those projects 
in our sample with commercial operations dates of 1998 through 
2006 (consistent with the data presented in Figure 9). At  least on 
a cumulative basis within our sample of projects,wind has consis- 

tently been priced at  
or below the low end of the 
wholesale power price 
range.18 

that wind projects installed 
from 1998 through 2006 
have, since 2003 at  least, been 
a good value in wholesale 
markets on a simple, nation- 
wide basis,there are clearly 
regional differences in 
wholesale power prices and 
in the average price of wind 
power. These variations are 
reflected in Figure 14,which 
focuses on 2006 wind and 
wholesale power prices in the 
same regions shown earlier 
in Figures 11 and 12,again 
based on our entire sample of 
wind projects installed from 
1998 through 2006. Although 
there is quite a bit of variabil- 
ity within some regions, in 
most regions the cumulative 
capacity-weighted average 
wind power price of our 
sample was below the range 
of average annual wholesale 
prices in 2006. 

Figures 13 and 14 use 
cumulative wind price data 
for projects installed from 
1998 through 2006, but wind 
prices have risen in recent 
years, and especially in 2006. 

ot 
encompass the full costs or benefits of wind power. AS mentioned, 
the prices do not universally include the value of RECs,and are 
also suppressed by virtue of federal and, in some cases,state tax 
and financial incentives. Furthermore, these prices, which typically 
represent only the busbar cost of energy,do not fully reflect 
integration or transmission costs,or the value of wind power 
in reducing carbon emissions and fuel price risk. 

_ - - - - - - _ _ - _ - - _ _ _ _ _ _ _ - _ - - _ - - - - - - - - _ - - - - - - - - _ - - _ _ _ - - - _ _ _ _ _ 
_ - _ _ _ _ _ _ - - -  Wind project sample includes projects built from 1998-2006 

_ - _ - - - - 
Though Figure 13 suggests 

- - - - - - 

- ._ 

_ _ _ _ _ _ - _ - - _ - _ _ _ _ _ _ _ - _ _ _ _ _ _  --a 

-~ Nationwide Wholesale Power Price Range (for a flat block of power) 
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Wind project sample includes projects built from 1998-2006 
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Texas I Heartland Mountain Northwest GreatLakes East I California ' 
3 projects 36 projects 11 projects 11 projects 3 projects 9 projects 12 projects 
315 MW 2,070 MW 981 MW 897 MW 135 MW 589 MW 691 MW 

'OL 
Source FERC 2006 "State of the Markef" report, Berkeley La6 database 

Figure 14. Average Cumulative Wind and Wholesale Power Prices by Region 

17 Though wind projects do not provide a perfealyflat blockof power,as a common point of comparison,a flat block is not an unreasonable starting point. In 
other words,the time-variability of wind generation is often such that i ts wholesale market value is not too dissimilar from that of a flat block of (non-firm) 
power. 

18 It is worth noting that the comparison between wind power and wholesale prices in Figures 13-15 is,arguably,somewhat spurious for a number of reasons: 
( 1 )  wholesale power prices do not always reflect both the capital and operating costs of new generation projects,whereas our wind prices represent all-in 
levelized costs; (2) in regions where capacity markets exist, wholesale prices presumably reflect only the value of energy, whereas wind projects may provide 
both energy and limited capacity value;and (3) we have ignored relative transmission and integration costsand the environmental and risk-reduction 
benefits of wind power. Another way to thinkof Figures 13-1 5, however, is as representing the decision facing wholesale power purchasers - i.e.,whether to 
contract long-term for wind power or buy a flat block of (non-firm) spot power on the wholesale market. In this sense, the costs represented in Figures 13-1 5 
are reasonably comparable, in that they represent what the power purchaser would actually pay in either case for power. 
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Focusing just on those 
projects in our sample that 
were built in 2006 (as 
opposed to 1998 through 
2006) tells a rnore cautious 
story. As shown in Figure 15, 
only in the Heartland region 
was our sample of projects 
installed in 2006 consis- 
tently priced below average 
regional wholesale prices 
in that year. The recent 
increase in wind power 
prices is clearly eroding, to a 
degree,the strong competi- 
tive position that wind held 
relative to wholesale power 
prices in the 2003 to 2005 
timeframe. 
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o Individual Project 2006 Wind Power Price 
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Heartland Northwest Mountain California East 
3 projects 2 projects 2 projects 2 projects 1 project 
160 MW 209 MW 150 MW 188 MW 26 MW 

Source FERC 2006 "State of the Market" report, Berkeley lab database 

Figure 15. Wind and Wholesale Power Prices by Region: 2006 Projects Only 

I 
Total US. 

10 projects 
732 MW 

Wind power sales prices ,.,% 

are affected by a number 
of factors,two of the most 
important being installed 
project costs and project 
performance.19 Figures 16 
and 17 illustrate the impor- 
tance of these two variables. 

Figure 16 shows a clear 
relationship between project- 
level installed costs and power 
sales prices for a sample of 
more than 5,000 MW of wind 
projects installed in the US. 
Figure 17, meanwhile,demon- 
strates a similarly striking 
(inverse) relationship between 
2006 project-level capacity 
factors and 2006 power sales 
prices for a sample of nearly 
4,900 MW of installed U.S. 
wind projects. The next few 
sections of this report explore 
trends in installed costs and 
project performance in more 
detail. 

Sample includes 69 projects built from 1998-2006, totaling 5,040 MW 

I 

$1,000 $1,100 $1,200 $1,300 $1,400 $1,500 $1,600 $1,700 $1,800 
Source Berkeley Lab database 

Figure 16. 2006 Wind Power Price as a Function of Installed Project Costs 

Installed Cost (2006 $/kW) 

Sample includes 63 projects built from 1998-2005, totaling 4,872 MW 
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Figure 17. 2006 Wind Power Price as a Function of 2006 Capacity Factor 
2006 Capacity Factor (%) 

19 Operations and maintenance (O&M) costs are another important variable that  affect w ind  power prices. A later section o f th is  report covers trends in project- 
level O&M costs. 
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installed in 2003 through 2006, 
Figure 20 shows that average 
costs equaled $1,36S/kW 
nationwide, but vary by region. 
Higher cost regions are shown 
to include New England, 
California,and the East, while 
Texas and the Heartland are 
found to be the lowest cost 
regions.20 

Increases in wind power 
prices and overall installed 
project costs, riot surprisingly, 
mirror increases in the cost of 
wind turbines. Berkeley Lab has 
gathered data on 32 U.S.wind 
turbine transactions totaling 
8,986 MW and spanning the 
1997 through 2006 period. 
Sources of transaction price data 
vary, but most derive from press 
releases and press reports. Wind 
turbine transactions differ in the 
services offered (e.g., whether 
towers and installation are 
provided,the length of the 
service agreement, etc.), driving 
some of the observed intra-year 
variability in transaction prices. 
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Source Berkeley Lab database 

Figure 20. Installed Wind Project Costs by Region: 2003 through 2006 Projects Only 
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Figure 21. Reported U.S. Wind-Turbine 'Transaction Prices over Time 

Announcement Date 

Nonetheless, most of the transactions included in the Berkeley 
Lab database likely include turbines,towers,erection,and limited 
warranty and service agreements; unfortunately, because of data 
limitations, we were to unable to determine the precise content 
of many of the individual transactions. 

Despite these limitations, Figure 21 depicts reported wind- 
turbine transaction prices for U.S.turbine sales,frorn 1997 through 
2006. Since hitting a nadir in the 2000 through 2002 period,turbirie 
prices appear to have increased by more than $400/kW (60%), ori 
average. Recent increases in turbine prices have likely been caused 
by several factors, including the declining value of the U.S.dollar 
relative to the Euro, increased materials and energy input prices 
(e.g., steel arid oil), a general move by manufacturers to improve 
their profitability,shortages in certain turbine components,and an 
up-scaling of turbine size (and hub height) and sophistication.21 
The shortage of turbines has also led to a secondary market in 

turbines,through which prices niay be even higherthan those 
shown in Figure 21. Though by no means definitive, Figure 21 also 
suggests that larger turbine orders (> 300 MW) may have generally 
yielded somewhat lower pricing than smaller orders at  any given 
point in time. 

This trend of increasing turbine prices suggests that virtually the 
entire recent rise in installed project costs reported earlier has come 
from turbine price increases (recognizing that these prices reflect 
the cost of turbines,towers,and erection). In fact, because our 
sample of project-level costs has increased, on average, by just over 
$200/kW during the last several years,while turbine prices appear 
to have increased by $400/kW over the same time span,it appears 
as if further increases in project costs should be expected in the 
near future as the increases in turbine prices flow through to 
project costs. 

20 Graphical presentation of the data in this way should beviewed with some caution,as numerous factors influence project costs (e.g,wtiether projects are 
repowered vs.greenfield development,etc). As a result,actual cost differences among some regions may be more (or less) significant than they appear in 
Figure 20. Further statistical analysis of these project-level capital cost data will be made available later in 2007 in a forthcoming Berkeley Lab report, and 
those results should provide a better basis for inter-regional comparisons. 

21 More information on these factors will be available in a forthcoming Berkeley Lab report. 

( 
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Though recent turbine and installed project cost increases have 
driven wind power prices higher,improvements in wind project 
performance have mitigated these impacts to some degree. In 
particular,capacity factors have increased for projects installed 
in recent years,driven by a combination of higher hub heights, 
improved siting, and technological advancements. 

Figures 22 and 23,as well asTable 5, present excerpts from a 
Berkeley Lab compilation of wind project capacity-factor data. 
The sample c.onsists of 1 15 projects built between 1983 and 2005 
totaling 7,918 MW (87% of nationwide, installed wind capacity at 
the end of 2005).22 Though capacity factors are not the ideal metric 
of project performance due to variations in the design and rating 
of wind turbines,absent rotor diameter data for each project,we are 
unable to present the arguably more relevant metric of electricity 
generation per square meter of swept rotor area. Both figures and 
the table summarize project- 
level capacityfactors in the 
year 2006,thereby limiting the 
effects of inter-annual 
fluctuations in the nationwide 
wind resource.23 

As shown in Figure 22, 
capacity-weighted average 
2006 capacity factors in the 
Berkeley Lab sample increased 
from 22.5% for wind projects 
.xtalled before 1998, to 

roughly 30% to 32.5% for 
projects installed from 1998 
through 2003,and to roughly 
36% for projects installed 
in 2004 through 2005. The 
average capacity factor of 
projects installed in 2004 
through 2005 (36%) is 
approximately 20% greater 
than that ofthe 1998 through 
1999 vintage projects in our 
sample (30%).24 

Though the overall trend 
is towards improved perfor- 

projects installed within a given time period. Some of this spread is 
attributable to regional variations in wind resource quality. Figure 
23 shows the regional variation in 2006 capacity factors, based on a 
sub-sample of wind projects built from 2002 through 2005. For this 
sample of projects,capacity factors are the highest in Texas and the 
Heartland (above 35% on average), and lowest in the Great Lakes 
and the East (below 30% on average). Given the small sample size in 
some regions, however,as well as the possibility that certain regions 
may have experienced a particularly good or bad wind resource 
year in 2006,care should be taken in extrapolating these results. 

Though limited sample size is again a problem for many regions, 
Table 5 illustrates trends in 2006 capacityfactors over time, by 
region. In the Heartland andTexas,the two regions with the largest 
sample of projects in terms of installed MW,the average capacity 
factor of projects installed in 2004 through 2005 (39%) is approxi- 
mately 30% greater than that ofthe 1998 through 1999 vintage 
projects in our sample (30%). 

n Capacity-Weighted Average 2006 Capacity Factor, by COD 
o Individual Project 2006 Capacity Factor, by COD 

20 projects 20 projects 25 projects 25 projects 25 projects 
936 MW 875 MW 1,741 MW 1,911 MW 2,455 MW 

Source Berkeley La6 database 

Figure 22. 2006 Project Capacity Factors b y  Commercial Operation Date 
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spread in project-level 
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Source: Berkeley La6 database 

Figure 23. 2006 Project Capacity Factors by Region: 2002 through 2005 Projects Only 

I tI Capacity-Weighted Average 2006 Capacity Factor (+/- max and min) I 

Though some data for wind projects installed in 2006 are available,those data do not span an entire year of operations. As such,for the purpose of this 
section, we focus on project-level 2006 capacity factors for projects with commercial online dates of 2005 and earlier. 

Focusing just on 2006 means that the absolute capacity factors shown in Figure 22 may not be representative if 2006 was not a representative year in terms 
of the strength of the wind resource. Though we have not formally investigated this question, an informal survey of individual project data suggests that 
2006 was a fairly good wind year,at least relative to 2005. Note also that by including only 2006 capacity factors,variations in the quality of the wind resource 
year in 2006 across regions could skew the regional results presented in Figure 23 and Table 5. 

Conventional wisdom holds that new-project capacityfactors will eventually decline as the best sites are developed and only lower-value wind resource sites 
rernain.Our data showing capacity factor improvements over time suggest that either we have not yet reached that point (i.e.,excellent wind sites are still 
being developed) or else some combination of higher hub heights, better turbine designsand improved micro-siting have outweighed the presumed trend 
towards lower-quality sites (or both1.Though we have not formally investigated this issue, it seems likely that a combination of events - including all of those 
listed here -are behind the apparent increase in capacity factors from more recent projects. 
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Table 5. Capacity-Weighted Average 2006 Capacity Factors by Region and Commercial Operation Date 

Mountain Northwest East Great lakes 

- - - - 
35.2% 30.1 Yo - 19.6% 

30.1% 29.5% 22.2% 23.8% 

30.3% 31.1 yo 30.3% 21.9% 

41 .O% 31.5% 26.7% 32.3% 

9 

Operations and maintenance (O&M) costs are a significant 
component of the overall cost of wind projects, but can vary widely 
among projects. Market data on actual project-level O&M costs for 
wind plants are scarce. Even where these data are available,care 
must be taken in extrapolating historical O&M costs given the 
dramatic changes in wind turbine technology that have occurred 
over the last two decades, not least of which has been the up- 
scaling of turbine size (see Figure 6). 

plants in the U.S.,totalirig 3,937 MW of capacity,with cornmercial 
operation dates of 1982 through 2005. These data cover facilities 

Berkeley Lab has compiled O&M cost data for 89 installed wind 

owned by both independent power 
producers and utilitiesthough data 
since 2004 is exclusively from utility- 
owned plants. A full time series of 
O&M cost data, by year, is available 
for only a small number of projects; 
in all other cases,O&M cost data are 
available for just a subset of years of 
project operations. Although the 
data sources do not all clearly define 
what items are included in O&M 
costs, in most cases, the reported 
values appear to include the costs 
of wages and materials associated 
with operating and maintaining 
the facilityas well as rent (i.e.,larid 
lease payments). Other ongoing 
expenses, including taxes, property 

MW # MW 
- - - 

3 22 
76 1 30 
161 1 50 
255 1 54 

- 

insurance, and workers' compensation insurance, generally are not 
included. Given the scarcity and varying quality of the data,caution 
should be taken when interpreting the results shown below. Note 
also that we present the available data in $/MWh terms, as if O&M 
represents a variable cost. In fact,O&M costs are in part variable, 
and in part fixed.25 

Figure 24 shows project-level O&M costs by year of project 
installation. Here,O&M costs represent an average of annual 
project-level data available for the years 2000 through 2006. For 
example,for projects that reach commercial operations in 2005, 
only year 2006 data are available,and that is what is shown in the 
figure.26 Many other projects only have data for a subset of years 
during the 2000 through 2006 period,either because they were 
installed after 2000 or because a full time series is not available,so 
each data-point in the chart may represent a different averaging 

,$ 
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Figure 24. Average O&M Costs for Available Data Years from 2000-2006, by Last Year of Equipment 
Installation 

0 

25 Although not presented here,expressirig O&M costs in units of $/kW-yr was found to yield qualitatively similar results. I 
\ 

26 No 2006 projects are shown because we only use data from the first full year of project operations (and afterwards), which in this case would be year 2007 
(for which data are not yet available). This makes projects that achieved commercial operations in 2005 the last in our series in this annual report (because 
full-year 2006 data are available in some cases). 
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period over the 2000 through 2006 timeframe. The chart also 
identifies which of the data-points contain our most-updated data, 
from 2005 through 2006. 

The data exhibit considerable spread,demonstrating that O&M 
costs are far from uniform across projects. However, Figure 24 
suggests that projects installed more recently have,on average, 
incurred much lower o&M costs. Specifically, capacity-weighted 
average 2000 through 2006 O&M costsfor projects in our sample 
constructed in the 1980s equal $3O/MWh,dropping to $ZQ/MW~ for 
projects installed in the 1990s,and to $8/MWh for projects installed 
in the 200Os.27 This drop in O&M costs may be due to a combina- 
tion of at  least two factors: ( 1) O&M costs generally increase as 
turbines age and component failures become more common;and 
(2) projects installed more recently, with larger turbines and more 
sophisticated designs, may experience lower overall O&M costs on 
a per-MWh basis. Given data limitations,we are unable to test the 
hypothesis that O&M costs have decreased as turbines have grown 
in size. 

In addition to turbine size, 
another variable that may - (u 

impact O&M costs is project size. 3 $40 
Figure 25 narrows in on projects P Fj 

5% installed in 1998 or later,and 
presents average O&M costs for gg $30 
2000 through 2006 (as in Figure 5 2 

8 $20 
24) relative to project size.28 
Though substantial spread in the z E 

data exists and the sample is too 
small for definite conclusions, So 
srojea size does appear to have 
some impact on average Q&M 
costs, with higher costs typically 
experienced by Smaller Projects. 
More data would be needed to 
confirm this inference. 

Finally, Figure 26 shows 
annual O&M costs over time, 
based on the number of years 
since the last year of equipment 
installation. Annual data for 
projects of similar vintages are 
averaged together, and data for 
projects under 5 MW in size are 
excluded (to avoid significant 
economies of scale impacts on 
the graphic). Note that,for each 
group,the number of projects 
used to compute the average 
annual values shown in the 
figure varies substantially (from 
2 to 17 data points per project- 
year for projects installed in 1998 

through 1999;from 6 to 15 data points per project-year for projects 
installed in 2000 through 2001;9 data points for projects installed in 
2002 through 2003;and 2 data points for projects installed in 2004 
through 2005).29 With this limitation in mind,the figure appears to 
show that projects installed in 2000 and later have lower O&M costs 
than those installed in 1998 and 1999, at  least during the initial years 
of Weration. In addition,the data for projects installed in 1998 
throtJgh 1999 show a general upward trend in project-level O&M 
costs overthe first 6 full years of project operation, though the 
sample size after year four is quite limited- 

useful predictors of O&M costs for the latest turbine madels.The 
US. DOE Wind Energy Program is currently funding additional 
efforts to better understand the drivers for O&M costs and campo- 
nent failures,and to develop models to project future O&M costs 
and failure events. 

Though interesting,the trends noted above are not necessarily 
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Figure 25. Average O&M Costs for Available Data Years from 2000-2006, by Project Size 
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Source. Berkeley lab database, averages shown on/y for groups of two or more projects 

Figure 26. Annual Average O&M Costs, by Project Age and Last Year of Equipment Installation 

7 Many of these latter projects may st i l l  be within their turbine manufacturer warranty period, in which case the O&M costs reported here may or may not 
include the costs of the turbine warranty, depending on whether the warranty is paid up-front as part of the turbine purchase, or is paid over time. 

28 Excluded from Figure 25 are average data bars that rely on just one data point. 

29 Excluded from Figure 26 are average data bars that rely on just one data point. 
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Table 6. Key Results from Major Wind Integration Studies Completed 2003-2006 

Source National Renewable Energy Laboratory resulting in a better accounting of 
wind's impacts and costs (recall that thesellintegration costs"were 
riot included in the busbar wind power prices presented earlier). 

Table 6 provides a selective listing of results from rnajor wind 
integration studies completed from 2003 through 2006. Because 
methods vary and a consistent set of operational impacts has not 
been included in each study, results from the different analyses are 
not perfectly cornparable. Nonetheless,the key findings of two 
rnajor new studies completed in 2006 in Colorado and Minnesota 
are broadlyconsistent with those in earlier work,and (at a mini- 
mum) show that wind integration costs are generally approximately 
$5/MWh,or less,for wind cupaciw penetrations30 up to about 15% 
of the local/regional peak load in which the wind power is being 
delivered31 Regulation arid load-following impacts are generally 
found to be small, whereas the impacts of wind on unit rommit- 
ment are more significant.32 

Relatively little investrnerit has been made in new transmission 
over the past 15 to 20 yearsand in recent years it has become clear 
that lack of transmission access and investment are rnajor barriers 
to wind development in the U.S. New transmission facilities are 
particularly important for wind resource development because 
of wind's locatiorial dependence and distance from load centers. 
In addition,there is a mismatch between the short lead times for 

developing wind projects and the lengthier time often needed to 
develop new transmission lines. Furthermore, wind's relatively low 
capacity factor can lead to underutilization of new transmission 
lines that are intended to only serve wind. The question of"wtio 
pays?"for new transmission is also of critical importance to wind 
developers and investors. Transmission rate pancaking, charges 
imposed for inaccurate scheduling, and interconnection queuing 
procedures have also sornetirnes been identified as impediments 
to wind capacity expansion. 

A number of developments occurred in 2006 that promise to 
help ease some of these barriers over tirne. The US. DOE issued a 
national transmission Congestion study that designated southern 
California arid the mid-Atlantic coastal area from New York City to 
northern Virginia as"critica1 congestion areas."Under the Energy 
Policy Act of 2005 (EPAct 2005), the U.S. DOE can nominate National 
Interest ElectricTransmission Corridors, and the Federal Energy 
Regulatory Commission (FERC) can approve potential new transmis- 
sion facilities in these corridors if states do riot act within one year, 
or do not have the authority to act,arnorig other conditions.33 
Separately, FERC issued a rule allowing additional profit incentives 
for transmission owners on a case-by-case basis, also as required 
by EPAct 2005, and thereby potentially encouraging greater 
transmission investment. 

In the West,the Western Governors Association adopted a 
policy resolution through its Clean and Diversified Energy Advisory 
Comrnittee that included a goal of 30,000 MW of clean energy by 
201 5, with potentially significant contributions from wind power. 
The recommendations of this committee to advance wind included 

30 Wind penetration on a capacity basis (defined as nameplate wind capacity serving a region divided by that region's peakelectricity demand) is frequently 
used in integration studies. For a given amount of wind capacity, penetration on a capacity basis is typically higher than the comparable wind penetration in 
energy terms. 

31 The recently completed study in Minnesota found that a 25% wind penetration within the state, based on energy production (31% based on capacity),would 
cost $4.41/MWh or less. This low cost at such a high Penetration rate is caused, in part, by the extensive interactions with the Midwest independent System 
Operator (MISO) markets. The low cost found in the California study is partly a reflection of the limited number of cost factors that were considered in the 
analysis. 

completion of the California Intermittency Analysis Project,and further work in the Pacific Northwest. Studies evaluating wind integration in the Southwest, 
and perhaps throughout the West,are also in the early planning stage. 

33 The US. DOE has since issued draft National interest ElectricTransmission Corridor designations for the two regions identified above and,as of this writing, is 
receiving comments on this draft designation. 

32 A number of additional wind integration analyses are planned for 2007, including a study of even-higher wind power penetrations in Colorado, the i 
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not only transmission expansion, but also more efficient use of the 
existing transmission grid through new transmission products such 
qs’tonditional firm”transmission service. Conditional firm service 
Jrovides firm transmission service except during times of peak 

demand,when transmission could be curtailed. 

At the state level, several states are proactively developing the 
transmission infrastructure needed to accommodate increased 
wind development. In 2006,Texas began the process of identifying 
and creating Competitive Renewable Energy Zones: areas in which 
renewable resource availability is significant and to which transmis- 
sion infrastructure would be built in advance of installed generation, 
with costs recovered through transmission tariffs. Meanwhile, 
in California, progress was made in developing elements of the 
Tehachapi transmission plan to access more than 4,000 MW of wind 
power. In the Midwest, utilities continued preparing permit applica- 
tions to the Minnesota PUC for the first group of proposed transmis- 
sion lines under the Capital Expansion by 2020 (CapX 2020) plan,a 
plan that would facilitate increased access to wind resources. Finally, 
a large number of transmission projects that may include delivery 
of wind power are in various stages of planning, including TransWest 
Express, Frontier, Northern Lights,TQT3,Seabreeze West Coast Cable, 
SunPath, and SunZia.34 

A variety of policy drivers have been important to the recent 
expansion of the wind power market in the US. Perhaps most 
)bviously, the continued availability of the federal production tax 

credit (PTC) has sustained industry growth. First established by 

the Energy Policy Act of 1992,the PTC provides a 1 0-year credit at  
a level that equaled l.gC/kWh in 2006 (adjusted upwards,in future 
years,for inflation). The importance of the PTC to the 1J.S. wind 
industry is illustrated by the pronounced lulls in wind capacity 
additions in the three years in which the PTC has lapsed: 2000, 
2002,and 2004 (see Figure 1). 

A number of other federal policies also support the wind 
industry. Wind power property,for example, may be depreciated 
for tax purposes over an accelerated 5-year period. Because tax- 
exempt entities are unable to take direct advantage of tax incen- 
tives,the Energy Policy Act of 2005 created the Clean Renewable 
Energy Bond (CREB) program, effectively offering interest-free debt 
to eligible renewable projects.35 Finally, Section 9006 of the 2002 
Farm Bill established the USDA’s Renewable Energy and Energy 
Efficiency program to encourage agricultural producers and small 
rural businesses to use renewable and energy efficient systems. 

State policies also continue to play a substantial role in directing 
the location and amount of wind development. Berkeley Lab has 
estimated that over the 2001 through 2006 timeframe,for example, 
approximately 50% of the wind power capacity built in the US. 
was motivated,to some extent at least, by state renewables portfolio 
standards (RPS);this proportion grew to 60% for installations in 
2006. Utility resource planning requirements in Western and 
Midwestern states have also helped spur wind additions in recent 
years,as has growing voluntary customer demand farl‘green” 
power, especially among commercial customers. Additionally, state 
renewable energy funds provide support for wind projects,as do 
a variety of state tax incentives. 
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Figure 27. Timeline of State RPS Enactments and Revisions 

34 Important transmission developments have continued in 2007. In March 2007, FERC issued Order 890, which includes several provisions of importance to 
wind, such as reform of Order 888 energy imbalance pena1ties;establishment of a’lconditional firm”transmission service;and requiring transmission providers 
to file transmission plans with FERC that meet certain principles. In April 2007, FERC approved in principle a proposal from the California I S 0  to establish a 
new transmission interconnection category aimed a t  large-scale development of renewable energy facilities in defined geographic areas (including, most 
immediately,Tehachapi). Finally,as already noted,in May 2007, DOE proposed two draft National Interest Electriclransmission Corridors,one in the Mid- 
Atlantic region and one in the Southwest. 

35 Such entities have also been eligible to receive the Renewable Energy Production Incentive (REPI),which offers a 10-year cash payment equal in face value to 
the PTC, but the need for annual appropriations and insufficient funding have limited the effectiveness of REPI. 

Annual Report on U.S. Wind Power Installation, Cost, and Performance Trends: 2006 



Key policy developments in 2006 included: 

* In December,theTax Relief and Health Care Act of 2006 extended 
the in-service deadline for the PIC by one year,allowing wind 
projects that come on line through 2008 full access to the 
10-year credit. 
In November, the IRS announced the distribution of the first 
$800 million in CREBs, including nearly $270 million for 112 wind 
power projects totaling roughly 200 MW. One month later,the 
Tax Relief and Health Care Act of 2006 added a second CREB 
allocation of $400 million, with applications due mid-2007. 

* In August,a total of more than $17 million in grant awards were 
announced under the Section 9006 grant program, including 
$4.075 million for 14 wind projects totaling 28 MW in capacity. 
One new state (Washington) enacted an RPS, bringing the total 
to 21 states and Washington D.C.at the end of 2006. Several 
states revised their RPS requirements in 2006,in most cases 
making them more stringent (see Figure 27)P 
State renewable energy funds (in existence in more than 
15 states),state tax incentives, utility resource planning require- 
ments, green power markets,and growing interest in carbon 
regulations all helped contribute to wind expansion in 2006. 

Though transmission availability, siting and permitting conflicts, 
and other barriers remain,2007 is, by all accounts,expected to be 
another excellent year for the U.S.wirid industry. With the PTC now 
extended through 2008, the American Wind Energy Association 
and BTM Consult expect robust 25 to 30% growth in wind power 
capacity in 2007,and strong growth should extend at least through 
2008. With backing from industry arid government, new efforts 
to seriously explore ambitious long-term targets for wind power 
commenced in 2006:a joint DOE-AWEA report that explores the 
possible costs, benefits,challenges,and policy needs of meeting 
20% of the nation’s electricity supply with wind power is planned 
for completion in 2007. 

Data on wind power additions in the U.S.come from a database 
maintained by the American Wind Energy Association (AWEA) and 
Global Energy Concepts (GEC). Annual wind capital investment 
estimates derive from multiplying the wind capacity data from the 
AWElVGEC dataset by weighted-average capital cost data, provided 
elsewhere in the report. Data on rion-wind electric capacity 
additions come from the EIA. Data on active, proposed, offshore 
wind development activity in the US. were compiled by NREL, 
based on press reports and other data sources. 

Global cumulative (and 2006 annual) wind capacity data come 
from BTM Consult, with cumulative data revised to include the most 

recent AWEA/GEC data on U.S.wind capacity. Historical cumulative 
capacity data come from BTM Consult and the Earth Policy Institute. 
Wind as a percentage of country sales is based on end-of-2006 wind 
capacity data and country-specific assumed capacity factors from 
BTM Consult’s“Wor1d Market Update 2006,”with the exception of 
the U.S.,for which the underlying performance data presented in 
this report are used. Country-specific projected wind generation 
is then divided by projected electricity corisurnption in 2007, based 
on actual 2004 consumption and a country-specific growth rate 
assumed to be the same as the rate of growth from 2000 through 
2004 (country-specific consumption arid growth rates come from 
EIA’s International Energy 0utlook;except for the U.S.,where we use 
projections from AEO 2007 for electricity Consumption in 2007). 

The wind project installation map of the U.S.was created by 
NREL, based in part on the AWEA/GEC dataset and in part on Platts 
data for the location of individual wind power plants. Effort was 
taken to reconcile the GEC/AWEA dataset arid the Platts-provided 
project locations,though some discrepancies remain. Wind as 
a percentage contribution to statewide electricity sales is based 
on AWEA/GEC installed capacity data for the end of 2006 and the 
underlying wind project performance data presented in this report. 
Where necessary,judgment was used to estimate state-specific 
capacity factors. The resulting state wind generation is then divided 
by projected 2007 state retail electricity sales based on EIA-reported 
2005 sales and EIA-projected regional corisurnption growth rates. 

Turbine manufacturer market share and average turbine size 
are derived frorn the AWEA/GEC dataset, and are based on turbine 
installations in a given year (not turbine sales). Data on wind 
developer consolidation and investment trends were compiled by 
Berkeley Lab and Black&Veatch. Data on wind financing trends 
come from a forthcoming Berkeley Lab report. Wind project 
ownership and power purchaser trends are based on a Berkeley 
Lab analysis of the AWElVGEC dataset. 

( 

Power an 
Wind power price data are based on multiple sources, including 

prices reported in FERC Electronic Quarterly Reports (in the case 
of non-qualifying-facility projects), FERC Form 1, avoided cost data 
filed by utilities (in the case of some qualifying-facility projects), pre- 
offering research conducted by Standard & Poor’s and other bond 
rating agencies,and a Berkeley Lab collection of power purchase 
agreements. To reduce the possibility of non-representative outliers, 
only wind power price data from the contiguous lower-48 states are 
included. 

Wholesale power price data were compiled by Berkeley Lab frorri 
Table 3 of the FERC‘s”2006 State ofthe Markets Report”andTab1e 5 
of the FERC’s”2004 State of the Markets Report.” For purposes of the 
regional graphs (Figures 14 and 151, the California-Oregon Border 
(COB) pricing hub is considered part of the Northwest, while the 
Texas wholesale price range considers prices in ERCOTas well as the 
Southwest Power Pool (SPP). 

REC price data were compiled by Berkeley Lab based on a review 
of Evolution Markets‘monthly REC market tracking reports. 

36 Through April 2007,several additional states have strengthened their RPS requirements, including Minnesota, New Mexico,and Colorado. Other states are 
considering enacting RPS policies in 2007, including New Hampshire and Oregon. 
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Installed Project and Turbine Costs 
Berkeley Lab used a variety of public and some private sources 

Jf data to compile capital cost data for a large number of U.S.wind 
power projects. Data sources range from pre-installation corporate 
press releases to verified post-construction cost data. Specific 
sources of data include: EIA Form 412, FERC Form 1,various 
Securities and Exchange Commission filings,various filings with 
state public utilities commissions, WindpowerMonthly magazine, 
AWEA's WindEnergy Weekly, DOE/EPRl's Turbine Verification Program, 
Project Finance magazine,various analytic case studies, and general 
web searches for news stories, presentations, or information from 
project developers. Some data points are suppressed in Figure 18 
to protect data confidentiality. Because the sources are not equally 
credible, little emphasis should be placed on individual project-level 
data; instead, it is the trends in those underlying data that offer 
insight. Only wind power cost data from the contiguous lower-48 
states are included. 

Lab. Sources of transaction price data vary, but most derive from 
press releases and press reports. In part because wind turbine 
transactions vary in the services offered,a good deal of intra-year 
variability in the cost data is apparent. 

Wind turbine transaction prices were also compiled by Berkeley 

nd Project Pefformance 
Wind project performance data were compiled overwhelmingly 

from two main sources: FERC Electronic Quarterly Reports and EIA 
Form 906. Where discrepancies exist among our data sources,those 
discrepancies are handled based on the judgment of Berkeley Lab 
Ytaff. Only wind project performance data from the contiguous 
ower-48 are included. 

Wind Project Operations and intenance Costs 
Wind project operations and maintenance costs come primarily 

from two sources: EIA Form 412 data from 2001 to 2003 for private 
power projects and projects owned by POlJs,and FERC Form 1 data 
for IOU-owned projects.Some data points are suppressed in Figure 
24 to protect data confidentiality. Only O&M data from the contigu- 
ous lower-48 states are included. 

Other 
The wind integration table (Table 6) is an updated version of 

Table 2 in: Parsons, B., M.Milligan,et al."Grid Impacts of Wind Power 
Variability: Recent Assessments from a Variety of lltilities in the 
lJnited States"availab1e at  http://www.nrel.gov/docs/fyO6osti/ 
39955.pdf. Data provided in the transmission and policy sections 
of this paper were compiled by Berkeley Lab, NREL, and Exeter 
Associates. 
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I n  tro duc t i o 11 
j 

State Public Utility Commissions around tlie country are expressing increasing interest in energy efficiency 
as an energy resource. However, traditional regulation may lead to unintended disincentives for the utility 
promotion of end-use efficiency because revenues are directly tied to the throughput of electricity and gas 
sold. To counter this “throughput disincentive,” a number of States are considering alternative approaches 
intended to align their utilities’ financial interests with tlie delivery of cost-effective energy efficiency 
programs. “Decoupling” is a term more are hearing as a mechanism that may remove throughput 
disincentives for utilities to promote energy efficiency without adversely affecting their revenues. 

In its J d y  14, 2004, resolution supporting efficiency for gas and electric utilities, the National Association of 
Regulatoiy Utility Commissioners (NARUC) resolved “to address regulatory incentives to address inefficient 
use of gas and electricity” (NARUC, 2004). In doing so, NARUC found that regulators are confronted with 
questions about what ratemalting mechanisms would be most effective in achieving commission objectives, 
satisfying the needs of utilities, and providing tlie greatest benefit to ratepayers. Decoupling represents a 
departure from coinmon regulatory practice, and States that are considering decoupling should approach this 
with appropriate care. For States considering decoupling, this paper is intended to provide an 
introduction and answer some of the most frequently asked questions, and to help determine if and 
how decoupling might be used. 

1.  what is decoupling? In the electricity and gas sectors, “decoupling” (or “revenue decoupling”) is a 
generic teiin for a rate adjustment mechanism that separates (decouples) an electric or gas utility’s fixed 
cost’ recovery from the amount of electricity or gas it sells. Under decoupling, utilities collect revenues 
based on the regulatoiy determined ievenue requirement, most often on a pel customer basis. On a periodic 
basis r eveniies are “trued-up” to the pr edeteiinined revenue requirement using an automatic rate adjustment. 

The result is that the actual utility revenues should more closely track its projected revenue 
requirements, and should not increase or decrease with changes in sales. Since utilities will be protected 
if their sales decline because of efficiency, pioponents of decoupling contend that they are more likely to 
invest in this resource, 01 may be less likely to resist deployment of otherwise economically beneficial 
efficiency.? Decoupling is also being explored in the watei utility sector, though this paper focuses on tlie 
electiicity and natural gas sectois. 

2. HOW does decoupling work? Decoupling begins with the same rate case process as current 
regulatoiy models use, so it is useful to review traditional ratemaking to understand how decoupling works. 

Howt or-e rutes ore set iitidei- ti*acIitiorid regiilutioii.3 With traditional regulation, the rates utilities can 
charge are determined in a rate case, using the “cost of service” theory of reg~ la t ion .~  Rates are set at a 

For our purposes “fixed costs” are those costs incurred to render sewice, which remain relatively constant 1 

between rate cases. These typically include investment costs, including interest on debt and return on equity, and 
unavoidable maintenance costs for power plants, transmission lines, gas pipelines, and other infrastnichire, as well 
as employee payroll. Variable costs are those which vaIy with the level of electric or gas output and include fiiel 
expenses, purchased power, and costs that vary broadly froin month to month and are not included in decoupling 
mechanisms. These are often addressed through fiiel or other adjustment clauses under existing regulatory 
practice. 

Decoupling advocates note that it removes a financial disincentive to energy efficiency, but may not create an 
incentive. Some decoupling advocates also argue that decoupling can help remove barriers to the integration of 
demand response and distributed resources. 

Why are utilities prices set by regulation and based on their cost of service? Electricity and natural gas are 
considered to be essential services, and it is in the interest of society to ensure that the businesses that provide 
these services can pay for the costs of their operations and capital. Because these services are provided by 
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level sufficient to allow tlie utility to recover costs incurred in providing service to its customers based on the 
operating experieiice of a typical 12 month period (referred to as a “test year”). Test year expenses include 
tlie coiilliission-deteiinined or -allowed rate of return on investinents. Tlie utility’s revenue requirement is 
determined by adding the total of these expenses and the allowed return on investment. Tlie reveiiue 
requirement is divided by the aiiiorint of sales in the test year to derive throughput based rates. In a rate case, 
test-year sales and operating costs are typically adjusted to reflect “normal” weather. This can be based on a 
model of futuie years, 01 it can be based on past years: test years based on forecasted experience are lcnown 
as future test years, while test years based on prior financial performance are referred as historical test years. 
Regardless of tlie type of test year used, tlie resulting prices are what custoiners pay per unit of electricity or 
gas that they use until rates are reset with next rate case. 

How cloes ti-ciditioiml rate wgiilntioii crente n thi.oiigliput incentive While prices are based on test 
year infoiination, after a rate case actual sales will almost always differ because tlie exact patterns of 
customer use are complex to predict: weatliei, changes in tlie economy, demographic shifts, new end-use 
technologies, additions or reductions in tlie number of customers, and many other factors can affect actual 
sales. As a result, it is highly liltely that tlie utility will sell more or less electricity or gas than liad been 
assumed for tlie test year during tlie rate case. However, fixed costs are liltely to be predictable. In tlie 
energy sector, the cost of service tends to have a large coinporient of fixed costs associated with investments 
like power plants, gas pipelines, and electric transmission lines. This males it difficult, but not impossible, 
for the utility to increase profits by cutting costs4. Revenues are much easier to increase, which ineans that 
utilities have a strong incentive to increase revenues by increasing sales. For existing customers, sales 
growth may not require a great deal of new infrastructure and in these cases, tlie utility’s fixed costs would 
not go up with increased sales’. In these cases, increases in sales volumes translate into increased revenues 
which in turn directly lead into increased profits. In fact, some observers have noted that because of the 
link between profits and sales, a 1% increase in sales might lead to a 5% increase in profits (with 
corresponding decreases in profits when efficiency reduces sales) (Harrington, 2007, 1994). Because tlie 
utility inaltes more money and profit by selling more electricity or gas, this structure could theoretically 
create a significant disincentive for utilities to encourage their customers to lower consumption through 
energy efficiency. 

3 .  HOW is decouphg different? Decoupling does not change tlie traditional rate case procedure but, 
in its simplest foiin, adds an automatic “true-up” rneclianisin that adjusts rates between rate cases based upon 
the over- or under-recovery of target revenues. As in tlie traditional rate case, a rate is set by deteiinining the 
revenue requirement and dividing it by expected sales“. Then, on a regular basis, prices are re-computed to 

monopoly utilities, customers could be vulnerable to price exploitation. As a result, for over a century, prices 
have been regulated by State PUCs to recover the utilities’ costs, while utilities have assumed an obligation to 
provide service to the public. 

What aboiil variable costs? Even though utilities’ fixed costs are high, they also see fluchiations in variable 
i tem such as purchased power and the cost of fiiels like coal or natural gas. These items are, in part, covered in 
the rate set in a rate case, but unexpected costs are also covered through surcharges that are temporary in nature 
and do not involve going through a whole rate case. Fuel Adjustment Clauses are an important variable cost that 
is passed through directly to customers in most states. Decoupling is not applied to these variable components. 

For new customers, infrastructure costs inay reflect regional patterns. In some regions of the country, adding 
new custoiners inay require high additional infrastnichire costs: connecting a building full of new gas customers in 
the urban areas of the Northeast inay require a short new addition of pipe in an area with an existing distribution 
system. In other areas, adding new customers ineans adding costly new infrastructure, such as building long 
system additions to provide new gas service to rapidly-growing areas of the Southwest. 

In decoupling’s simplest fonn, prices are adjusted to maintain a constant target revenue; however, in most 
applications of decoupling the target revenue is adjusted for changes in the custoiner base so that the revenue 
target varies with the number of customers, but not on the basis of how much electricity or gas the utility sells. 

4 

5 
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collect a taiget revenue based on actual sales volumes7. Decoupling mechanisms can be designed to be 
adjusted on a monthly 01 quaiterly basis, 01 some other regular interval. 

The end result is that utilities should no 
longer have an incentive to maximize 
their sales because the rate of ietuin does 
not change within the revenue 
requiiement. No1 is there a disincentive to 
promote efficiency. 

Decoupling should have the effect of 
stabilizing the revenue stream of a 
utility because its revenues are no longer 
dependent on sales. If sales increase, rates 
drop in the next period; if sales decrease, 
rates increase to compensate. Under 
traditional rate regulation, theie is little 
oversight of earnings between rate cases, 
and it may be years before rates are re- 
aligned with actual revenue requirements. 
Since decoupling adjusts actual revenues 
to align them with revenue requirements, 
its proponents argue that it reduces 
regulatory lag. 

4. What is the relationship between clecouplirig arid incentives for energy efficiency? 
If utilities are required to promote energy efficiency programs, their revenues may be affected through a 
variety of mechanisms. Commissions can address these new costs by providing program cost recovery and 
shareholder incentives, as well as by addressing the throughput issue. 

A great deal has been written about incentives for energy efficiency, which is a related but different 
discussion. While it can remove disincentives for utilities to promote efficiency, decoupling is not 
designed to create an incentive for energy efficiency. Furthermore, as discussed above, there are other 
methods that remove the throughput disincentive, although revenue decoupling may best balance the removal 
of utility disincentives to energy efficiency while preserving customer incentives to deploy energy efficiency. 

Some decoupling proponents have argued that removing disincentives is not enough. They contend that 
the cost of efficiency programs should be included as part of the cost of service. Moreover, in order to make 
efficiency investments profitable when compared to other possible investments that the utility could make, 
such as power plants or transmission, perfoiinance incentives for efficiency would reward utilities that invest 
in successftil programs by allowing them to earn an equivalent rate of return on those investments. 
Conversely, some argue that incentives alone, without decoupling, are a better approach to driving 
energy efficiency. They note that many utilities are doing little to promote additional sales of electricity and 
the increases are customer-driven. Furthermore, some who have investigated decoupling note that in many 
cases utility spending on efficiency is already effective, cost-effective and well-managed. (Connecticut 
DPUC, 2006, NASUCA 2007 Resolution). In addition, large customers have argued that they may already 
possess the means and incentives to enact energy efficiency measures, and that decoupling does little to 
create new opportunities for efficiency in these marltets (ELCON 2006). 

The target revenue can be the same as that used in the last rate case, or it too can be adjusted over time by 
increasing or decreasing the average revenue per customer value. More information on alternatives to the Per- 
Customer method is included later in the FAQ. 
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Finally, some argue that utilities are not the best providers of energy efficiency. In  this argument, 
utilities are organizations designed to deliver kilowatt hours and theims to their customers, and are ill-suited 
to champion products that “unsell” electricity or gas. Arguments have been made that taking utilities out of 
the efficiency businesses arid having that function played by a State, quasi-State, or private sector entity is a 
preferable alternative to removing disincentives to their promoting efficiency (ELCON, 2006). In fact, 
numeroils examples exist of successful efficiency programs being delivered by non-utility providers. 
However, some make the case that if utilities are required to examine efficiency as a resource comparable to 
supply (generation) and delivery (transmission) resources, this may create a perverse tension between the 
utility’s least-cost resource planning processes and the financial interest of its shareholders (Costello, 2006) 
In situations where the utility is recast as a provider of energy services, rather than a strict provider of 
kilowatt hours or therms, decoupling may help remove this tension (Costello 2006, NAPEE, 2006). 

Some proponents of decoupling also note that even if a the utility is taken out of the efficiency business and 
that fiinctiori is played by a State, quasi-State, or the private sectoi, the problem of the effect of decreased 
sales on utility revenues due to energy efficiency and the consequent decreased likelihood of the utility 
receiving its authorized revenue requirement does not go away. In this argument, even if other entities are 
responsible for providing energy efficiency services, the same need for decoupling still exists. 

Whether decoupling will in itself result in increased efficiency is still the subject of debate. While no 
major studies have been undertaken linking decoupling directly to increased efficiency activities at utilities, 
anecdotally energy efficiency advocates point to strong increases in efficiency spending concurrent with 
decoupling undertaken by utilities, in particular in the electricity sector, with examples such as Puget Energy 
and PacifiCorp increasing activity and spending under decoupling and experiencing drop-offs in efficiency 
spending when decoupling was rescinded (NRDC, 200 1). However, a closer look at Consolidated Edison’s 
efficiency spending while using decoupling (1993-1 997) tells a different stouy: in this time period, efficiency 
spending increased by all the regulated utilities in New York, whether they used decoupling or not. 
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5 .  Is decoupliiig new? What States have iinpleiiieiited a decoupling inechanisiii? 
Although only a few States have adopted it, decoupling itself is not a new idea; in fact, it has been 
implemented in some parts of the country for decades California has the most experience with decoupling, 
having operated such a mechanism in the electricity sector from 198 1 through 1996, and just recently 
restarting the system in the State. Others that have implemented decoupling are detailed on the map below. 

i 

I Ill. 1 : States That Have Considered Electricity or Gas D e c o u i y l  

investigating decoupling (4 states S DC) 

State has energy efficiency program, decoupling has been 
approved for at least one utility (9 states) 

Adapted from D Disrnukes. Louisiana State University, 
-- 

Note that some of these States have recently adopted decoupling (like Idaho), others have been using it for 
some time (e.g. Maryland), some have considered and rejected it (e.g. Connecticut and Arizona), some have 
discontinued using it (e.g. Maine) and others have discontinued, and then retumed to using decoupling (e.g. 
California). 

6. Will decoupliiig raise customer bills? Because of the adjustment mechanism, some designs of 
decoupling could potentially result in more frequent up-and-down changes in rates for consumers. 
However, by increasing the frequency with which rates are brought into alignment with the PUC-approved 
revenue requirement, the changes should be smaller, and the likelihood of a sharp hike or decline in rates 
(coininon in traditional rate cases) may be reduced. 

Decoupling could create higher bills for customers who do not participate in efficiency programs, 
although proponents of decoupling argue that these reductions would be diluted across a wide enough 
customer base to render any increases nearly unnoticeable. This may not occur, however, if decoupling is 
applied to a small customer class, where the effect of conservation in rates may be more pronounced. 

Of special concern is the impact on low-income users, who would be least able to respond to changes in bills. 
Decoupling proponents note that this heightens the profile of targeted energy efficiency prograins that serve 
these customers, lowering their bills without impacting utility revenues. 

Others with concerns about decoupling comment that unless it is designed to avoid doing so, decoupling 
could create unfair transfers between customer classes. For example, if transfers between classes are 
allowed, commercial and industrial custoiners who are ineligible to participate in residential efficiency 
programs might see higher rates resulting from those prograrns. 

1 
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IWll rates go i p  fbi. ciistoiiiera i ~ h o  inipleiiieiit erierg- e j fk ie i iq*~ Because they are consuming less, these 
customers’ bills will go down. Rates for all customers under a decoupling ineclianisin may increase in tlie 
short run when efficiency reduces sales because the utilities have to cover their costs and necessaiy returns 
on investments. In the example above, if the utility is selling fewer kWh of electricity, but its revenue 
requirement remains the same, each kWh will need to cover a greater share of the cost of service and will 
need to be priced higher. However, any rate increases would be small, particularly when compared to 
the benefits for customers engaging in conservation, and some analysis suggests the systemwide benefits 
from increased efficiency inay outweigh costs for all customers’. Moreover, if efficiency progiains cut sales 
without lessening fixed costs, under traditional regulation rate calculations would reflect that in the next rate 
case anyway. 

Will decoirpliiig I-esirlt in I-cinipaiit !-cite iiistcihilitj~? In tlie experience of some States, such as New York, 
California, and Oregon, fluctuations in rates under decoupling were less than 1% for ratepayers in most 
years, and never exceeded 4%. Customers may already see significantly greater rate variability through 
surcharges for fuel and purchased power. Moreover, rate variability under decoupling may depend on a 
ririinber of facto1 s, including tlie program design, but also including other factors, like econoinic and weather 
variability. These examples and issues ale discussed more in the section on “Does Decoupling Transfcr Risk 
to C~istonicrs” section, later in the FAQ. 

In theory, decoupling adjusts rates to more closely inaintairi tlie underlying relationship between prices and 
revenue requirements over time. This should lessen the likelihood of large-scale “rate shocks” in the 
next rate case (thoiigh this may vary based on the frequency of the reconciliation.) There are other 
mechanisms that can be put into place to reduce tlie frequency of large rate adjustments, including using a 
balancing account, applying a “Rate-Adjustment Band,” or including a course-correction mechanism. 
These are also discussed in more detail in the “Off-Ramps & Adjustments” section later in the FAQ. 

Noit1 is decoiijdiiig cliffelwit jj.oni hcii~iiig iiioi*e jkqiieiit lute ca,se.s7 Decoupling does not change the rate 
base and rate of return decided in a rate case. It is also worth remembering that decoupling affects revenue 
only between rate cases: at tlie next rate case, the base rates are reset, using tlie inechanisins familiar to 
regulators in traditional cost of seivice regulation. Some have argued that a utility would not need 
decoupling if it regularly entered into rate cases. Decoupling proponents have replied that it is a mechanism 
used to make utilities indifferent to sales as a function of profits, and that regular rate cases remain essential 
but are not the same thing. Moreover, rate cases are expensive and time consuming, and most consider it 
impractical to revise base rates with the frequency proposed for adjustments under decoupling. In the 
1990s, Wisconsin revised its base rates each year but discarded this approach because of the effort involved 
and tlic less-predictable incentive structure created for utilities by tlie short period between rate cases.’ 

7. Does deCOuplilig transfer risk froin the Utilities to CLiStOillel-S? Efficiency is not tlie only 
variable that can affect sales. For example, an unexpectedly hot suimner can increase sales, or an economic 
downturn can drive cointnercial customers out of business and reduce sales. Undei traditional regulation, 

’ Rates may go up to restore the lost distribution revenue, but utility bills could also drop as cost-effective 
efficiency offsets the need to purchase more expensive kilowatt-hours or therins. In this case, the utility would be 
able to sell less electricity or gas with no corresponding loss of revenue, while custoiners would benefit by 
avoiding the costs of the electricity or gas that is not needed. 
’ Some cointnenters have raised an ob,jection to decoupling, inaking the case that it violates a regulatory 
principle against single-issue ratemaking. They note that decoupling focuses on efficiency and ignores other 
sources of costs increases & decreases that are considered in a traditional rate case that may counterbalance 
changes in rates from efficiency. Decoupling proponents argue that with normalization mechanisms, these other 
factors are taken into account and that decoupling simply raises the profile of demand-side management’s effect 
on revenue. On a regulatory theory level, they assert that decoupling meets the requirements for a “tracker”, a 
ratemaking instniinent designed to take into account specific issues that have effects on rates. 
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risk is borne by utilities (and shared with customers via late pass-throughs) foi a number of factors that can 
affect sales that ale beyond tlie utility’s control. In both cases, the utility’s fixed costs would ieinain the 
same, and changes in revenues would not be related to changes in underlying costs for tlie utility to provide 
service Some aIgue that because decoiipling constlains the utility’s revenues to “noma1 weather” levels and 
economic trends, theoletically the utility’s business and weathei risk conveyed in iates foi fixed costs is 
eliminated entirely. They have raised a concein that this repiesents a shift of risk from the utility to 
customei s. 

One of the main reasons some Public Utility Coimnissions ale reluctant to explore decoupling is the concern 
that revenues could remain stable for utilities even if weather or business factors cause customer rates 
to increase or to incui large balances in defenal accounts, illustrated by Maine’s experience in the 1990’s 
(see box, this page.) 

i 

Proponents assert that decoupling 
can use normalization 
mechanisms to eliminate these 
risks or assign them appropriately, 
and some State experiences suggest 
that decoupling may not shift any 
risk to consuiners. California’s 
Electric Rate Adj ustinent 
Mechanism (or ERAM, which 
operated between 1981 and 1996) 
adjusted tlie target revenue based on 
factors affecting the cost of service 
which were beyond the utility’s 
control, such as inflation or weather. 
A 1994 analysis of California’s 
program found that “tlie record in 
California indicates that the risk- 
shifting accounted for by ERAM is 
small or non-existent and, in any 
case, ERAM has contributed far 
less to rate volatility than have 
other adjustments to rates, such as 
the fuel-adjustment clause.” The 
analysis concluded that California’s 
decoupling created lower risks for 
consumers (that they could be faced 
with unexpected bill increases) and 

profit risk reductions to utilities (who could be assured of fixed cost recovery, even in tlie face of efficiency 
improvements) (Et0 et al, 1994). 

The authors went further, undertaking a statistical analysis to calculate the dollar value of risk from shifts in 
weather and economic activity under decoupling in a hypothetical case. Based on these estimates, the 
authors concluded that with the noiinalization procedures used in this decoupling structure, the quantitative 
risk burden transferred to consuiners would be one-fifth of one percent of electricity revenues from each of 
those customers - a $2 risk-shifting burden on a $1200 annual bill. (Et0 et al, 1994) 

Consolidated Edison in New York had a similar mechanism in place from 1993 to 1997. The rate variability 
under this system suggests that rate impacts were minimal here as well. In 1993, a shortfall with just under 
3% effect on rates was collected from customers, and rates went up. For the next four years, over-collections 
occurred, and rates went down just under 1% per year. (NRDC, 2001) 
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Under some decoupling mechanisms (such as some of those implemented in tlie Pacific Northwest) the 
revenue target can be adjusted to accommodate unexpected weather patterns. Northwest Natural Gas 
in Oregon, for example, subtracts an estimated sales impact for weather from its periodic adjustment. A 
more complex, but comprehensive, approach is called “statistical recoupling,” in which weather, fuel costs, 
economic changes, and tlie number of custoiners is modeled, and that model is used to determine tlie revenue 
target. (Eric Hirst, 1993) 

Some have raised a concern about statistical recoupling and other economic and weather noiinalization 
methods, coiniiienting that adding these systems makes decoupling so complicated that its 
administrative and accounting burdens can outweigh its benefits, or that it can be manipulated to 
allow “over-earning” by utilities. Some proponents of decoupling respond that weather and economic risk 
is already shared with consuiners through rates, arid tliat the traditional rate case structure simply delays 
accounting for these costs (or revenues) until the next rate case. Moreover, weather noiinalization 
computations of some type are universally included in the determination of tlie revenue requirement in each 
rate case, with about half of the States allowing normalization adjustments between rate cases. 

8. Will decoupliiig discourage utility coiiipaiiies from cutting tlieir costs? NO. Concerns 
have been raised tliat to the extent that utilities become isolated fiom possible changes in revenues, they have 
little motivation to lower their costs in order to meet their revenue requirement. However, because 
decoupling affects only revenues, the utility remains at risk for any changes in costs. Decoupling 
proponents argue that tlie rate case mechanism underlying decoupling continues to ensure that utilities strive 
to control fixed costs that cannot easily be reduced to tlie greatest degree possible. They note that 
perfoiinance indicators can also be included to identify when cost reductions have arisen from a decreased 
level of seivice rather tlian froin gains in efficiency. 

One solution pioneered by New Jersey in its Conselvation Incentive Program allows gas utilities to adjust 
their rates to account for changes in consumption resulting from efficiency efforts, but the adjustment is 
capped at the amount of verifiable supply cost reductions achieved by the utility. (Fox et al, 2007) 

9. Can a utility iiicrease its profitability with decoupling? Yes. With a per-customer fonn of 
decoupling, utilities receive their revenue from customers that cover tlie fixed costs of service, and that cost 
of service includes a rate of return tliat contributes to profits. In other words, instead of making more money 
by selling more kilowatt hours or thenns, utilities would make more money when they increase their 
customer base, regardless of whether there is a coiresponding increase in sales. Alternatively, if the utility 
can find a way to improve its efficiency and thereby lower its cost of service without decreasing its 
number of customers, it has an opportunity to improve its bottom line. Under decoupling, the primary 
driver for profitability growth is the addition of new customers, especially in areas where tlic addition of new 
customers does not carry high infrastiiictme addition costs. In these cases, the custoiners who would bring 
the greatest potential profitability to a utility are those who are tlie most energy efficient, since they can be 
added with the lowest incremental addition to the utility’s cost of service”. 

As noted before, decoupling can reduce risk for the utility by ensuring that its revenues and return on 
investment remain stable. A lower risk-profile should make the cost of capital lower for the utility”. 
For investors, this can be realized through an increase in tlie utility’s debt/equity ratio, a decrease in the 
return on equity, improved debt ratings and credit requirements. 

I o  Again, this may reflect differences between regions and sectors: where unexpectedly adding new customers 
brings significant new operating costs not anticipated in the rate case, the outcoine may be different and, as would 
occur in traditional ratemaking, could trigger a rate case. 
I ’  Illustrating this, one utility has proposed a lower target return as part of its decoupling proposals in MD and DC. 
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10. Is decoupliiig different for gas thaii it is for electricity? Decoupling is fundamentally the 
same for both gas and electric utilities. They both share similar cost structures which are dominated by high 
fixed costs. However, the two industries are facing different underlying trends in customer revenues. While 
the gas industry generally faces declining average revenues per customer over time, the electric industry is 
experiencing increasing average revenues per customer. As a result, gas utilities tend to face revenue and 
profit erosion between rate cases, while electric utilities gamer increasing revenue and profits between rate 
cases. Decoupling has the effect of eliminating most of these effects. As a result, gas utilities have tended to 
be more open to implementing decoupling than have electric utilities. However, a sinall but growing number 
of electric utilities have either implemented, requested or are investigating decoupling. Some have suggested 
that this could be partly in response to longer-teiin expectation about capital expenditures and environmental 
costs. Energy efficiency may be a cost-effective way to avoid potential future risks such as carbon 
regulation. In addition, recent policy initiatives at both the federal and State level have embraced energy 
efficiency as a high priority resoiii-ce12. If energy efficiency is deployed more widely in the future, electric 
utilities may become more interested in decoupling. 

1 1. Would decoupling work the same for regulated and deregulated States? Broadly 
speaking, utilities in deregulated markets appear to be more vulnerable to revenue losses incurred by 
decreased sales from efficiency than utilities in vertically-integrated markets. In the 2006 report on the 
National Action Plan For Energy Efficiency, the authors note that “once divested of a generation plant, the 

-- 

For more on energy efficiency as a high priority resource, see the National Council on Electricity Policy’s study 12 

for DOE’S Section 139 Report To Congress (2006) and the National Action Plan on Energy Efficiency, (2006). 
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distribution utility is a smaller company (in terms of  total rate base and capitalization), and fluctuations in 
throughput and earnings have a relatively larger impact on return.” (NAPEE, 2006) 

In States where distribution utilities purchase most or all of their coininodities froin a wholesale market, 
decoupling would be integrated into the largely-fixed cost sti-ucture of the distribution utilities. In States with 
vertically integrated utilities, decoupling can also be applied, but care must be talten in tlie rate case context 
to accurately separate fixed costs froin variable costs, applying tlie decoupling adjustinents only to the fixed 
costs. In all other respects, decoupling is applied in the same manner in both types of situations. 

12. Where call I filld out more? This FAQ was authored by Miles Keogh of NARIJC’s Grants & 
Research staff with funding from tlie U.S. Environmental Protection Agency. It was developed through 
research, interviews, and input froin a number of parties, including the staffs of the New Jersey Board of 
Public IJtilities, Massachusetts Department of Public Utilities, Arizona Corporation Commission, US 
Environmental Protection Agency, Noi-tli Carolina Attorney General’s Office, and Public Service 
Coinmission of tlie District of Columbia. Oversight was provided by Commissioner Rick Morgan of the 
District of Columbia PSC, and technical assistance came froin Wayne Shirley of the Regulatoiy Assistance 
Prqject. More resources on decoupling are included below. 
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CHAPTER 1 

Introduction 
Introduction and Purpose 

For more than a century, tlie electric power industry has supplied tlie United States with abundant and 
reliable electricity. Tlie industry that brought “smolceless light” to American cities in the late 1800s now 
supplies tlie power for more than 176 inillion personal computers and a national network of 208 inillion 
cellular phones, contributing to both industrial productivity and consumer comforts that enhance our 
standard of living. 

The power industry now faces an unprecedented challenge. At a time of record high fuel prices, historic 
eiiviromnental challenges, and industry structural change, tlie nation’s demand for reliable electric power 
continues to grow. While much of the nation’s power infrastructure is aging, the industry must keep up with 
tlie need for more capacity, increased reliability and power quality, and lower enviroixnental impacts. Thus, 
the industry must invest in a new generation of power plants, enviroixnental controls, transmission lines, and 
distribution system expansions and upgrades. 

While these new investments will maintain reliability, diversify our fuel mix, arid increase environmental 
performance, they come with added costs. Electricity price increases are occurring across the United States, 
among all types of electricity providers, to one degree or another. Tlie extent to which increasing utility 
costs are recovered in rates will determine tlie financial condition of tlie industry and affect its ability to 
make future generation, transmission, distribution, and environmental investinents in a tiiiiely manner.’ 
With appropriate rate treatment, tlie industry will continue to provide reliable services at reasonable costs. 
Conversely, if segments of tlie industry become unable to finance new investments in a timely or cost- 
effective manner, tlie ultimate costs will be borne by the local econoinies and consuiners served by these 
utilities, as well as by utility shareholders. Failure to receive adequate rate treatment could impact tlie 
quality of service, impair tlie ability of tlie utility industry to meet growing demands for clean, reliable 
power, and undermine tlie financial health of the utility industry. 

This report examines the factors underlying the recent increases in electricity prices and the potential impacts 
of these factors on tlie industry’s financial condition. We focus primarily on cost changes experienced over 
tlie past five years and the projected trends in these costs over the next decade. The trends we examine affect 
all electricity suppliers, while tlie focus of this paper is tlie impact of higher costs and capital expenditures on 

’ Throughout this report, electricity mates will refer to the retail price of electric service provided by utilities subject to cost- 
based regulation, including utilities with residual, regulated services in restmctured states. The term electricity prices is 
broader, and includes both regulated rates and retail prices charged by electricity suppliers not sub,ject to cost-of-service 
ratemaking. 
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rates that require regulatory approval. Our analysis examines the investor-owned segment of the industry as 
a whole, using a national perspective. While the circumstances of each provider's costs and prices are 
unique, and must be considered individually, several coinnioii factors and kends are influencing tlie entire 
industry. Nevertheless, the analyses and conclusions in this report should not be construed as applying to any 
particular utility without further careful consideration. 

Overview of Findings 

Fuel and Purchased Power Cost lncreases Have Been Enormous and Are the Largest Cause of Recent 
Electric Cost Increases. On an industry-wide basis, our analysis finds that fuel and purchased power costs 
account for roughly 95 percent of the cost increases experienced by utilities in tlie last five years. Tlie 
increases in tlic cost of tliese fuels have been unprecedented by historical standards, affecting every major 
electric industry fuel source: 

m Natural gas, which accounts for nearly 20 percent of all generation, experienced a more than 100- 
percent increase in spot prices between 2003 and 2005 and a more than 300-percent increase since 
1999. Real natural gas prices are now at their highest level in modern liistory. High and volatile gas 
prices have a particularly strong impact on electricity prices because gas-fired generators set the prices 
for a large percentage of tlie time in many short-teim or spot power markets around tlie country. 

= Oil, which is still a significant utility fuel in several parts of the country, is now at record price levels. 
The prices of oil-based fuels delivered to electric generators rose about 50 percent between 2003 and 
2005, and are now at the highest nominal levels ever recorded. Increased oil prices also have a 
significant impact on other fuel costs; for example, they drive up tlie costs of mining and shipping 
coal. 

Coal, which accounts for half of all power produced in the United States today, lias risen 20 percent in 
delivered price in the last two years alone. In some areas, the increase lias been iiiuch higher. For 
example, spot coal prices from the Powder River Basin have increased about 100 percent since 2003. 

m Tlie price of uranium, tlie primaIy component of nuclear fuel, which represents 19 percent of all 
generation, also has increased by about 40 percent since 2001 I 

These fuel price increases, in turn, have impacted tlie cost of power purchased by many utilities. The price 
of purchased spot power has increased between 200 and 300 percent in many power markets across the 
United States. Finally, the industry is using increasing amounts of renewable and distributed generation 
resources, which have valuable attributes but generally cost more than conventional energy sources. 

Additional Generating Plants Will Be Needed To Meet Demand. The Energy Information Administration 
(EIA) and the North American Electric Reliability Council (NERC) both project that more than 50,000 
megawatts (MW) of new power plants will be needed to meet demand growth through tlie year 20 14. There 
are several aspects of the next wave of generation investments worthy of note: 

Prompted by recent natural gas prices and prospects for continued demand growth, new baseload coal 
plants are being proposed and/or built for tlie first time in more than a decade. More than a quarter- 
century after tlie last nuclear plant was ordered, new nuclear plants are under active consideration. 
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The Energy Policy Act of 2005 (EPAct 2005), in conjunction with other federal programs, will help 
reduce tlie costs and risks of building tliese generating additions, which are larger, are more capital- 
intensive, and have a longer lead time than the natural gas-fired units the industry built over the past 
decade. 

= New generation investment varies substantially by region and by each utility’s present fuel mix. Some 
areas of tlie country remain chronically short on power and will need a variety of new resources to 
meet demand. Otlier regions are now strongly reliant on gas-fired generation, and may add coal-fired 
capacity to diversify the fuel mix and reduce the total cost of electricity. Finally, nearly half of tlie 
states now require utilities to build or purchase energy from renewable electric generators, which will 
help diversify their fuel mix but add to overall costs. 

= Uncertainties over future fuel prices, climate change policies, technological progress in all tlie major 
power teclxiologies, and tlie impact of higher prices on power demand create substantial risks 
enveloping new generation investments. These risks add to the cost of financing tliese investments. . The need for additional generation and transmission capacity will be mitigated by demand and energy 
reductions achieved tlzrougli the price elasticity impact of rising prices and tluougli a variety of 
conservation, energy efficiency, and demand-response programs. However, there still will be a need 
in the future for utilities to make major investments in generation and transmission capacity. 

Increased Transmission Investments Are Necessary. After a long period of decline, transmission 
investment began a significant upward trend in tlie year 2000, totaling nearly $1 8 billion in the period 1999 
to 2003. A recent Edison Electric Institute (EEI) survey shows that its ineinbers have spent and plan to 
spend nearly $29 billion on transmission over the period 2004 to 2008, a 60-percent increase over the 
previous five years. NERC projects that almost 12,500 rniles of new transmission will be added by 2014, an 
increase of 5.9 percent of total U S .  circuit miles of high-voltage [230 kilovolts (kV) and above] transmission 
lines. 

= These increased investments are prompted in part by the larger scale of the next wave of baseload 
generation additions and tlie fact that these additions are occurring farther fi-om load centers. This is 
creating transmission projects that are larger and more costly than the average project over the past 20 
years. . New govenmient policies and industry structures also will contribute to greater transmission 
investment. EPAct 200.5 creates new incentives and siting processes that facilitate and promote 
transmission investment. In many parts of the country, transmission planning has been formally 
regionalized, and power markets create greater price transparency that highlights tlie value of 
transmission expansion in some instances. 

Sales Growth, the Demand For Higher Quality Power, and Storm Recovery Costs Are Driving 
Distribution Investment- Industry spending on tlie distribution system that deliver power to each custoiner 
has followed a generally steady upward trend for the past 20 years. Between 2000 and 2004, distribution 
investment increased from about $10.5 billion to $12.5 billion, a 19-percent increase. 
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Many of these investments are in new technologies that increase the quality of delivered power to 
ubiquitous digital circuits. Other investments are being made to inale the distribution system more 
automated, information-rich, and responsive to outages and customer needs. For example, some 
automated distribution system provide customers with the ability to monitor and control their energy 
usage on specific processes and appliances, depending on real-time prices and other factors. . Additional large distribution system expenditures have been necessitated by widespread hurricane and 
s t o m  damage experienced in the southeastern United States during 2004 and 2005, which impacted 
energy and materials costs across the nation. 

Environmental lnvestments Add Significant Costs. New environmental requirements, including recently 
finalized federal rules and state-level requirements that often are more stringent and less flexible, are 
prompting substantial environmental investments. Tliese investments include more than $43 billion in 
planned capital costs for emissions reduction technologies from 2005 to 20 18, primarily retrofit equipment to 
further control air emissions from existing coal-fired power plants. These investments, while large, could be 
dwarfed by the costs of complying with potential mandatory carbon dioxide (CO2) emission reductions, as 
such policies have recently been proposed and considered in Congress. 

The Utility Industry’s Overall Financial Condition Is Sound, Though Not As Secure As It Had Been 
Before Prior Periods of Capital Investment. With reasonable cost recovery, the industry as a whole should 
have the ability to make the necessary, cost-effective investments. However, the indushy has 
proportionately less “headroom” to make investments without rate relief, and certain portions of the industry 
are already below investment grade and therefore cannot weather greater financial impainnent. 

The fraction of utilities rated BBB+ or above by Standard and Poor’s, which was 75 percent prior to 
the 1990s, is now only about 40 percent. As of 2005, nearly 20 percent of all utilities were below 
investment grade. The credit ratings of independent power producers are significantly worse. 

Between 1999 and 2005, interest rates, allowed utility returns on equity (ROEs), and earned ROEs all 
trended downward at similar rates that enabled earned ROEs to remain reasonably close to allowed 
ROEs. However, the future prospects for earnings, absent adequate rate increases, are worse. Costs 
are rising much faster than revenues, and interest rates are no longer on a downward trend. 

= The reduced financial stability of the industry is reflected in tlie “beta” of utility stoclts-a measure of 
the proportionate riskiness of these stoclts compared to the overall market. Value Line’s estimate of 
the average industry beta has increased from 0.67 in 1995 to 0.87 in 2005, an increase of nearly 30 
percent in a decade. . The operating cash flows of utilities in 2005 were insufficient to cover their capital expenditures and 
higher operating costs. Utility cash flows were about $10 billion less than the sum of operating and 
capital costs in 2005, and this gap could widen significantly during the next several years as regulated 
utilities undertake expenditures for infrastructure development and environmental improveinents. 

The overall picture emerging froin these conclusions is that the electric power industry faces a situation in 
which significant investments are needed, and rate increases will be necessary to finance them. These 
investments will diversify supply away from natural gas, reduce future fuel costs, provide greater reliability 
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and power quality, and lessen environmental impacts. Without these investments, one or more of these 
investment objectives will be impaired. 

Electricity Remains An Excellent Value 

Even with price increases, electric power continues to grow in value to American consuiners and the 
American economy. Since 1940, the percentage of U.S. energy consumed in electric fonn lias quadrupled. 
Electricity deinand growth tracks Gross Domestic Product (GDP) growth much inore closely tlian any other 
source of energy, highlighting its role as a l a y  driver of economic growth and productivity. 

As electricity use lias grown in economic value, its inflation-adjusted cost has been declining. From 1985 to 
2000, average electricity prices rose 1.1 percent per year, less than half tlie average inflation rate of 2.4 
percent. Figure 1-1 shows real electricity prices (in year 2005 dollars) by customer class over tlie period 
1960 tlxougli 2005. After peaking in tlie early 1980s, average real prices had fallen by about 25 percent by 
2005. And, compared with prices of other consumer goods and services, electricity prices have risen inore 
slowly. This is shown in Figure 1-2, wliicli uses 1970 as a base year for price indices for electricity, 
gasoline, natural gas, and medical care. Finally, despite increased household electricity consumption, 
electricity bills have become a smaller fraction of liouseliold budgets. American homes use 21 percent more 
electricity today than they did in 1978. Yet even with 21 percent greater use, tlie portion of our household 
budget that we devote to our power bill has declined, fi-om 3.7 percent to 3.0 percent over the same period. 

Figure 1-1 
U.S. Electricity Prices by Class of Customer (Real 2005 Dollars) 
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Figure 1-2 
Comparison of Electricity and Other Consumer Price Trends 

(1970 to 2005) 

Americans already own an ever-growing array of devices that provide services unimagined even a few years 
ago, from multi-function cell phones to MP3 players. Future American homes will contain intelligence and 
sensors that will manage and reduce energy costs substantially. This will include products such as advanced 
meters and “~1nart” appliances that interact seamlessly with the power grid and service providers. 

The next power investment wave will also provide American businesses with more options and greater 
productivity. Digital-quality power now represents 10 percent of total electrical load in the United States and 
is expected to reach 30 percent by 2020.2 At the same time, underinvestment in transmission and distribution 
is estimated to cost the American economy at least $20 billion a year-a figure certain to grow if 
transmission and distribution infrastructure investment does not keep pace with demand. 

The Structure of This Report 

In this report, we examine the causes and potential effects of electricity price increases. We begin in Chapter 
2 by examining recent trends and projected changes of the two core coinponents of most utilities’ operating 
costs: fuel and purchased power. Specifically, the recent increases in the price of utility fuels-natural gas, 
oil, coal, and nuclear fuel-are highlighted and explained. These increased fuel costs drive similar increases 
in the cost of power purchased in wholesale markets. 

U.S. Department of Energy, Office of Electric Transmission and Distribution, “Grid 2030 ” - A National Vision For 
Electricity’s Secoiid 100 Years, JUIY 2003, p.3. 
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In Chapter 3, we focus on increasing demands for reliable electric power, based upon tlie long-term 
relationship between economic growth, teclmological progress, and tlie increased electrification of tlie 
economy. A series of demand projections are presented, and we discuss the impact of liiglier electricity 
prices and demand-reduction and load nianageinent programs on expected demand growth. 

Next, we consider tlie need for infrastructure investment by electric utilities. In Chapter 4, we look at 
generation-baseload investment, advancenients in renewables, and on-site customer generation to assist in 
capacity needs. In Chapter 5 ,  we examine transmission-the need for investment based on recent trends and 
the need to enhance wholesale niarlcet operation. In Chapter 6, we look at distribution investments and tlie 
need for better power delivery. In Chapter 7, we examine tlie costs incurred by utilities as they meet new 
enviromiiental requirements, 

In Chapter 8, we look at tlie fiiiancial condition of utilities and how that condition impacts tlie ability of 
utilities to pursue investment" We review the trends in utility credit ratings, tlie earned and allowed returns 
on equity, and tlie increasing financial risks of utilities. 

In Chapter 9, we conclude tlie report by putting cost recovery and electric rates in perspective, and liigliliglit 
tlie long-term benefits of inalcing necessary investments in generation, transmission, distribution, and 
environmental technologies. 
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~- CHAPTER 2 

Increased Fuel Prices 
Drive Utility Costs 

Utilities’ Rising Costs Are Primarily Due to Higher Fuel Prices 

Between 2002 aiid 2005, annual operations and maintenance (O&M) expenses for investor-owned utilities 
(IOUs) increased approximately 22 percent. This section analyzes tlie core reasons for this increase. It 
begins by illustrating the primary importance of fuel and purchased power on overall expense trends. Next, a 
review of fuel price trends begins to explain tlie higher expenses facing utilities. Finally, a review of 
wholesale power markets provides context for rising purchased power expenses. Tlie wide prevalence of 
fuel aiid purchased power adjustiiient clauses that serve to reflect these input costs in electric rates has 
greatly influenced much of tlie rate increases that already have occurred. 

Increases in fuel and purchased power costs account for virtually tlie entire rise in operating expenses for 
electric utilities. Figure 2-1 illustrates FERC Form 1 data conipiled for a sample of more than 180 utilities 
serving retail load. By 2005, fuel and purchased power expenses amounted to 7 1 percent of total O&M 
expenses, compared to 66 percent of total O&M expenses in 2002. Fuel and purchased power expense 
growth essentially explains all of tlie 22-percent increase in utilities’ expenses from 2002 to 2005“ While 
transmission expenses increased at a slightly higher rate than h e 1  and purchased power, most liltely due to 
dramatic upturns in transmission investment observed between 2000 and 2005, this category still only 
represented about four percent of total operating expenses in 2005. Distribution expenses remained 
essentially flat, and other expenses actually declined two percent over this time period. 

Tlie sharp rise in utilities’ fuel costs impacts utilities and customers in different ways in various regions. For 
states that have not pursued retail restructuring, fuel expenses for utility-owned generation constitute a core 
component of expenses, often passed tlxougli to consuiners in fuel adjustment clauses (FACs). In states that 
have pursued restructuring, many utilities face higher purchased power expenses from wholesale markets, 
wliicli comprise a major portion of their supply. Whatever tlie mechanism tlxougli which utilities face rising 
fuel and purchased power costs, tlie stakes are extremely high. In analyzing rising unit costs, a major credit 
rating agency stated: “[T]lie ramifications of higher gas coimiiodity prices and the related effects on tlie 
prices of coal, emission credits and wholesale electric power are tipping tlie balance toward greater risk for 
regulated gas and electric utilities and for those generators most dependent on natural gas.”3 

’ Fitch Ratings, “Rising Unit Costs: A Threat to Utility Sector Credit,” November 4, 2005, p. 1. 
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Figure 2-1 
Drivers of Electric Utility Operations and Maintenance kpenses 
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Power Generation Fuel Costs 

The majority of electric generation capacity uses fossil or nuclear fuel to create heat for steam turbines, or 
bums fossil fuel to drive combustion turbines. Figure 2-2 provides a breakdown of electric net generation by 
fuel type in 2005. The combination of coal, natural gas, nuclear, and oil-fired generation accounts for more 
than 90 percent of U.S. national net generation. Accordingly, the costs of these fuels will be the focus of this 
section. 

Figure 2-2 
Net Generation by Energy Source 2005 
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Natural Gas 

While accounting for only 19 percent of U S .  electric net generation, natural gas exerts a disproportionate 
influence on electricity prices in tlie wholesale market because it represents tlie incremental generation in 
most high-demand hours. As tlie price of purchased wholesale power and retail real-time prices are 
increasingly based on power spot marltets, the marginal cost of the most expensive (“marginal”) unit that sets 
the hourly price lias a significant effect on both hourly and longer-term wholesale contract purchases. 

The price of natural gas lias always been somewhat higher and more volatile than coal, but over the past few 
years natural gas price levels and volatility have iiicreased dramatically. This has occurred during an era 
when natural gas-fired capacity lias dominated the new capacity marltet, leading to new plants running less 
than expected or even idled in some cases. 

Figures 2-3 and 2-4 depict movements in delivered prices of natural gas to electric generators and spot gas 
prices, respectively. Natural gas prices delivered to generators reflected stable to declining price levels from 
the late 1980s to the late 1990s. Coinciding with the surge in natural gas-fired combined-cycle capacity 
brought on-line in the early 2000s, prices increased dramatically. Between 2003 and 2005, gas prices 
delivered to electric generators increased inore than 50 percent, while spot prices surged more than 100 
percent. 

Unlike coal, there are a variety of other end-use segments that consume natural gas. In 2004, the electric 
power sector accounted for about 26 percent of natural gas delivered to end-use custoiners. For industrial 
customers, tlie largest single sector of natural gas consumers, trends in overall economic growth dictate 
demand, while weather drives demand for natural gas heating among residential customers. For example, the 
aberrant spike in Henry Hub spot prices in 200.3 reflected below-average temperatures during the winter 
months. The coinbination of spikes related to weather, continued economic growth, and a dramatic 
expansion of natural gas-fired combined-cycle generating capacity all contribute to pressures on the supply 
of natural gas.4 In addition, critical infrastructure disturbances in tlie Gulf Coast due to the hurricanes of 
2005 contributed to tlie significant volatility observed for spot prices in that year. 
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Figure 2-3 
Historical Delivered Natural Gas Prices ($ Nominal) 
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Figure 2-4 
Historical Henry Hub Spot Prices 
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A great deal of uncertainty exists about the direction of natural gas prices delivered to electric generators. 
Figure 2-5 depicts a variety of forecasts though 2015, and shows that EIA's Annziul Energy Outlook 2006, 
published in February 2006, predicted significant declines in prices froin 2005 peaks. However, EIA's Short 
Term Energy Outlook, published more frequently and updated in May 2006, shows prices dipping and then 
returning to their high levels in 2007. As shown, EIA's AnnzruI Energy Outlook 2006 and Global Insight, 
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I11c.~ predict steady declines in tlie price of natural gas, both in noiniiial and real terms. On tlie other hand, 
Energy and Environmental Analysis, Inc.6 predicted an opposite picture with prices remaining at high levels. 
Finally, tlie simple average of NYMEX montlily futures prices as of May 4, 2006, for Henry Hub is plotted 
for tlie years 2007 to 201 1. While not a measure of delivered prices, tlie NYMEX trend is downward but at 
high absolute levels. Clearly, tlie significant volatility in natural gas prices and different views regarding 
longer-term structural rnarltet issues, such as tlie amount and price of liquefied natural gas (L,NG) imports, 
contribute to a wider range of uncertainty for the future of natural gas prices. 

Figure 2-5 
Forecasts of Delivered Natural Gas Prices ($ Nominal) 
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While representing only t h e e  percent of net generation, oil-fired capacity is quite prevalent in some regions 
and represents tlie marginal price-setting fuel in inany peak hours. For example, oil-fired generation 
produces nearly 14 percent of net generation in New Yorlt and 10 percent of net production in New 
England.7 In 2005, oil-fired generation units were on the margin during 11 percent of tlie time in tlie 
Pennsylvania, New Jersey, and Maryland (PSM) market, a large energy inarlcet in tlie mid-Atlantic and 
Midwest region.8 In addition to their role in influencing peak electricity prices in several regions, oil price 
increases also translate into mining and transportation cost increases that impact tlie delivered price of coal 
and other utility costs. 

' Published in August 200.5. 
Published in October 2005. 

' Energy Information Administration, Aimz~al Ei.rer.gy Outlook 2006, Febniasy 2006. 
PJM, State of the Market Report 2005, p. 86. 
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The prices of petroleum generation fuel (#6 residual and #2 distillate) in the electric generating sector have 
mirrored the significant price increases in all petroleum products. Figures 2-6 and 2-7 present EIA's 
historical and projected prices for petroleum fuel delivered to electric generators. Historically, average 
petroleum prices have tracked the movements of natural gas prices, with levels increasing nearly 50 percent 
between 2003 and 2005. EIA's projections of delivered petroleum prices show steady to declining nominal 
levels in the near te1111,~ with steadily increasing prices after 2010. Thus, according to EIA, regions that are 
more exposed to oil-fired generation can expect elevated, and ultimately rising, petroleum fuel product prices 
to influence wholesale electric market peak prices over the next five to 10 years. 

Figure 2-6 
Historical Delivered Petroleum Prices ($ Nominal) 

Once again, EIA's most recent Short Term Et7ergy Outlook (May 2006) forecasts higher delivered petroleum prices to 
electric generators in 2006 and 2007. 
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Figure 2-7 
Forecasts of Delivered Petroleum Prices ($ Nominal) 
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Coal 

Half of all net generation in the United States is produced from coal, and consumption of coal by electric 
utilities accounts for about 92 percent of total U.S. coal consumption." This section will analyze historical 
trends in both spot prices for coal and delivered prices to electric generators, additional cost drivers 
associated with einissions allowances prices, and recent forecasts for trends in both spot and delivered prices. 

The vast majority of coal volumes are under long-term, multi-year contracts. For example, between 2000 
and 2002, only 28 percent of coal purchases in Central Appalachia and 18 percent of purchases from the 
Powder River Basin were made on the spot rnarltet." As a consequence, price increases in the spot inarltet 
(to the extent that they persist) will einerge as higher delivered prices over time, as long-term contracts 
gradually expire and current marltet conditions influence new contract prices. 

How have spot prices and delivered prices moved in recent years? Figures 2-8 arid 2-9 depict movernents in 
delivered contract prices and coal spot prices to electric generators, respectively. Delivered coal prices, 
which reflect contracts that bind the majority of coal deliveries, declined in nominal terms starting in 1985 
for approximately 15 years. However, between 2003 and 2005, delivered coal prices to electric generators 
increased by more than 20 percent. 

l o  Energy Information Administration, U S  Coal Sipjdy and Demmd Review 200.5, 

I Energy Information Administration, CJ S Coal Prices, http.//www.eia.doe.gov/cneaf/coal/page/uscoal.pdf#page=2 
http://www.eia.doe.gov/cneaf/coal/page/special/feature. html 
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As expected, this rnoveiiient in delivered average prices understates the run-up in the spot price of coal as 
illustrated in Figure 2-9. This EIA chart illustrates that spot prices have risen in every major geographic 
region of coal production. For example, prices at tlie Powder River Basin have increased by well more than 
100 percent, moving from $6 per short ton in March 2003 to about $15 per short ton in March 2006. As 
more long-teim contracts that dominate the average delivered coal prices in Figure 2-8 begin to expire, tlie 
effect of this dramatic increase in spot coal prices will begin to emerge as fuel price increases for coal-fired 
generators. 
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Figure 2-8 
Historical Delivered Coal Prices ($ Nominal) 
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Figure 2-9 
Coal Spot Prices (May 2003 to May 2006) 
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Various considerations have influenced tlie rise in coal prices over time. First, high natural gas prices have 
shifted soiiie demand from gas to coal, wliile rising oil prices have driven up tlie costs of mining and 
shippirig coal. Second, tlie effects of Hurricane Katriiia also caused some disruptions that put upward 
pressure on coal prices, altliougli tlie primary issues affecting prices recently have been transportation costs 
and disruptions. Two major train derailments created severe disruptions for delivery from the Powder River 
Basin. Initial repairs were completed in late 2005, but prices increased during the meantime as alternative 
transportation routes were developed and lJnion Pacific suspended new southern Powder River Basin 
business. 

Beyond tlie cointnodity cost of coal itself, two otlier important factors influence tlie cost of coal generation. 
As irientioned above, transportation costs are critical to tlie coal industry. While spot prices reflect 
transportation-related shocks, such as the Powder River Basin derailments, they do not directly reflect the 
price of transportation, which is growing with overall energy prices. Another driver is recently high sulfur 
dioxide ( SOz) emissions allowance costs in the SO2 permit trading market. 

Figure 2-10 plots inontlily SO2 and nitrogen oxides (NO,) prices for the past several years. This figure 
shows the exponential growth in SO2 spot prices from below $200 per ton in 2003 to record high levels of 
nearly $1600 per ton in late 2005. SOz emissions allowance prices have since retreated froin their liiglis at 
the end of 2005, with May 2006 data showing average prices at $606 per ton of SOz, about triple the price 
levels experienced between 2000 and 2003. This allowance price more closely reflects a level that balances 
tlie costs and benefits for the installation of scrubbers wliile utilities face tightened einission caps. If 
emissions allowance prices fall below this level, tlie cost of installing scrubbers may begin to exceed the 
benefits from avoiding the purchase of allowances. Conversely, as tlie allowance prices rise above this level, 
the industry will have further incentives to build additional scrubbing capacity. Thus, although spikes such 
as those observed in 2005 may be transitory, tlie industry has begun to respond by installing enviroimental 
controls on more units to reduce reliance on emission allowances that will becoine increasingly scarce. As 
allowance allocations shrink in tlie future and generators install controls on smaller, more expensive units, 
allowance prices may gradually rise in tlie future as current federal and state clean air regulations are 
implemented and new programs are enacted. 

'' http://www.eia.doe.gov/cneaf/coal/page/special/featiire.html. 

17 

http://www.eia.doe.gov/cneaf/coal/page/special/featiire.html


Chapter 2:  Increased Fuel Prices Drive Utility Costs 
i 

Figure 2-10 
SO2 and NOx Emissions Allowance Prices 
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With the expected lag between spot price movements and ultimate delivered prices to electric generators, 
prices should continue to escalate in the near tenn as new contracts begin to reflect the commodity cost of 
coal. Figure 2- 1 1 provides a variety of nominal dollar coal price forecasts for deliveries to electric 
generators. The lines reflect EIA Annzrul Energy Outlook 2006 Reference, High Economic Growth, and Low 
Economic Growth scenarios. EIA expects the growth rate of coal prices to outpace inflation until about 
2007, and then expects a slower level of growth in nominal coal prices. 

More variability exists among longer-term forecasts. For example, Energy Ventures A n a l y ~ i s ' ~  predicts that 
coal prices will be significantly higher than today in nominal tenns, meaning that recent market events are 
expected to remain locked into prices. Conversely, Global Ins ig l~ t '~  projects much lower coal prices, below 
the bottom end of EIA's range. While all signs point to continued near-term increases in the delivered price 
of coal, the range in longer-tenn forecasts reflects uncertainty related to this critical input cost. 

l 3  Published in August 2005. 
l4 Published in Summer 2005. 
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Figure 2-11 
Forecasts of Delivered Coal Prices ($ Nominal) 
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Nuclear Fuel 

Although tlie fuel component for nuclear energy is a relatively sinal1 portion of operating costs compared to 
fossil fuel-fired genera t i~n , '~  tlie price of nuclear fiiel has risen recently as well. Figure 2-12 displays the 
historical weighted average price of milled uranium (U30g) purchased by owners and operators of U.S. 
civilian-owned and operated nuclear reactors. Before analyzing the trends presented in this figure, it is 
important to note that additional costs are incurred before tlie milled uranium (or yellowcake) is useful for 
power generation. Conversion to uranium hexafluoride, UF6, and subsequent enriclunent to increase tlie 
concentration of the fissionable isotope involve energy-intensive processes that become inore expensive as 
energy prices increase, and then the enriched UF6 is converted into nuclear fuel.I6 Each of the production 
steps represents additional costs not captured in the wliolesale purchased price of milled uranium. 

The market for milled uranium has experienced price increases that track the direction of increases in fossil 
fuel costs. Between 200 1 and 2005, wholesale prices for milled uranium increased froin $10.1 S per pound of 
U30s to $14.36 per pound, an increase of about 40 percent. Uranium is purchased largely from foreign 
suppliers: in 2005, 60 percent of total purchased uranium came froin abroad. Purchase prices froin foreign 
suppliers rose nearly 50 percent between 2001 and 2005, an increase that exceeded that of tlie weighted 
average price of uranium over this period. 

l 5  A somewhat dated estimate finds that nuclear fiiel costs amount to only less than one half of one cent per kilowatt-hour. 

l 6  http://www.eia.doe.gov/cneaf/iiLiclear/page/intro.html. 
See: http://www.eia.doe.gov/cneaf/nuclear/pag~/aiialysis/n~iclearpower.litml. 
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Figure 2-12 
Weighted Average Purchased Uranium Price ($ Nominal) 
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Purchased Power Costs 

Many utilities-especially those in states that have undertaken restructuring efforts-rely heavily on power 
purchased on the wholesale markets to fulfill their load-serving obligations. As a result of the fuel price 
increases cited previously, these purchased power costs have risen dramatically in the past two years. 
Wholesale power prices have responded to the marginal fuel prices-primarily natural gas in the peak 
periods and coal in the off-peak hours-in ways that have amplified the impact of fuel price increases. 
Before analyzing price trends in purchased power costs, it is infoilnative to review the evolution in wholesale 
power markets. 

Prior to 1990, almost all of the power transacted in wholesale markets was sold at cost-based rates. Around 
1990, the Federal Energy Regulatory Comnission (FERC) began to pennit wholesale power providers, 
including vertically integrated utilities, to sell at market-based rates as long as the seller showed that it did 
not have market power or, if it did, that it had sufficiently mitigated such market power.” FERC also 
approved regional “standardized” tariffs, such as the Western Systems Power Pool Agreement, that pennitted 
all members of the Agreement to sell power among themselves without having to file transaction-specific or 
bilateral agreements. The Energy Policy Act of 1992 encowaged the trend toward market-based pricing by 
creating a class of generators known as Exempt Wholesale Generators (EWGs). Such generators, also 
commonly known as Independent Power Producers (IPPs), were pennitted to sell in wholesale markets at 
unregulated rates. As the 1990s progressed, sales at market-based rates became cornmon in wholesale power 
markets. 

See, €or example, Boston Edison Company Re: Edgar Electxic Energy Company, 55 FERC 7 61,382 (1991), and Heartland 
Energy Services Inc., 68 FERC f 61,223 (1994). 
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FERC later approved the formation of centralized power markets and power exchanges in which hourly spot 
energy prices (both day-ahead and real-time) are set by an Independent System Operator (ISO) or Regional 
Transmission Organization (RTO). In such markets, generators bid the price at which they are willing to sell 
power. Tlie market-clearing price is the price of the last unit needed in a given hour to serve load. Hence, in 
foniial wholesale power marlcets, hourly prices are set by tlie interplay of demand and supply rather than by 
any particular seller's average cost of service. Wliereas cost-based rates tend to be stable because a seller's 
average costs do not change significantly, particularly in the near-tenn, market prices can fluctuate 
significantly fi-om hour to hour based on sudden clianges in demand, generation unit availability, and 
transmission constraints, among other factors. All of these factors can lead to a significant increase or 
decrease in the marginal bid accepted by tlie RTO to serve demand. 

Today, there are five centralized energy markets in the United States-the markets operated by tlie 
California ISO, the Midwest ISO, PJM, New York ISO, and IS0 New England." Tlie Southwest Power 
Pool is iinpleinenting a real-time energy market that will have some of the attributes of the centralized 
markets cited above. Texas, via its statewide reliability council (ERCOT), has initiated tlie development of a 
centralized nodal market by tlie beginning of 2009." 

Market-based power pricing also is coiimon in regions without centralized energy marlcets. In such regions, 
power generally is traded through bilateral contracts that range in length from one day to several years. As 
in the centralized markets, however, wholesale prices are affected by clianges in market fundamentals (e.g., 
demand, unit availability, fuel costs, and transmission bottlenecks), and thus can fluctuate significantly on a 
day-to-day basis and over time. Prices in such markets will be stable only insofar as the underlying market 
conditions are stable. 

Wholesale Prices Are Increasing and Becoming More Volatile 

Figure 2-1 3 demonstrates the upward trend in average daily energy prices in centralized energy markets. 
Shown are monthly and daily energy prices in PJM, New York ISO, IS0  New England, and the Midwest 
I S 0  over as much of 2001 to 2005 as the markets operated.20 A more limited set of observations for the 
Midwest I S 0  market is available because it opened in April 2005. 

As one can see, average prices have risen on a gradual upward trajectory since 2002. These averages of 
daily prices have varied f?om about $2 1 per MWh to more than $1 16 per MWh in tlie eastern power markets. 
While certain seasonal patterns are predictable, tlie price levels themselves have varied significantly from 
year to year and over shorter periods as well. Most important, during 2005 spot prices on nearly all markets 
rose by almost 100 percent, minoring the increases in fuel costs just discussed. 

'' The California IS0 only has a real-time energy market, whereas the other four iiiarkets have a real-tinie and a day-ahead energy nwket. 
If) http://www.ercot.conl/news/press~releases/2006/ERC0T_at~a~CJla1ice~News_lJpdate~- 

'' We purposely have excluded prices from California and the western I.Jnited States because the 2000-2001 western power 
- Febniary-9%2C-2006.html#Fee%20Case%20Hearing. 

crisis was a highly unusual and unprecedented episode that FERC has determined was caused in part by market 
manipulation. 
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Figure 2-13 
Average Day-Ahead Energy Prices (2001 to 2005) 
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Bilateral energy markets also have experienced upward trends that track increases in fuel prices. Figure 2- 14 
shows monthly energy prices at popular trading hubs in the Midwest, Southeast, and West. The prices are 
calculated as a volume weighted average of daily prices. The upward trajectoiy in prices experienced at all 
of these trading hubs is comparable to the pattern observed in the centralized power markets. In particular, 
2005 saw the same approximate doubling of prices over the course of a single year. 

Figure 2-14 
Average Daily Bilateral Energy Prices at Major Hubs by Month 
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Price volatility is expected in commodity niarlcets and can provide inarltet participants useful short-term 
signals. Electricity markets are particularly volatile because, unlilte most otlier coiimodities, electricity 
cannot be stored and its short-run demand is highly price inelastic. This inalces electricity prices particularly 
sensitive to sudden changes in niarltet conditions, such as tlie loss of a large generating plant or large 
transmission line, or large slioclts in input costs. While the preceding two figures demonstrate that price 
levels theinselves have increased, they do not document volatility in  electricity prices, per se. 

Figure 2- 15 presents a crude measure of volatility, by plotting tlie standard deviation of daily prices for each 
month for tlie hubs presented in Figure 2-14. Clearly, bilateral prices have faced periods of significant 
volatility over tlie time period, and currently reflect significant variation within each month. In response to 
tlie fuel price increases documented in this chapter, wholesale volatility is now higher than at any prior time 
except for a brief period of energy price spikes in 2003. This trend translates into higher purcliased power 
costs, wliicli dominate utilities' core operating expenses. 

Figure 2-15 
Standard Deviation of Daily Bilateral Energy Prices 
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CHAPTER 3 

Drivers of Electricity Demand 

Increasing Demand for Power 

Increasing demands for electricity are a fact of life in the American economy. When demand increases, both 
utility obligations and market prices signal tlie need for new investments in generation and power delivery. 
This phenoinenon occiirs even as the cost of providing electric service increases. 

In this chapter, we begin by noting tlie longstanding relationship between economic growth, technical 
progress, and the increased electrification of the economy. We then examine tlie potential impact of higher 
electricity prices on demand growth, and the prospects of demand-side conservation prograins to slow 
demand growth. These considerations combine to paint a picture of the need for new power industry 
investments required for adequate and reliable service. 

Academic economists generally agree that new knowledge and innovation liltely account for 80 percent to 90 
percent of total factor productivity growth. In turn, productivity growth is estimated to account for more 
than half of GDP growth. Consistent with these results, Bosltin and L,au (1992) found that during the period 
from 1948 to 1985, “technical progress accounted for half or more of an industrialized nation’s economic 
growtli.372’ 

Some economists have found an important causal link between electrification and teclmological progress. 
For example, Sam Scliurr found that, during much of the 20th century, technological advance has been 
energy dependent, which means that during this era of rapid productivity growtli there also was a substantial 
increase in the ratio of energy used to tlie quantities of labor and capital. Moreover, Schurr concluded that in 
the middle of the 20th century, there was a major transition to the use of electricity. In his view, this latter 
development, in particular, helped to increase the overall flexibility of production, thereby leading to the 
growth of economic productivity.22 

Teclmical progress is certainly related to electricity-based innovation, which can create opportunities for 
productivity growth in two ways: (1) developing improved electric end-use technologies and (2) improving 
tlie ultimate efficiency of the electricity infrastructure itself“ The first growth factor can be expected to 

” Electric Power Research Institute, Electricity Technology Roadinup 1999, Szinirnar-y arid Syiithesis, p. 53 I 
” Sam H. Schurr, Electricity IJse, Pi-odzictive Eficieiicy and Ecoiioiiiic Growth A Workshop, Electric Power Research 

Institute, 1986, p. 3. 
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increase demand for electricity. Technological progress that contributes to end-use efficiency, however, 
reflects part of the second driver of demand and has an opposite effect. 

Some new technologies and processes, commonly lmown as electric solutions or electroteclmologies, 
substitute electricity for energy traditionally supplied by fuel combustion, raising overall electricity use. In 
many cases, these electric applications are themselves efficient enough that they actually use less energy 
overall, even accounting for the fuel used to generate the electricity (i. e., they actually reduce primaly energy 
use). The following text box provides some examples of such technologies. 

Electric Solutions 

Some technologies and processes, commonly known as electric solutions, increase the use of 
electricity while reducing overall primary energy consumption. These technologies foster end- 
use efficiency and reduced environmental impact. Some technology advances will improve the 
efficiency of existing applications, such as high-efficiency lighting and motors. Other electric 
solutions will replace existing fossil-fiieled equipment but operate at a higher efficiency, as in 
the eventual substitution of plug-in hybrid vehicles (which are charged directly froin the 
electric grid) for gasoline-powered cars, and the use of high-efficiency heat pumps, such as 
geothermal heat pumps, for home and commercial building applications. 

Finally, some electric solutions introduce completely new processes to improve both energy 
efficiency and productivity simnultaneously. An example is microwave synthesis of ethylene, 
which replaces a chemically driven cracking process with a microwave process that consumes 
far less energy by breaking and forming only the chemical bonds required to complete the 
reaction. Moreover, it creates a much sinaller and less hazardous waste stream. Another 
example is isothermal melting (ITM), a system that uses immersed electric heaters to melt 
metal by heat conduction. ITM melts metal at a much lower temperature than traditional gas- 
fired furnaces that use heat radiation. As a result, ITM uses far less energy than traditional 
furnace technology. With a GO-percent market penetration in 2020, ITM would save 
approximately 18.6 trillion Btu and reduce emissions by more than 180,000 metric tons of 
carbon equivalent.2 

' Electric Power Research Institute, Elecftkiiy techno log?^ Ronclrw~p 1999 Syrithesis niid Szinimnry, p. 86 
http://www.eere.e1iergy.gov/ind~1stry/al~1min~1tn/pdfs/itm~l~7.pdf 

Greater electrification in a growing economy can be observed in EIA's projected electricity use per square 
foot of commercial sector capacity. (See Figure 3-  1 .) While EIA reports that the growth rates for overall 
energy use and comnercial space expansion are quite similar, this chart reveals that electricity use is 
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expected to increase steadily in coimnercial establislunents. EIA indicates that electric power intensity will 
increase as these establislments add lidcages to the Internet arid other telecoiniiiunications options.23 

Figure 3-1 
Commercial Electricity Use Per Square Foot of Capacity 

A wide variety of prqjections expect steady growth in the demand for electricity for the foreseeable future. 
Figure 3-2 displays historical demand for electricity and a variety of projections from EIA. The chart also 
displays NERC’s most recent prqjections for net electric energy for load, built up from individual NERC 
subregion reports. The figure shows that EIA projects 14-percent growth in U.S. demand between 2006 and 
2014 under its reference case scenario, and 1 1-percent to 17-percent growth for the saine time period under 
its low and high inacroeconoinic growth scenarios, re~pec t ive ly .~~ NERC prqjects 16-percent growth in net 
energy for load and 17-percent peak demand growth for the 2006 to 20 14 time period, equivalent to EIA’s 
High Growth Case. 

’’ http://www.eia.doe.gov/oiaf/aeo/pdf/trend-2.pdf. 
24 EIA also ran a sensitivity with high and low global petroleum prices, and these results showed a range of growth in 

demand for the same period from 13 percent to 16 percent for the high oil price and low oil price scenarios. 
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Figure 3-2 
U.S. Electricity Demand (1985 to 2014) 
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As many analysts have observed, since 1970 the real U.S. economy has grown by nearly 200 percent while 
energy consumption has increased by only about 50 percent. This “decoupling” of energy and GDP has 
occurred in part because the U S .  economy became more energy efficient overall and also because the 
composition of our GDP has sliifted away from energy-intensive products toward services.25 

Part of the U.S. economy’s increase in energy efficiency coincides with a shift toward the greater use of 
electric power, which tends to perform some tasks more efficiently than other fuels. In 1950, 14 percent of 
energy consumed in America was used to produce electricity. By 1970, that fraction increased to 24 percent, 
and today electricity accounts for 39 percent of total primary energy usage.26 In particular, the 
miniaturization and digitalization of inany technologies, as well as increased generator efficiencies, are 
reducing energy use as electric power demand continues to rise. 

These relationships are illustrated in Figure 3-3 I In the late 1980s and early 1990s, output and electricity use 
tended to grow at the same rate. Starting in the late 1990s, economic output grew faster than electricity use 
and much more rapidly than overall energy consumption. 

25 It should be noted that these figures reflect “direct energy,” or energy consumed in the United States. The energy 

26 Energy Information Administration, Annual Energy Review 2004, Table 2.1 a. 
consumed to make products that are imported (“indirect energy”) is not reflected in these figures. 



Why Are Electricity Prices Increasing? An Industry-Wide Perspective 

Figure 3-3 
Indices of Electricity Use, Energy Use, Real GDP 
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Looking toward the future, these two overall trends are expected to continue. Figure 3-4 shows a ratio of 
total projected U.S. electricity use to total projected GDP in EIA's latest long-term forecast. This forecast 
shows that electricity consumption per dollar of GDP is expected to drop by inore than 25 percent over the 
next 20 years. Wiile such efficiency gains are expected in every sector, we examine tlie trends more closely 
in the household sector in Appendix A. 

Figure 3-4 
Consumption of Direct Energy and Electricity vs. GDP 
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Chapter 3: Drivers of Electricity Demand 

The Effect of Price Increases on Power Demand 

Like all other noma1 goods, economic research and industry experience have confirmed that an increase in 
tlie real price of electricity will lead to a reduction in the growth of power demand. Because the electric 
industry is likely to go through a period of real price increases, it is important to examine tlie extent to which 
expected rate increases might reduce future expected demand growth, which influences utility forecasts of 
required investment. 

Earlier in this chapter, Figure 3-2 presented EIA and NERC projections of increased power demand tlirough 
2014. Wliile we do not have the data underlying NERC's projection, we can investigate tlie extent of 
potential price response effects using EIA's publicly available input data. To gain a better sense of tlie 
potential magnitude of the price response of demand, we have conducted a simple sensitivity calculation of 
possible price effects on EIA's projections. Details of tlie calculations are discussed in Appendix B. 

Our sensitivity analysis, illustrated in Figure 3-5, examines tlie impact of a hypothetical price increase that 
differs from tlie EIA projection. In this figure, the dark blue line indicates EIA's original reference case 
projections of real retail prices, which EIA expects to decline after tlie peak observed in 2005. Tlie solid 
black line shows the sum of electricity demand in tlie residential, commercial, and industrial sectors in this 
same reference case. Note that in response to the nearly 10-percent one-year rise in prices between 2004 and 
2005, demand flattens out considerably between 2005 and 2006. 

Our sensitivity analysis simply calculates the potential effect of a sustained real power price increase, using 
the same short-run EIA price response (elasticity) assumptions incorporated into its forecasting model. In 
particular, real prices are assumed to increase IO percent between 2005 and 2006, and then no change in real 
price is assumed tluough 20 14. Demand is then adjusted based upon tlie short-run elasticity factors from 
EIA and the difference in price from the underlying forecast in a given year. 

The resulting demand growth projection is tlie dashed black line in Figure 3-5, where tlie blue shaded area in 
the figure reflects tlie loss in demand in response to the hypothetical higher prices. In this simple 
experiment, an increase in the projected real price of electricity reduces overall demand growth in tlie 2006 
to 2014 period from 14.5 percent to 10.6 percent. Put another way, approximately 175 billion kilowatt-hours 
(kWh) of expected demand in 2014 would not be realized due to tlie price response of demand in tliis 
illustrative analysis. Using EIA's projected capacity factors for coal generators by 2014, this is equivalent to 
obviating tlie need for about 25 gigawatts (GW) of coal-fired capacity in 2014. 
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Figure 3-5 
Hypothetical Response of Demand to Change 
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This calculation is only illustrative, but it highlights the lidsage between prices and forecast deinand that can 
have a substantial impact on the amount and timing of new generating capacity needed. In addition to the 
deinand response to increased electricity prices, deinand is likely to be moderated through an expansion of 
demand-side management and demand-response programs adopted by utilities. 

The Impact of Demand-Reduction Programs 

The need for additional generation and transmission capacity will be mitigated somewhat by deinand and 
energy reductions achieved tlxough a variety of conservation, energy efficiency, and demand-response (DR) 
or load-inanageinent Such programs realize deinand and energy savings in addition to those 
achieved tlxough the price elasticity effects discussed earlier. It is important to recognize that customers, not 
utilities, control their own usage of electricity, except for those deinand inanageinent programs that involve 
interruptible seivice. Conservation and energy efficiency prograins reduce custoiners' overall electricity 
consumption, whereas DR programs reduce custoiners' consumption during peak hours but do not 
necessarily reduce their overall electricity consumption. Examples of the fornier used in the past include 
financial incentives or rebates to encourage custoiners to buy inore efficient appliances (refrigerators, water 
heaters) while examples of the latter include prograins that enable a utility to tempoi-arily shut off a 
customer's air conditioner or water heater during high deinand periods. Both types of programs came to be 
known as demand-side inanageinelit (DSM) programs. 

27 We use the latter two terms interchangeably in this report. 
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Many utilities, at the behest of their state regulators, started to implement conservation and load management 
prograins during tlie early 1980s largely as a response to rising he1  costs, iiicreasing construction costs, and 
growing public concerns about tlie environmental impacts of fossil-fired and nuclear generation. These 
programs sought to educate and motivate custoiners into adopting more efficient appliances, or allowing 
utilities to cycle or shut off end-use equipment for short periods during peak conditions. In addition, inany 
regulators and stalteliolders came to believe that demand-side resources-both energy efficiency and load 
management-should be considered and evaluated in utility resource plans in an integrated fashion with 
traditional supply-side resource options. Indeed, the need to consider demand-side and supply-side resources 
in an integrated manner was a central tenet of what came to be lcnown as integrated resource planning (I-). 
By 199 1, many state coinmissions had implemented some form of IRP, tliougli the extent to which utilities 
were required to pursue DSM programs varied widely.28 

Most utility DSM programs were scaled back in the mid-1990s as retail rates (in real tenns) declined and 
states implemented or considered retail competition. According to EIA, 1993 was the high water mark for 
utility spending on DSM programs, with total nationwide expenditures of more than $2.7 billion (including 
both direct and indirect program costs). By 1996, total utility DSM spending had fallen to $1.9 billion and 
by 1999 it had fallen to less than $1.5 billion. In many restructured states, however, DSM spending authority 
shifted from utilities to state or non-profit entities (through the collection of system benefit charges or public 
benefit funds), expenditures that are not reflected in these figures. Figme 3-6 shows the trend in utility DSM 
spending over the 1989 to 2004 period, normalized by expressing DSM costs as a percentage of retail sales. 

Figure 3-6 
Normalized Utility Demand-Side Management 

Program Costs, 1990 Through 2004 
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28 Cynthia Mitchell, “Integrated Resource Planning Survey: Where the States Stand,” Electricitv Journal, May 1992, 
pp. 10-15. 
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The recent increases in fuel and power prices have spurred renewed interest in utility-sponsored DSM 
programs. In September 2005, the California Public Utilities Coinmission approved $2 billion in hnding for 
energy-efficiency program from 2006 through 2008, an effort state regulators called tlie most ambitious 
energy-efficiency and conservation campaign in tlie history of tlie United States. These efficiency programs 
are expected to cut energy costs by inore than $5 billion and eliminate the need to build three large power 
plants over tlie next t h e e  years.29 In late 2005, tlie Energy Center of Wiscoiisin prepared a report that 
concluded, over tlie next five years, an average of $75 inillion to up to $12 1 inillion per year could be spent 
cost-effectively on statewide programs aimed at improving energy efficiency in Wisconsin homes and 
businesses. In Arizona, regulators mandated $48 inillion in new efficiency programs in 2005 and recently 
ordered an additional $2 1 inillion in spending. Clearly, interest in, and expectations from, DSM programs 
are increasing as states grapple with increased costs and rising prices. 

Historical Energy and Demand Savings from DSM Programs 

EIA also collects data on tlie energy and demand savings achieved by utility DSM programs. These savings 
have been relatively consistent over the 1994 to 2004 period, which suggest that DSM prograins initiated in 
the early 1990s have produced relatively consistent savings over the last 10 years. For example, ETA found 
that in 1994 DSM prograins saved a total of S7,42 1 GWli of energy, which is equivalent to tlie annual output 
of seven large nuclear units or the annual output of about 20 500-MW-generating units operating at a 66- 
percent capacity factor. In 2004, these prograiiis saved 54,7 10 GWli of energy. 

DSM prograins also reduce peak load. According to the EIA data, DSM programs have reduced pealc load 
by at least 23 GW over tlie 1994 to 2004 period. Peak load reductions have been relatively consistent over 
this period, ranging from a low of 22.9 GW in 2000 to a liigli of 29.8 GW in 1996. (Peak demand savings 
will be inore sensitive to weather than energy savings and therefore somewhat inore likely to vary from year 
to year.) In 2004, pealc load reductions were 23.5 GW, a significant savings-a typical new conibustion 
turbine (CT) is about 100 MW, so existing DSM programs have displaced tlie need for inore than 200 CTs 
nationwide. Approximately 60 percent (14.3 GW) of tlie demand reduction savings were achieved by 
energy-efficiency programs, with the remainder attained through load-management programs. 

Potential Energy Savings from DSM Programs 

Several studies recently have been conducted on the teclmical, ecoiioinic, and/or acliievable potential for 
energy efficiency in the United States These studies evaluated tlie potential for saving electricity, natural 
gas, or both, within a specific state or region, tluougli various conservation ineasures and programs. Nadel et 
al. reviewed and compared these studies to reach preliminary conclusions about the level of achievable 
energy efficiency in tlie United States.30 

29 “California PUC OKs $2B for Energy Efficiency,” Megawatt Daily, September 23, 2005. 
30 Steven Nadel, Anna Shipley, and R. Neal Elliott, The Tecl117ical, Economic, arid Achievable Pofenfial for Etiergy- 

Efjciency in the I J S  - A Meta-Aiiolysis qf Recent Studies, Proceedings of the 2004 ACEEE Summer Study on Energy 
Efficiency in Buildings, 2004. 
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Eight of tlie studies reviewed by Nadel examined potential electricity savings. A subset of these studies 
estimated acl7ievable potential savings, which take into account the rate at which homes and businesses will 
actually adopt energy-saving teclmologies and practices. As such, achievable potential is a more 
conservative measure of potential energy-efficiency savings than either technical potential or economic 
pote~itial.~' Achievable potential savings ranged froin 10 percent to 33 percent, with two studies estimating 
savings of 10 percent to 11 percent, two estimating savings of 3 1 percent to 33 percent, and one estimating 
24 percent, with tlie last estimate being the median. This range shows that results are very sensitive to tlie 
study's underlying assumptions. The median estimate of 24 percent translates into achievable potential 
savings of 1.2 percent per year. If realized, these savings would reduce annual electricity growth by 
approximately 50 percent, an ambitious but potentially plausible goal if conservation program were pursued 
aggressively across the United States. 

It is unlcnown at this time how aggressively each state will pursue energy-efficiency program over tlie next 
10 years and how states will address the difficult policy and ratemaking issues that such programs entail. 
Spending on conservation programs is likely to increase, but tlie magnitude and pattern of the increase are 
veiy uncertain and will be set on a state- or utility-specific basis. This, in turn, makes estimated savings veiy 
uncertain, because the studies cited show that achievable savings will be sensitive to the aggressiveness of 
tlie program and policy tools employed by states and utilities. 

Savings from Appliance and Equipment Standards 

Significant energy savings also are provided by federal appliance and equipment efficiency standards. 
Federal standards were first adopted in 1987, though the National Appliance Energy Conservation Act of 
1987, and then extended tluougli the Energy Policy Act of 1992 and again through EPAct 2005. The 
specific products (from the 1987 and 1992 laws) covered by these different standards are summarized in 
Table 3- 1. These standards prohibit tlie production and import or sale of appliances or other energy- 
consuming products less efficient than tlie minimum requirements. In addition, tlie U.S. Department of 
Energy (DOE) also establishes building codes that set minitnuin efficiency levels for appliances and 
equipment installed in new homes. 

3 '  However, several studies estimated achievable potential but not economic potential, which nieans that median results for 
economic and achievable potential cannot be directly compared. 
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Table 3-1: Products Subject to Existing Appliance Efficiency Standards 

Products lncluded in the National Appliance Energy Consewation Act (NAECA) 
Refrigerator- freezers Clothes wasliers 
Freezers Clothes dryers 
Room air conditioners Dishwashers 
Central air coiiditioners and heat pumps Ranges and ovens 
Residential furnaces and boilers Pool heaters 
Residential water heaters Fluorescent lamp ballasts 
Direct-fired space heaters Televisions 

Products Added in the Energy Policy Act of 1992 
Fluorescent lamps Showerheads 
Incandescent reflector lamps 
Electric motors Toilets 
Packaged air conditioiiers and heat pumps 
Coimnercial furnaces and boilers 
Coininercial water heaters 

Faucets and aerators 

Distribution transformers 
Small electric motors 
High-intensity discharge lamps 

According to tlie American Council for aii Energy Efficient Economy (ACEEE), tlie overall savings from 
established appliaiice and equipment efficiency standards have been quite substantial. As of 2000, appliance 
standards had already cut U S .  electricity use by 2.5 percent and 1-J.S. carbon emissions from fossil fuel use 
by 1.7 percent.32 

The recently enacted standards are projected to result in total electricity savings that would reach 253 billion 
1cWh and 341 billion kWh per year, or 6” 1 percent and 7.0 percent of the projected total U S .  electricity use, 
in 2010 and 2020, respectively. These standards also are expected to yield peak load reductions of 66 GW 
by 2010, wliicli is 7.5 percent of projected total (lion-coincident) 1J.S. peak d e ~ n a i i d . ~ ” ~ ~  It is important to 
note that tlie EIA forecasts discussed earlier in tlie chapter already account for tlie savings provided by 
appliaiice efficiency standards and building codes. 

j2 Tom Kubo, Harvey Sachs, and Steven Nadei, 0pj’ortiii7ities for- New Aj7jdinnce a id  Eqzriyiner7f Efficiei7cy Stnndar-ds. 
E17ergy arid Ecor?on7ic Savings Beyoiid Cztr-rent Stai7dar-ds PI-ogr-arns, American Council for an Eiieigy Efficient Economy, 
September 200 1, p. 5. 

j3 Id., p. 5. 
j4 Projected reductions in energy consumption are based 011 EIA’s 2006 forecast of electricity consumption. The projected 

reduction in 2010 demand is based on NERC’s 2005 forecast of peak demand. 
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EPAct 2005 mandated national efficiency standards (or rulemaking deadlines) for 16 additional products or 
classes of products, including conunercial equipment, such as convnercial refrigerators and freezers, and 
residential equipinent, such as ceiling fans and del~umidifiers.~~ ACEEE’ s preliminary analysis of the impact 
of these expanded federal appliance standards finds that they could save an additional 18 billion 1tWh of 
electricity by 20 

EPA ENERGY STAR@ Program 

Another federal initiative that is helping to reduce energy and electricity consumption is the ENERGY STAR 
program. The “ENERGY STAR” label identifies products, practices, services, homes, and buildings that 
meet goveimnent guidelines for energy efficiency. Introduced by the U S .  Environmental Protection Agency 
(EPA) in 1992 for energy-efficient computers, the ENERGY STAR program has become a broad platform 
for promoting energy efficiency across the residential, comnercial, and industrial sectors. The program has 
grown to include efficient new homes that became eligible for tlre ENERGY STAR label in 1995 and more 
than 40 product categories for homes and businesses, such as clothes washers, TVs, and  refrigerator^.^^ 
While the ENERGY STAR initiatives are separate from the utility DSM programs described earlier, EPA in 
some cases partners with utilities (as well as home builders, manufacturers, and others who play a key role in 
getting energy-efficient equipment into the market) I 

EPA estimates that the ENERGY STAR programs saved a total of 126 billion lcWh of energy and 25 GW of 
peak power in 2004---the amount of peak power required for about 25 million homes. These prograins also 
prevented the greenhouse gas emissions equivalent to those from 20 million  vehicle^.^' 

Demand-Response Programs 

A variety of DR programs are run by the RTOs and the ISOs in organized markets and by vertically 
integrated utilities where traditional industry structures prevail. DR programs can be particularly valuable in 
areas that lack sufficient surplus capacity to meet peak demands reliably. Some programs use “price-based” 
incentives, such as time-of-use (TOU) or real-time pricing (RTP), to encourage customers to reduce or shift 
consumption from peak periods to off-peak periods. Other programs use direct load control devices to 
curtail consumption, such as when a utility or system operator remotely shuts down or cycles a customer’s 
air conditioner or water heater on short notice to address system or local reliability continge~icies.~’ In the 
PJM market, inore than 6,000 commercial and industrial facilities (with peak demand greater than 100 kW), 

35 In addition to the appliance standards, EPAct 2005 also includes manufacturer and consumer tax incentives for advanced 

36 http:llwww.aceee.orglenergyl05 1 0confsvg.pdf’. 
energy-saving technologies and practices. 

U.S. Environmental Protectioii Agency, Itwesting in Oirr Fzrtitre: Energy Star atid Other- Vohriitary Programs, 2004 
Anntrnl Report, October 2005, p. 10. 

38 Id., p. 4. 
39 Demand-response programs also can recognize the contribution of customer-owned generation (including emergency or 

back-up generation) as a means to reduce a customer’s net load, giving appropriate financial value and credit to 
participants. 
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as well as more than 45,000 small coriuiiercial and residential sites, participate in its DR program. IS0 New 
England currently has more than 600 MW of capacity signed up under its DR program. 

Despite these RTO initiatives and utiIity-run programs, DOE found that limited DR capability exists in the 
United States at present. In 2004, the aggregate national DR potential was about 20,500 MW-three percent 
of total U S .  peak demand. Actual delivered peak deiiiand reductions were about 9,000 MW, or 1.3 percent 
of total peak deii~and.~' (This is consistent with tlie findings reported above, in which deinand reduction 
program were found to account for about 40 percent of tlie 23,500 MW reduction in peak load achieved 
through DSM programs.) DOE found that the total potential load management capability in tlie United 
States has fallen by 32 percent since 1996 due to low electricity prices, fewer utilities offering load 
management services, declining enrollment in existing programs, and the changing role and responsibility of 
utilities. DOE also aclcnowledged some positive developments that suggest a resurgence of interest in load 
management. One is the RTO custoiner load participation prograins mentioned. Another is the fact that 
some states (Maryland, New Jersey, New York, and Pennsylvania) have adopted real-time pricing (RTP) as 
the default pricing mechanism for large customers purchasing generation service from utilities, while others 
(California, Florida) have implemented large-scale RTP or critical peak-pricing programs. As a result of 
EPAct 2005, time-based tariffs such as RTP will become inore prevalent. 

Purchases of tlie advanced controls necessary for some of these DR program and for greater customer 
response to RTP are a valuable industry investment that will reduce power costs in tlie long run, but will 
require an upfront investment by utilities. The text box on tlie following page describes some of tlie specific 
investments required to better realize tlie potential of DR. 

U S .  Department of Energy, Benefits of Deriiarid Response in Electricity Markets and Recormiiendatiotis for Achieving 
Them. A Rej7ol-t to the I/riited States Congress Pummiit to Sectioii 12 52 of tlie Energy Policy Act of 200.5, Febniary 2006, 
p. xii. 
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Investments That Help Realize the Potential of Demand-Response Programs 

Four building blocks to improving the efficiency of electricity use are: (1) coimnunications 
infrastructure; (2) innovative rates and regulation; ( 3 )  smart end-use devices; and (4) 
innovative markets. Coimnunications infrastnicture is a key enabler of energy efficiency and 
demand response because it enables a two-way inforination exchange between energy service 
providers and specific energy-consuming devices. The Internet enables two-way inforination 
exchange with specific end-use devices, provided that the necessary advanced metering 
infrastnicture is in place. 

Smart, network-addressable devices include air conditioners, major appliances, motors, 
pumps, and lighting systems. These devices receive electricity rates through the network, 
measure and coinrnunicate power usage through the network to the energy service provider, 
and optimize operation to minimize energy costs. For example, an air conditioner would 
measure hourly power consumption and communicate it to the energy service provider 
through the Internet. 

A number of technologies are available and under development to support demand-response 
and energy-efficiency programs. They include a variety of distributed generation technologies 
whose costs, with fiirther research and development, are expected to be reduced over time, 
thereby enabling their widespread deployment. In addition, several energy storage 
technologies are under development that would offer consumers another option for reducing 
their electricity demand at peak times when costs are high and reliability may be more likely 
to be threatened. Examples of these technologies include: 

Microgrids: Improve power quality, enhance DSM, and ease peak demands resulting 
from randomness of load. 

DG and Storage Dispatch, Batteries: Store energy to be used for emergencies or on-peak 
needs. 

Super-conducting Magnetic Enerav Storage (SMES): Store energy to be used for 
emergencies or on-peak needs; real-time control applications. 

Flvwheels: Help shave peak demand; enhance power quality and reliability, 

Intelligent Building Svstems: Optimize energy consumption. 

Advanced meters also will facilitate customer participation in voluntary, price-based demand- 
reduction programs, by allowing all customers to participate in real-time pricing and 
comparable programs that provide customers with financial incentives to reduce demand 
when production costs or wholesale prices are high. Today, few residential and sinall 
commercial customers have the metering equipment necessary to participate in real-time or 
peak-period pricing programs. 
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Real-Time Pricing 

Under RTP tariffs, electricity customers are charged prices that vary over short time intervals, typically every 
hour, and are quoted one day or less in advance to reflect contemporaneous inarginal generation ~ o s t s . ~ ’  
RTP differs from conventional retail tariffs, wliich are based on average or embedded costs that typically do 
not vary by time of day and are fixed for years at a time. During peak periods, wliolesale power costs can be 
very high-well above average power costs-but inost retail custoiners receive no price signal indicating 
that this is tlie case. Economists and many policymalters have long believed that RTP or TOU pricing should 
be more widely irnpleinented to give custoiners better price signals and to give them a financial incentive to 
reduce electricity consumption at times when wholesale costs are l i i g l ~ ~ ~  New computer and fiber 
technologies are rapidly being developed that can work within an RTP context to enable utilities and 
customers to manage electricity use. However, inany custoiners have resisted RTP because it raises their 
peak electricity prices. 

Widespread participation in RTP will require increased custoiner interest in the potential economic benefits 
to overcome reluctance to be exposed to wholesale inarlcet price fluctuations. High customer participation, 
in turn, would entail greater utility program costs for software and technology. For example, RTP will 
require replacement of today’s metering teclmology. Custorners who participate in RTP tariffs require 
advanced or “smart” meters that measure and store energy usage at intervals of one hour or less and include 
coinniunication links that allow tlie utility to remotely retrieve current usage information whenever needed. 
Conventional electro-mechanical meters account for more than 90 percent of tlie current ineter 
and only record cumulative energy usage. As noted in Chapter 6, replacement of all conventional meters 
with advanced meters would involve a total investment of approximately $12 billion to $18 billion, which 
does not include additional eqiiiprnerit needed for RTP, which could substantially increase these costs.44 

Thus, while increased use of RTP and other form of time-based pricing is likely over the next 10 years, it is 
unclear how widespread such pricing will become. The push for RTP (and other foiiiis of demand 
management) is likely to be strongest in regions with relatively high marginal generation costs, snch as New 
England and Califoiiiia. Attaining widespread custoiner participation in RTP will be a challenge, but a 
strong push from state regulators could help spur interest even among small customers. 

Galen Barbose and Charles Goldman, A Szirvey of Utility Experience with Real Tiine Pricing, Ernest Orlando Lawrence 
Berkeley National Laboratory, L,BNL-54238, December 2004, ES-I . 
See, for example, Kenneth Gordon arid Wayne P. Olson, Retail Cost Recovery nnd Rate Desigti, Prepared for the Edison 
Electric Institute, December 2004. 
U S  Department of Energy, Betiefits of Deriiarid Resporise iri Electricit)) Mnl;lcets mid Recomiiiendatior?s for Achieviiig 
Tlieni A Report to the IJtiited States Congress Pzirsziant to Sectioii 1252 of the Eiiergy Policy Act of 2005, Febniary 2006, 

This estimate just includes the cost of the meter itself and does not include the cost of the demand-response components, 
which vary widely and may be from $100 to $250 per site Th~is, the total cost of providing RTP to the 120 niillion 
residential customers who do not have the necessary technology today could exceed $40 billion. 

P 25 
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i 

Conclusion 

The need for additional generation and transmission capacity will be mitigated by demand and energy 
reduction acliieved through tlie price elasticity impact of rising prices and tluough a variety of conservation, 
energy efficiency, and deinand-response programs. However, there still will be a need in tlie future for 
utilities to inalte major investments in generation and transmission capacity. 
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CHAPTER 4 

Generation investment 

Tlie demand for reliable electricity is expected to grow-even after accounting for greater penetration of 
more efficient end-use equipment and potential customer responses to higher prices. In order to meet the 
higher demands for more reliable electric service, the industry will need to invest in new generating plants, 
transmission facilities, and distribution systems, and will need to inalte investments in enviromnental 
protection in order to comply with recently enacted regulations. 

There currently exists sufficient surplus generating capacity in most regions of the countiy to meet current 
and near-tenn peak demands reliably, a condition termed “generation adequacy” by utility planners. 
However, there are regions, such as the West coast, Florida, and the Northeast, that face more immediate 
needs for new capacity to maintain generation adequacy. This chapter examines the likely timing and pattern 
of new generation additions in tlie United States during the next major generation investinent cycle. As 
explained herein, the most significant changes in tlie generation investment picture are the re-emergence of 
new coal-fired and possibly nuclear baseload generating plants-the first such major additions of solid-fuel 
baseload generating plants to the fleet in nearly 20 years-along with significant growth expected in 
renewable electric generation. The next wave of generation investments, while not extraordinarily large in 
capacity terms in tlie next decade, inarks a turn toward much more capital-intensive types of generation 
facilities. 

Generation Additions: Past, Present, and Future 

The capacity surplus in inany regions of the United States is primarily a result of a booin in natural gas-fired 
capacity that began in the late 1990s and that is currently winding down as tlie last few plants are completed 
over the next two to tlxee years. This surge in generating capacity is seen quite vividly in Figure 4- 1, which 
also shows a prqjection of new capacity and peak demand growth according to NERC. 

Tlie reasons for the huge boom in natural gas-fired generation were many, and include: 

= Very low capital costs, especially for natural gas-fired combined-cycle (NGCC) plants, owing to rapid 
technological improvements; . Relatively short construction times; 

= Very high operating efficiencies and availabilities with low non-fuel O&M expenses; 

Minimal environmental impacts and associated costs; 
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. Favorable interest rate enviroiunent and low-cost capital structures; 

= Optimistically low projections (in retrospect) of natural gas prices. 

Figure 4-1 
Capacity and Demand Balance 
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For these and other reasons, nearly all generating capacity built sirice 1995 was natural gas-fired, and a large 
portion were NGCC plants whose projected operating economics appeared to be competitive with coal-fired 
capacity for baseload and intermediate duty cycles. As shown in Figure 4-2, of tlie nearly 275 GW of new 
capacity installed between 1995 and 2004, more tlian 260 GW was gas-fired, of which about 135 GW were 
combined-cycle plants. 

Natural gas prices spiked sharply in 2000, and thereafter increased and became more volatile. The current 
price projections discussed in Chapter 2 are two to t h e e  times higher in real terms than the prices 
experienced in the 1990s. Instead of fuel costs for an NGCC plant in the $25/MWh range (7,000 Btu/kWh 
heat rate with $3.50/mmBtu gas prices), these plants now face fuel costs of $7S/MWh or more, malting them 
generally uncompetitive with other baseload technologies such as coal and nuclear. Based on data provided 
by Energy Velocity, we calculate that capacity factors for combined-cycle plants have fallen fiom their highs 
of nearly 50 percent in 2001 to 37 percent in 2005. 

Thus, while many regions have an installed capacity surplus from a reliability perspective, much of the 
surplus arises froin plants that are no longer economical to rim much of the time, a condition that will persist 
if gas prices remain at or near current levels. In some regions, where gas is the marginal fuel for most hours, 
the resulting wholesale price increases have helped the economics of operating these plants, but gross 
operating margins remain low and the value of these plants has been impaired substantially. 
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Figure 4-2 
Capacity Additions (1995 to 2004) 
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Low NGCC capacity utilization and high, volatile electricity prices in regions where natural gas iiifluences 
wliolesale prices have sparked newfound interest in "fuel diversity" at both the federal and state levels. This 
is evidenced in Section 125 l(a)( 12) of EPAct 2005, which requires states to consider means by which they 
can minimize their dependence on any one fuel source and to ensure that electricity is produced or procured 
from a diverse range of fuels and technologies, including renewables. Minimizing exposure to natural gas 
prices also has given a strong impetus to renewable mandates. In the current market, many utilities have 
begun to propose non-gas-fired baseload plants to meet future needs. This reflects tlie widespread perception 
that natural gas has become uneconomic and too risky for baseload generation and the corresponding 
premise that wholesale electricity inarltet prices now support tlie construction and operation of new coal and 
nuclear plants that economically displace natural gas plant generation. 

Although coal and nuclear plants enjoy substantial operating cost advantages over NGCC, they are much 
more expensive to build, and face more intensive permitting requirements and longer construction times. 
Coupled with the general surplus in most regions, EIA projects that tlie next generation of baseload plant 
construction will begin slowly, with coal and nuclear plant completions accelerating over tlie next 10 to 20 
years, with more renewable capacity in the next 10 years arising from state-level mandates. The EIA 
projection of capacity additions is shown in Figure 4-3. 

The capacity totals in Figure 4-3 indicate the expected completion dates of new plants, and therefore lag tlie 
bulk of construction expenditures by several years. Thus, the construction expenditures associated with tlie 
plant-in-service projected between 2005 and 2009 already have been partially incurred. The smaller amount 
of capacity assumed in service between 2010 and 2014 does not imply a corniiiensurately smaller degree of 
capital investment during that period because this is a time when much of the capacity anticipated to be on- 
line in the 2015 to 2019 period will be under construction. 
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Figure 4-3 
Projected Capacity Additions 
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Since natural gas prices began rising in the very late 1990s, there have been several coal plants built and 
inany more proposed. According to DOE, there are currently 140 coal plant proposals that total 85 GW of 
capacity arid represent a $1 19-billion inves t~nent .~~ Of course, these proposals are in various stages, and it is 
unlikely that all will be built, or even that the majority will be built within the stated timeframe of 2015 
(about 23 GW of the proposed plants do not have a stated in-service date). EIA projects that only about 15 
GW of coal-fired capacity will be completed between 2005 and 2014, with another 140 GW between 2015 
and 2030. 

New coal plants are more efficient and much cleaner than coal plants built 20 years ago, even conventional 
pulverized coal technologies. In addition, there has been substantial interest in emerging teclmologies such 
as integrated gasification combined-cycle (IGCC) plants. [The DOE survey tracks 22 proposed IGCC 
plants.] IGCC represents a hybrid coal-gas plant, where the coal is gasified under high temperature arid 
pressure, and tlie resulting synthetic gas is used to power a combined-cycle plant. While estimates vary, 
IGCC construction probably costs about 10 percent to 20 percent more than conventional pulverized coal 
plants, and overall efficiency and reliability must be proven beyond the demonstration projects already 
completed. Another clean coal technology is circulating fluidized bed (CFB) units, which can also burn 
waste coal from abandoned mining sites, with resulting environmental benefits. EPAct 2005 provides tax 
credits for early deployments of IGCC (20-percent credit on taxable basis) and other advanced coal 
technologies (1 5-percent credit), subject to national aggregate credit limits for each type of facility. 

4s U S .  Department of Energy, Tracking New Coal-Fired Power Platits Coal's Reszirgerice in Electric Power Generation, 
March 20, 2006. This includes about 2 GW of coal capacity already in service. 
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Investments in coal plants, however, carry significant rislcs as a result of mandatory controls on greenhouse 
gases that might be implemented in tlie future. Tlie burden of national carbon dioxide (CO-J limits would 
fall heavily on coal-fired generation, although older plants are probably at greater risk of closure. However, 
any market-based CO2-reduction policy, whether a CO2 tax on fossil fuels or a cap-and-trade allowance 
scheme, would significantly raise the operating costs of coal-fired power plants, although tlie degree of 
impact would depend on tlie particular policy enacted. 

Nuclear Power Plants 

Interest in building nuclear power plants has revived substantially in tlie past several years, owing both to 
attractive operating economics recently experienced and concerns about global warming policies that miglit 
eventually impair coal investments. In tlie past 15 years, nuclear power plants have shown tremendous 
operational improvements and many have been up-rated to add generating capacity. Average capacity 
factors have increased from 66 percent in 1990 to about 90 percent in 2005, owing primarily to increased 
availability as refueling outages have been shortened froin an average of 104 days to 38 days and to 
improved maintenance programs that have reduced forced outages. At tlie same time, tlie Nuclear 
Regulatory Commission has developed a streamlined licensing process for new nuclear approvals. 

Although existing nuclear plants have demonstrated high reliability and very low operating costs, tlie next 
generation of nuclear plants will almost certainly have higher capital costs than conventional fossil fuel units. 
However, interest in diversifying the fuel mix and the fact that nuclear power does not emit any COz have 
led to 10 proposals for new nuclear units, reflecting serious interest in reviving this technology as a baseload 

Some of tlie project sponsors have already filed for Early Site Perinits, and are expected to file for 
combined coiistruction and operating licenses within tlie next two years, which could lead to construction 
beginning on some of tlie plants soon after 2010. EPAct 2005 also encourages new nuclear facilities with a 
combination of loan guarantees, production tax credits, and risk protections for initial project developers. 

Tlie time horizon for new nuclear investments is such that these investinents are not likely to contribute to 
upward rate pressures for the period we examine in this paper. However, utilities that are planning these 
units will incur some outlays, and future investments at tlie end of our study period are lilcely to be 
substantial in both size and risk. 

Fitch Ratings, “Wholesale Power Market IJpdate,” March 13, 2006. Also, Nuclear Energy Institute, “New Nuclear Plant 
Status.” 
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Renewables 

New renewable electricity includes, among others, wind, solar, geothennal, biomass (wood, wood waste, 
energy crops, and landfill methane), and small hydro. The primary advantages of renewables are low, stable 
operating costs and the environmental benefits of little or no air and water emissions. However, renewable 
technologies generally are more costly to build (on an installed $/kW basis), altliougli construction times for 
wind and solar are typically shorter than for fossil-based generation capacity. While some biomass and 
geothermal operate as baseload capacity, wind and solar have lower capacity factors and their power output 
is intennittent because they are based on variable resources. Renewable resources also vary quite 
substantially in their geographic distribution. 

At this time, wind power is the most competitive renewable generating technology as its levelized cost 
compares favorably to the levelized cost of gas-fired generation in some areas. However wind power cannot 
reliably meet peak demands because of resource intermittency. Therefore, wind capacity is less valuable to 
meeting system reliability and generation adequacy objectives than equivalent amounts of conventional 
fossil fuel generation capacity. In addition, variable output that is not readily forecasted makes wind power 
more challenging and costly to integrate into the power grid. This additional cost is generally considered 
modest at current levels of wind power penetration, but may rise as greater amounts of intermittent resources 
are incorporated into regional electricity markets.47 Recognizing the need to promote greater amounts of 
intermittent wind resources, FERC and industry stakeholders have developed new market and operational 
rules to assist developers in gaining access to transmission and other market services on terms comparable to 
those available to conventional energy developers. 

Other than traditional hydroelectric power stations, renewable energy is still a sinall percentage of the overall 
electric supply. However, recent growth rates in installed capacity have been impressive-wind capacity has 
been growing at about 20 percent per year recently-which has largely been a result of renewable 
requirements established at the state level and the periodic renewal of the production tax credit allowed for 
renewables, although there also has been increased demand from customers of utilities offering “green” 
electricity for a premium rate. 

Renewable Energy Standards 

A renewable energy standard is a mandate that a retail electricity supplier obtain a specific portion of its total 
supply from eligible renewable energy teclmologies. Most of these standards allow the obligation to be 
satisfied by a variety of combinations of renewable sources and are thus referred to as Renewable Portfolio 
Standards (RPSs) These policies have been established in 20 states and the District of Columbia as shown in 
Table 4-1, and now apply to rouglily 50 percent of retail electricity sold. The resources eligible to satisfy the 
RPS requirements, the required portion of renewables, and the compliance deadlines vary substantially 
among the various state programs. The actual impacts of a given RPS policy on increasing renewable 
generation and on the costs of compliance are less related to the absolute percentage requirement but are 
more a function of how the actual requirement coinpares to the eligible renewables already installed and the 

“See Utility Wind Integration Group, “Utility Wind Integration State ofthe Art,” May 2006. 
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poteiitial resource base.48 Thus, a state that already gets a high percentage of generation from reiiewables 
(e.g., Maine) inay incur siriall costs under a nominally ambitious target, while states with smaller percentage 
targets but far less potential for ecoiioiiiically increasing renewable energy contributions may face very high 
costs. 

Table 4-1 

I Fraction of U.S. Retail Load in States with Renewable 
Energy Standards 

All Statcs with Rcncwablc Crcdit-trading Polic) 
Encrgy Standard Rcqiiircd I'crccnt By Year , in placc? 

Arizona I 10% 2007 No 
California 20% 2017 No 
Colorado ia?/a 2015 Y cs 
Connccticut 10% 2010 YCS 
Dclawarc IO'% 2019 YCS 
District of Columbia 11% 2022 Yes 
Hawaii 20% 2020 No 
Illinois* 8% 2013 No 
Iowa 2% 1999 No 
Mainc 30% 2000 No 
Maryland 7 50% 2019 Y cs 
Massachusctts 4% 2009 Y cs 
Minnesota** 19% 2015 No 
Montana 15% 2015 Yes 
Ncvada 20% 7015 Y cs 
Ncw Jcrscy 77 50% 2020 YCS 
New Mexico 10% 201 I Y cs 
Ncw York 24% 2013 No 
Pcnnsylvania 8% 2070 YCS 
Rliodc Island 16% 2019 Y cs 
Tcxas 4.20% 2015 Y cs 
Wisconsin 2 20% 201 I YCS 

Percent of 2004 U.S. Retail Sales in Statcs with Renewable Energy Standard 

All Statcs with Rcncwablc Encrgy Standards: JX.X'% 
Statcs with Crcdit-trading Policics: 25.5% 

Sourccs and Notes: 
*Illinois lias cstablislicd a rcncwablcs rcquircmcnt with no spccific 

**Minnesota has cstablislicd both a rcquircmcnt and a goal 
For a list of statcs with RPS policics, scc Union of Conccrncd Scicntists, 

"State Minimum Rcncwablc Encrgy Rcqiiircnicnts (as of April 2006)" 
7004 rctail sales data is from Encrgy Vclocily 

cnforccmcnt nicasurcs, but utility regulatory intent and authority appears stifficicnt 

In 14 of the states (comprising about 25 percent of U.S. retail load), the RPS includes tradable renewable energy credits 
(RECs), which can ease compliance. An REC represents one MWh generated from an eligible source, and can be 
decoupled from the achial generation and sold separately for compliance. A retail utility can use any conibination of 
renewable power actually purchased and RECs; likewise a renewable generator can sell RECs separately from its power 
sales. Tradable RECs can siniplify transactions arid lower costs by creating, in effect, a separate wholesale rnarltet for the 
renewable attributes of eligible generation. 
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Estimates vary on the amount of renewable electric generating capacity that will be developed to attain the 
standards and goals already promulgated. According to EIA’s Annzral Energy Ozrtloolc 2006, about 10 GW 
of additional renewable capacity is likely over the next 20 years, while the Union of Concerned Scientists 
estimates about 30 GW of new renewable capacity over the next 10 years.49 

It is too early to tell just how RPS policies will contribute to electricity price increases, since many of tlie 
ambitious targets lie in the fiiture. Similarly, experience in renewable energy credit (REC) markets and 
resultant price dynamics is limited to those few states with active REC markets. However, in tlie majority of 
cases, renewables (or equivalently, RECs) will be purchased at prices above tlie wliolesale cost of 
conventional generation and thus will increase the overall cost of serving load in states where such policies 
have been enacted. The additional expenditures from mandatory renewable obligations represent additional 
costs that should be recovered in rates. 

Green Electricity Marketing 

Many utilities are also offering new prodiicts in the form of “green” electricity options whereby they fill all 
or part of the customers’ load with renewable supply (or RECs) and charge slightly higher rates to reflect the 
higher costs of renewable power. These programs have grown rapidly with both residential and business 
customers, and in some regions the renewable rates have actually proven to be quite competitive as recent 
fuel price increases have been reflected in standard customer tariffs. While the higher rates paid by 
consumers reflect voluntary preferences, these programs are helping to increase renewable market share in 
some states. 

On-Site Customer Generation 

The need for additional utility generation and transmission will be mitigated to some extent by increased 
development of small, onsite customer generation. Such generation is typically known as distributed 
generation (DG). Examples of DG include microturbines, biomass-based generators, small wind turbines, 
solar thermal electric devices, and backup generators at office buildings, industries, and hospitals. In 
contrast to large, central-station power plants, distributed power systems typically range from less than a 
kilowatt to tens of megawatts in size. EIA projects that 5.5 GW of DG, or slightly less than two percent of 
all new generating capacity, will be installed over the next 25 years.50 

In addition to reducing the need for generation investment, optimally sited DG can reduce tlie need for 
transmission and distribution investment while resolving some system constraints and reducing line losses. 
The current efficiency of microturbines in the range of two to 75 1tW is rather low but as their efficiency 
improves these small generators will become more attractive alternatives to grid-based electricity services. 

49 Energy Information Administration, Annzial Energy Oirtloolc 2006, and estimates on Union of Concerned Scientists’ Web 
site at ucsusa.org. The discrepancies between the estimates primarily reflect differences in assumed impacts of RPS 
policies, different technology mixes arising to satisfy the RPS generation requirements, and differences in measuring the 
existing renewable capacity base. 

50 Energy Information Administration, Aiiiizral Energy Ozitlook 2006, February 2006, Table A9. 

48 

http://ucsusa.org


Why Are Electricity Prices Increasing? An Industry-Wide Perspective 

In addition, public policy ob,jectives (e.g., development of small-scale renewable generators) are liltely to 
foster the developinent of DG. 

Sectioii 12.5 1 of EPAct 200.5 encourages the development of small, orisite generation by requiring states to 
consider if utilities should riialte net inetering services available upon request to any customer. Net metering 
allows electric customers to sell to a local utility (or electricity supplier) any excess electricity generated by 
an onsite generation source. Excess electricity produced by the onsite generator will spin the customer’s 
meter “backwards” such that tlie customel- is a net seller of electricity to tlie local utility at such times. Net 
metering is a policy that inany states already have iinplemented to encourage tlie use of small renewable 
energy systems. Approximately 40 states have adopted some foiin of net inetering law for small wind and/or 
photovoltaic teclmologies whereby the customer receives a credit for excess power sold to the utility.” 
Under most state rules, all retail custoiners are eligible for net metering; however, some states restrict 
eligibility to particular custoiner classes. Customer participation in net metering programs has grown 
significantly. In 2004, a total of 15,286 customers were in net metering programs-a 132-percent increase 
from 2003. Residential customers accounted for 89 percent of all custoiners participating in such 
programs. 52 

Net metering offers onsite generators a convenient way to account for energy production, allowing excess 
energy produced to be offset against energy purchases made at other times. Net metering also can be an 
inexpensive way to sell excess energy in quantities that are too sinall or intennittent to marltet directly. For 
these reasons, net metering can promote tlie developiiient of small-scale renewable teclmologies that can 
defer or displace a inodest amount of central-station generation and transmission capacity. 

The use of net metering with current metering teclmology is problematic, however, because today’s meters 
cannot account for tlie difference between high-cost peak and low-cost off-peak electricity, nor can they 
account for tlie difference in wholesale and retail electricity costs. For example, a conventional meter only 
can record that over a given month an onsite generator sold a net of 100 1tWh to tlie local utility, but will 
have no record of when the 100 1tWh was sold. Sales at 4 p.m. on a hot suiiuner weekday will have a mucli 
higher value than sales at 3 a.m. on a Saturday morning. With coiiventioiial metering, an onsite generator 
will have to be compensated at an average wholesale (or retail) rate, which will not accurately reflect tlie 
value of the energy provided by tlie generator. Thus, anotlier benefit of advanced metering teclmology 
discussed in Chapter 6 is that it will enable more accurate valuation and compensation of energy provided by 
onsite generators. 

See www.dsireusa org. 
52 Energy Inforniation Administration, Green Pi.icii7g arid Net Meterir7g Programs 2004, March 2006. 
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Transmission Investment 

Overview of the Transmission Grid 

Consumers depend on the high-voltage transmission grid for access to reliable and reasonably priced 
supplies of electricity. Tlie Northeast blackout of August 14, 2003, which was caused by operational failures 
rather than inadequate infrastructure, disrupted service to more than SO million custoiners over an area 
extending from Michigan to westem Massachusetts, including Detroit, Toronto, Cleveland, Ottawa, Buffalo, 
and New York City, with costs estimated to be between $4 billion and $10 billion.53 This blacltout 
demonstrated the severe costs that wide-scale transmission disruptions can entail. 

Tlie U S .  and Canadian electric transmission grid includes more than 200,000 miles of high-voltage (230 kV 
and greater) transmission lines that ultimately serve more than 300 inillion consu~ner s .~~  This system was 
built over the past 100 years, primarily by vertically integrated utilities that generated and transmitted 
electricity locally for the benefit of their native load cus to~ner s .~~  Today, 134 control areas or balancing 
au t l~or i t ies~~ inanage electricity operations for local areas and coordinate reliability through tlie eight regional 
reliability councils of NERC. 

Interconnections between neighboring utilities have long existed, but were initially created to increase 
reliability and allow utilities to share excess generation through infiequent economy transactions. Over the 
past 15 years, successive federal policy initiatives have promoted the development of regional power 
marltets. Tlie transinission system is a critical facilitator of these power marltets as well as a ineans of 
delivering power reliably to retail custo~ners.~’ 

53 U.S.-Canada Power System Outage Task Force, Fiiial RejJoi-t of the August 14, 2003 Blaclcoitt iii the UiritedStates mid 

54 Clark W. Gellings and Kurt E. Yeager, “Transforming the Electric Infrastrricture,” Physics Today, December 2004, 

“Native load” customers are those custoniers whom the utility is obligated to serve either by statute or by contract. 
56 A balancing authority, formerly known as a control area, is an electric system or systems, borinded by interconnection 

metering and telemetry, capable of controlling generation to maintain its interchange schedule with other control areas and 
contributing to frequency regulation of the interconnection. 
U.S. Department of Energy, Natioiinl Trar~sri~issiaii Grid Stzdy, May 2002, Executive Summaiy. 

Cariadn. Caiaes and Recori~iiier~datioris, April 2004, p. 1. 

pp“ 45-46. 
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500 - 

The U.S. electricity delivery system, which consists of the transmission grid arid the downstream distribution 
system, is a $360-billion asset.’’ Unfortunately, this power delivery system is characterized by an aging 
infrastructure and largely reflects technology developed in the 1950s or earlier. According to DOE, 70 
percent of transmission lines are 25 years or older, 70 percent of power transformers are 25 years or older, 
and 60 percent of circuit breakers are more than 30 years old.59 The strain on this aging system is beginning 
to show, particularly as market participants and regulators ask it to perform functions (e.g., facilitate 
competitive regional power markets) for which it was not originally designed. 

d 
, / ! /  - 100 

Transmission Investment Trends and Drivers 

Transmission investment declined steadily for approximately 25 years, increasing only over the last few 
years.60 Between 1975 and 1999, nominal investment for investor-owned utilities (IOUs) fell at an average 
rate of $83 million per year. The trend reversed itself from 1999 to 2003 as nominal transmission investment 
increased by an average of $286 million per year and totaled nearly $18 billion over this period.6’ Figure 5-  1 
illustrates that transmission mileage has not dramatically increased in recent years, relative to growth in load. 
“Normalized” transmission capacity, or the number of transmission line miles per unit of demand, declined 
by almost 19 percent between 1992 and 2002.62 

Figure 5-1 
Transmission Mileage and Demand 
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58 Gellings and Yeager, p. 46. 
59 Center for Smart Energy, The Einerging Sinart Grid. Investtnent and Entrepreneirrial Potential in the Electric Power Grid 

6o See Peter Fox-Penner, “Rethinking the Grid,” Electricitv Journal, March 2005. 
6‘ Eric Hirst, U S  Transmission Capacity. Present Statits and Future Prospects, August 2004, p. 7. 
62 Hirst, August 2004, p. 9. 

ojthe Firtiire, October 2005, p. 9. 
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Wliile NERC believes that tlie existing transmission grid is sufficient to provide reliable service in tlie near 
tenii, tlie Council aclmowledges that some portions of the grid will not be able to support all desired inarltet 
transactio~is.~~ In addition, NERC believes that regional transinissioii networks will be operated near or at 
their limits more frequently in tlie foreseeable future.64 This implies that the transmission system-while 
currently reliable-will experience greater congest io~i .~~ Public data on congestion costs generally are 
available only in regions with centralized, RTO-administered energy marltets. As illustrated in Figure 5-2, 
congestion costs in the RTO marltets are significant and have increased over time. The figure displays 
reported coiigestioii costs for IS0 New England, tlie New York ISO, PJM, and tlie California IS0  for all 
years for which data are available from 2001 to 2005. Notice that total coiigestioii costs are nearly $1 billion 
per year in New Yorlc and more than $2 billion per year in PJM. Although we do not have comparable data 
for other parts of tlie United States not shown in this figure, there are indications that congestion is increasing 
everywliere on tlie ~ o r t l i  American power grid.66 

Figure 5-2 
Annual Congestion Costs/MWh of Load by RTO/ISO 
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63 North American Electric Reliability Council, 200.5 Lor7g-Tem Reliability Assessnmmt, September 2005, p. 6. 
64 Id., p. 5. 

Transniission congestion occurs when the power grid cannot acconiniodate all desired transactions between power buyers 
and sellers (or when a vertically integrated utility cannot move all of its low-cost generation to its customers). When 
congestion occurs, system operators must "redispatch" generation-i.e., use relatively high-cost generation in place of 
lower-cost generation-to serve total customer demand within the liniitatioiis of the transmission system. The iiicrenieiital 
cost associated with redispatching generation is the cost of congestion. 

number of transniission loading relief (TLR) procedures called by Security Coordinators over the last eight years. TLRs 
are called when the transmission system cannot siinultaneously accommodate all desired transactions. 

66 Evidence that transmission congestion is increasing in regions without RTOs is provided by the steady increase in the 
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Some degree of congestion cost is efficient, to the extent that the cost of alleviating all congestion on the grid 
may be prohibitive. Such congestion costs, properly measured, can provide an important price signal for 
additional generation or transmission investment in specific areas. Nevertheless, increasing congestion and 
the aging power deliveiy infrastructure have spurred calls within the industry and by many federal and state 
agencies to expand transmission invest~nent.~' 

Transmission Investment Looking Forward 

In response to these conditions, utilities are expanding their transmission investments substantially. In a 
recent survey (May 2005), the Edison Electric Institute (EEI) shows that IOUs have spent or plan to spend 
$29 billion in transmission infrastructure from 2004 to 2008, a 60-percent increase over the previous five 
years.68 Figure 5-3 depicts the historical investment trends in both real and nominal terms, along with EEI's 
forecasts based on its survey of IOUs. This figure higlilights that the recent upturn in transmission 
investment coincided with the surge in generation, and that high levels of investment are expected to 
continue. 

Figure 5-3 
Construction Expenditures for Transmission 

By Investor-Owned Electric Utilities 

Ycar 
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Net book value of investor-owned transmission assets totaled approximately $43 billion in 2003. Thus, 
planned investment over the 2004 to 2008 period is 62 percent of year 2003 net book value. Both stand- 

67 U.S. Department of Energy, Office of Electric Transmission and Distribution, National Electric Delivety Tecl7nologies 

68 Edison Electric Institute, EEI Sirrvey oj'Transmission Investtnent: Historical and Planned Capital Expenditures (1 999- 
Roadimp: TransJbrniing the Grid to Revoliitionize Electric Power in North America, January 2004, p.3" 

ZOOS), May 2005. 
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alone transinission companies and vertically integrated utilities are planning significant growth in 
investment. EEI survey respondents indicated that, on average, only a small portion of this total plamied 
transinission investment, 6.5 percent, is attributed to direct generator interconnections. This indicates that 
tlie bulk of projected investments in tlie nation’s transmission infrastructure will support tlie integration of 
new generator additions through network upgrades, improved transfer capability between regions, improved 
grid reliability, and enhanced local, regional, and inter-regional markets. 

Recent transmission plans prepared by the RTOs provide further evidence of tlie ambitious plans underway 
to expand and reinforce regional power networks. The Midwest IS0  has identified alinost $3 billion of 
planned or proposed investments tlu-ough 2009, primarily to maintain reliabilit~.~’ Other regions, notably tlie 
Northeast, also have aggressive plans to build or upgrade both transinission and distribution. For example, 
PJM recently completed its 2005 plan to meet reliability needs tln-ough 2010, by approving a total of $1.8 
billion of transinission upgrades in its region7’ IS0 New England’s inost recent transmission plan identifies 
272 needed transmission prqjects with a total cost of about $3 billion.71 As part of the plan to import iiiore 
power into heavily populated Southern California, the California IS0  recently approved a major expansion 
of tlie Palo Verde-Devers transmission line for a cost of $680 

This investment will yield a substantial amount of new transmission capacity. According to NERC, more 
than 7,122 niiles of new transmission (230 kV and above) are proposed to be added tlu-ough 2009, with a 
total of about 12,484 miles added over tlie 2005 to 2014 time frame. This represents a 5.9-percent increase 
in the total miles of installed extra-high-voltage transmission lines in North America over tlie 2005 to 2014 
period.73 Nearly 1,200 i d e s  of new or upgraded transmission lines will be added in 2006 alone.74 Some of 
the investment cited above will be dedicated to other means of enhancing transmission capacity, such as 
upgrading or rewiring existing lines and replacing transformers. 

Factors Driving Increased Transmission Investment 

Several factors are contributing to tlie recent and expected future increase in transmission investment. These 
factors include: (a) tlie regionalizatioii of transinission planning and investment; (b) the return to larger and 
more remote baseload generation sources; and (c) new transmission policies and incentives at the federal 
level. 

With respect to tlie first factor, transmission planning is evolving in important ways that will tend to place 
more emphasis on identifying the transmission upgrades needed to enhance regional trade and reduce 
congestion. Traditionally, transmission planning was performed by vertically integrated utilities, which built 

69 Midwest Independent Transmission System Operator, Inc., Midwest I S 0  Transmission Ex~~aiwior7 Plai7 200.5, June 2005 
70 http:iiwww.pjni.conllcontrib~1tions/news-re1eases/2006i20060407-pjni-a~1thorizes-one-year-tota1-of- 1.7-billion-i.pdf. 
7’ I S 0  New England, 200.5 Regional Systen? Plan, Executive Sununary. 
72 http://w~~.cai~0.conl/docsi2005i02/2.Si200S0225 1524204 I 69.pdf. 
73 North American Electric Reliability Council, 200.5 Lorig-Term Reliability Assessment, September 2005, p, 6. 
74 North American Electric Reliability Council, 2006 Szirnnier Assessment, May 2006, p. 3. 
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the transmission capacity needed to deliver power from local generating plants to their native load customers. 
Most recent RTO plans also have focused primarily on identifying tlie transmission upgrades needed to 
maintain reliability or interconnect new generators to the regional network, as the RTO investment numbers 
cited herein largely are for reliability-driven investments. This is changing. With some prodding by FERC, 
RTOs are expanding beyond traditional, reliability-based planning inodels and studies to explicitly include 
economic considerations in tlieir transmission plans. For example, PJM, the largest U S .  RTO, has expanded 
its planning process to include an analysis of econoinic upgrades-meaning upgrades not needed to maintain 
adherence with PJM’s reliability criteria but those that may help to reduce electricity supply costs to 
customers. 

In addition, utilities are aggressively pursuing opportunities to reduce intra- and inter-regional bottlenecks. 
One prominent example is the 550-inile, 765-kV line proposed by American Electric Power (AEP), which 
would run from West Virginia to New Jersey. The line would cost approximately $3 billion and would 
increase Midwest-to-East transfer capability by approximately 5,000 MW, thereby allowing inore low-cost, 
coal-fired power to reach eastern PJM, which tends to have relatively high energy prices. AEP plans to have 
the line in service by 20 14. Another example is the 500-kV line proposed by Allegheny Energy, which 
would span 330 miles, all within Allegheny’s service territory, from West Virginia to central Maryland. 
This line is projected to cost $1.4 billion, with the first segment in place by 2013. A further example is the 
230- mile, 500-1V line proposed by Pepco Holdings (PHI), which would run from Northern Virginia, cross 
Maryland, and travel up the Delmarva Peninsula to New Jersey. PHI claims that the line, which is estimated 
to cost $1.2 billion, would significantly increase reliability in the eastern mid-Atlantic region and would 
compleinerit proposals froin Al3P and Allegheny to improve West-to-East transfer capability in PJM. If 
approved, the line could be built in stages beginning in 2008. 

Tlie second factor spurring a demand for long-distance lines is the shift away from gas-fired generation to 
large, baseload coal-fired and nuclear generation and renewable generation. Over the last 15 years, most of 
tlie new generation capacity added in tlie United States has been gas-fired capacity. Today there is much 
inore interest in building coal-fired capacity, and such capacity comprises a far more significant share of new 
generating capacity in development or under construction than in the recent past. Most of this new coal-fired 
capacity will be distant from population centers for environmental and/or fuel supply reasons This will 
require additional long-distance transmission capacity. Similarly, wind farms are located at remote, site- 
specific resources. Thus, the increase in natural gas prices is driving tlie mix of new generating capacity to 
resources that are likely to require a significant amount of new network transmission capacity to deliver their 
output to load centers. 

Tlie incremental cost associated with this transmission capacity appears significant. As an example, the 
Western Governors Association concluded that a generation expansion plan in the western United States 
featuring coal, wind, and geothermal generation would require approximately $8 billion to $12 billion in 
transmission investment over the next 10 years, whereas a generation expansion plan featuring gas-fired 
generation would require only about $2 billion of transmission i~ ives tment .~~ 

’’ Western Governors Association, Coiiceptiral Plans for Electricity Transmission in the West, August 2001, p. 4. 
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Policy Initiatives to Facilitate Transmission Investment 

EPAct 2005 included several provisions to facilitate tlie siting and construction of new transmission 
facilities. Prior to EPAct 2005, state and local agencies had exclusive jurisdiction over transmission siting, 
with the exception of lines that crossed federal lands or international boundaries. Section 122 1 of EPAct 
2005, however, gives FERC the authority to site new transmission lines in coiigested areas or regions 
designated by DOE as corridors of national interest. By August 2006 (and every tlxee years thereafter), 
DOE must prepare a report identifying congested lines or corridors. The legislation appears to give DOE 
wide latitude to designate any area experiencing congestion as a corridor of national interest. FERC can 
exercise its siting authority if a proposed line that would relieve congestion in a national corridor of interest 
does not receive tlie necessary approvals from state and local authorities within one year of filing tlie 
necessary applications. DOE also is given considerable authority to expedite and coordinate the siting of 
transmission facilities over federal lands. 

EPAct 2005 also provides for t h e e  or more contiguous states to form an interstate coinpact for the purpose 
of establishing a regional transmission siting agency. States that enter such compacts, which must be 
approved by Congress, are exempt from FERC’s bacltstop siting authority. Such regional siting agencies 
must have tlie authority to issue pennits necessary for the siting of transmission facilities (i.e., the regional 
agency acts on behalf of tlie represented states). 

Section 124 1 of EPAct 2005 directs FERC to establish incentive-based rate treatments for transmission 
investment and deployment of new transmission technologies. FERC has issued a proposed rule that 
establishes a menu of potential incentives that would be available for new investments on a case-by-case 
basis, such as 100-percent recovery in rate base of prudently incurred Construction Work in Progress and 
accelerated recovery of depreciation expenses. 

The goal of EPAct 2005’s siting and incentive ratemalting provisions is to reduce tlie perceived regulatory 
barriers to tlie construction of new transmission capacity. Much uncertainty remains as to the impact of the 
financial incentives and FERC’ s new siting authority, especially given tlie lack of precedent for the latter. 
Thus, time will be needed to determine tlie effectiveness of these provisions. But the AEP, Allegheny, and 
PHI announcements demonstrate that the industry is willing to invest significant dollars in new lines 
designed to expand regional trade and markets for low-cost generation resources. 

Transmission Grid and Retail Rates 

Evidence suggests that the transmission-related components of retail rates are small, but are growing rapidly. 
The costs of the grid are reflected in retail rates tlxougli return on transmission rate base, as well as tlxougli 
O&M expenses attributed to transmission services. Since 1998, EIA has published estimates of natioiiwide 
retail rates, brolten down by service category. In 2004, for example, retail rates were divided into service 
categories as follows: . Generation: 4.97 cents/kWh 

Transmission: 0.54 cents/lWh . Distribution: 2.07 cents/kWli 
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EIA also provides short-term and long-term projections of these service category components. As 
illustrated in Figure 5-4, the portion of retail rates attributed to transmission is expected to increase rapidly. 
Indeed, the cuinulative increase in the transmission portion of retail rates is expected to be approximately 42 
percent from 2004 to 20 14. This increase far exceeds the 17-percent increase expected in the generation 
portion and distribution poition of retail rates from 2004 to 2014. (EIA projects a 19-percent increase in 
retail rates over this period.) The shaIp increase in the transmission portion of retail rates reflects both the 
significant increase in transmission investment, which coines in response to the surge in generation capacity 
during the late 2000s, and the fact that the value of existing transmission assets is smaller than the asset 
value for either generation or distribution. 

Figure 5-4 
Change in Nominal Retail Rates by Service Category 
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Transmission Grid of the Future 

The preceding discussion referred to the transmission investment needed over the next five to 10 years to 
achieve three primary objectives: (1) maintain reliable service; (2) interconnect new generators to the grid, 
including large baseload generators and remotely sited power plants; and (’3) reduce congestion and foster 
economical wholesale power trade in regional power markets. In the long-run, however, the technology of 
the power grid itself must evolve to meet the needs of our digital, information-driven economy. The 
knowledge-based economy of the future increasingly will require a more technology-driven delivery system 
that linlts information teclmology with energy delivery. The revolution in information technologies that has 
transformed other industries has yet to occur fully in the electric power business. 

As an example, some of today’s transmission system still relies on electro-mechanical switches-the same 
switches that were eliminated from consumer television sets 20 years ago. The digital controls that will 
replace these will become the foundation of a new “self-healing” power delivery system that will enable 
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innovative teclmologies and processes to flourish tlu-oughout tlie 1J.S. economy. Moreover, this teclxiology 
will address the coinbitied reliability, capacity, security, and other vulnerabilities of today’s power delivery 
s y s t eiiis . 76 

Tlie concept of the smart-power delivery system includes automated capabilities to recognize problems, find 
solutions, aiid optimize tlie performance of the power delivery system in real time. The basic building blocks 
include advanced sensors, data-processing aiid pattern-recognition software, and solid-state power flow 
controllers to reduce congestion, react in real time to disturbances, and redirect the flow of power as needed. 
These new tecliiiologies will enable system operators to ( 1) optimize tlie overall performance aiid resilience 
of tlie system; (2) instantly respond to disturbances to minimize tlieir impact; and (3) restore tlie system after 
a d i~ tu rbance .~~  With greater real-time information, system operators will be able to sense, predict, diagnose, 
and mitigate issues that might previously have caused an outage or blackout7* Table 5-1 provides an 
overview of tlie l ey  differences between today’s power grid arid tlie smart grid of tlie future. 

Table 5-1: The “Smart Grid” of the Future 

20th Century Grid 
Electromechanical 
One-way coimnunications (if any) 
Built for centralized generation 
Radial topology 
Few sensors 
“Blind” 
Manual restoration 
Somewhat prone to failures and blackouts 
Check equipment iiianually 
Limited control over power flows 
Limited price information 
Few customer choices 

21~f  Century Grid 
Digital 
Two-way co~mnunications 
Accoimnodates distributed generation 
Network topology 
Monitors and sensors throughout 
Self-inonitoring 
Semi-automated restoration and, eventually, self-healing 
Adaptive protection and islanding 
Monitor equipment remotely 
Pervasive control system 
Full price infoilnation 
Many customer choices 

Source: Center for Sinart Energy, The Emerging S1iinr.i Grid Itivestnietit oiid Eiitr.epr7r-erieiirid Poteritinl iii /lie Electric Power Grid ofthe 
Future, October 2005, p 2 

Electric Power Research Institute, Electricity Sector Frfliiiew~ork foi the Future Volzoiie I ,  Acliieviiig a 21” Ceiitiiiy 
Transjorinatioii, August 6,  2003, p. 28 

76 

l7 Id., p. 30 
l8 Center for Smait Energy, Tlie Einergiiig Sinnrt Grid bivestineiit aiid Eiitrepreiieiirinl Po feiitial iii the Electric Power Grid 

of the Firtilre, October 2005, pp 11-12 
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A variety of new teclmologies, some of which are in tlie initial coininercialization stage, will facilitate tlie 
transition from today’s generally reliable but somewhat antiquated power delivery system to tomorrow’s 
“Smart Grid.” Some of these technologies are discussed in the text box below. Generally speaking, these 
teclinologies: (1) increase system throughput or otherwise allow better utilization of existing transmission 
facilities; (2) allow operators to better monitor system conditions; or (3) enable tlie grid to recover more 
quiclcly from disturbances. While it is unclear how quickly we will transition to a “Smart Grid,” what is 
apparent is that the cost of doing so will be very significant. A study perfoiined by the Electric Power 
Research Institute (EPRI) suggests that research, development, and deployment costs to transform the 
transmission system into tlie ‘‘Smart Grid” of tlie fiitiire would approach $200 billion over a 20-year period.79 

Technologies That Enhance Increased System Throughput 

Some emerging transmission technologies will enable the existing system to carry more electricity in 
a reliable manner and thus should ease some of the current and growing stresses on the bulk power 
grid. One promising group of technologies-Flexible AC Transmission Systems (FACTS)-are in 
the initial commercialization stage, but more research is needed to reduce their costs before they 
achieve wide penetration in the marketplace. FACTS devices are a family of solid state power 
control devices that provide enhanced power control capabilities to high-voltage AC grid operators. 
FACTS provide nearly instantaneous control of AC power flows, far faster than traditional, electro- 
mechanical AC switches. By providing transmission operators with quicker response capability, 
FACTS enables them to operate the system closer to otherwise applicable limits (e.g., thermal 
limits), effectively getting more transmission capability out of existing power lines. In addition, 
FACTS devices can increase the transfer capability of existing lines by a modest amount (up to 10 
percent) as well as enhancing stability and overall reliability.’ 

Some of the new FACTS devices could reduce the need for keeping uneconomical “reliability must 
nm” (RMR) generating units in service in transmission-constrained areas. One such technology is 
the D-VARa Systems (Dynamic Volt Ampere Reactive), a new, modular FACTS device that is 
replacing Static VAR Compensators. These devices inject leading or lagging voltage precisely 
where it is needed in a grid. D-VAR sys tem can be packaged in mobile trailers or installed 
permanently in substations. Several dozen D-VAR sys tem are now in use in the United States, 
Great Britain and Canada to enhance power transfers into, across, and out of congested areas while 
improving grid reliability and power quality. The D-VAR solution can be used to reduce or 
eliminate the operation of costly RMR units.’ 

Similarly, the Super VAR” dynamic synchronous condenser is a new application that helps to 
stabilize grid voltage, increase service reliability and inaxiinize transmission capacity by acting as a 
“shock absorber” for grid voltage fluctuations. The first Super VAR system prototype is undergoing 
evaluation on TVA’s grid. This tool is able to supply a large amount of reactive power support very 

’’) Electric Power Research Institute, Electricity Techriology Roadtnnp Meeting the Critical Challeiiges oj the 21” Cetitiiiy, 
2003 Sictmnary aridSyiitliesis, pp. 1-7. 
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efficiently and can operate at several times its nominal rating for short periods to dampen out inore 
severe transient dist~irbances.’ 

These dynamic VAR technologies offer new ways to reduce the risk of forecast uncertainty. 
Modular and compact, they are easily studied, sited, and installed within a planning cycle. These 
assets can be relocated as system needs change. These technologies, in short, offer a flexible, ‘;just 
in time” approach to grid planning and can help grid operators maintain reliability in real-time while 
planners defer costly and irreversible investments to ina,jor grid resources. 

Other promising new technologies that will enable increased system throughput, but which are 
farther removed froin commercial deployment than the FACTS technologies, include: 

High Temperature Superconducting Cables (occupy less space; reduced risk of damage to the 
environment); 

High Ampacity Conductors (reduce sag, permit greater load of lines; longer seivice life); . Dynamic L,ine Rating (use real-time information, allowing higher thermal capacity of 
transmission lines and substation equipment); 

Video Sag Monitoring (extends effectiveness of DLR); 

Solid State Supercondricting Fault Current Limiter (limit fault current contributed by new 
generation; add performance beyond that of conventional breakers); and 

Solid State Power Electronics Circuit Breaker (reduce response time to faults; lower 
maintenance costs and improved rel iabi l i t~) .~ 

. 

One of the more significant breakthroughs in advanced materials for electric power is the emergence 
of high temperature superconductors. These superconducting materials can replace existing grid 
segments with greatly enhanced capabilities, thereby giving the grid inore flexibility, reliability, and 
efficiency, which would mean less electricity losses and less primary energy use, thus lowering the 
environmental impacts of power production. 

Technologies That Allow Operation Closer to System Limits 

Another group of advanced technologies will enable operators to sun the transmission system closer 
to its limits by reducing the conservative assumptions or margins used to set existing limits, 
allowing these limits to be increased and thereby expanding the usable capacity of the transmission 
system. One set of technologies focuses on accurate monitoring to improve engineering 
management of the transmission system. These technologies will detect abnormal system conditions 
and will indicate when security limits are being reached in time. They include Wide Area 
Measurement Systems (WAMS) and Topology Estimators. WAMS, which was initially developed 
by BPA, is a system based on high-speed monitoring of a set of measurement points. WAMS 
detects abnormal conditions as they arise and thereby provides a strong foundation on which to build 
the real-time wide-area monitoring system for the self-healing grid.5 

A second set of technologies goes a step further, enabling operators to use real-time engineering 
information to assess economic conditions, including congestion, to support competitive wholesale 
market operations. These technologies range froin integrated engineering and economic methods for 
power system operation, to visualization and coinminications tools, to virtual RTO technology and 
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market simulation. For example, monitoring system are under development that would enable 
system operators to dynamically determine line and transformer capacity. In addition, power- 
electronics controllers, based on solid-state components, will yield control of the power deliveiy 
system with the speed and accuracy of a microprocessor. 

Technologies That Reduce Load at Critical Times 

In addition to customer-based demand-response programs, such as program that give customers 
financial incentives to reduce their demand at times of high system-wide demand, there also are 
emerging energy storage technologies that system operators could use to reduce demand. One such 
technology is super-conducting magnetic energy storage (SMES). This device stores power taken 
from the grid in a super-conducting coil and injects it back into the grid when needed (e.g., when 
voltage sags). It thereby provides additional support to the grid and can effectively be used to 
expand transmission capacity. The initial deployment of a group of six SMES units in Wisconsin 
increased transmission capacity by approximately 15 percent.G Other load reduction technologies 
include compressed-air storage and flywheels. 

' Philip M. Marston, Esq., Of Chips, Hits, Bits and Bytes. Bzrildirig the Powerline Paradigm, Report and 
Recommendations of the Grid Enhancement Forum ofthe Center for the Advancement of Energy 
Markets, Draft for Discussion, June 24, 2002, pp" 24-25. (Hereafter, CAEM Report.) 
John B. Mowe, Using Uytiainic VAR Technologies to Boost Grid Reliability, Utility Automation and 
Engineering/T&D, May-June 2005, 
Id 
The Consumer Energy Council Transmission Infrastructure Forum, Keeping the Power Flowing. 
Ensuring a Strong Transmission System to Support Consumer Needs for Cost-Effectiveness, Seczrriq 
arid Reliability, January 2005, pp. 90-91. 
Electric Power Research Institute, Electricity Techtiologp Roadmap, I999 Sirrnniary and S'vithesis. 
CAEM Report, p. 40. 6 



CHAPTER 6 

Distribution Investment 

Trends in Distribution System Investment 

The transmission system delivers power from generators to local distribution systems, wliich in tun1 deliver 
power to residential, commercial, and industrial customers. Specifically, the transmission system feeds 
substation transformers that reduce voltage and spread the power from each transmission line to many 
successively smaller distribution lines. The distribution system usually is considered to begin where voltage 
is reduced to 37 ltV, but the important distinction is that distribution involves delivering the power to retail 
customers, while transmission involves moving bulk power to distribution systems. The distribution system 
also includes metering, billing, and other related infiastructure and software associated with retail sales and 
customer care functions. 

Continual investment in distribution facilities is needed, first and foremost, to keep pace with growth in 
customer demand. Figure 6-1 shows the patteiii of investment in distribution assets over the last 30 
years. In real terms, investment began to increase in the mid- 1990s, preceding the corresponding boom 
in generation. This steady climb in investment in distribution assets shows no sign of diminishing. The 
need to replace an aging infrastructure, coupled with increased population growth and demand for 
power quality and customer service, is continuing to motivate utilities to improve their ultimate delivery 
system to consumers. 

Figure 6-1 
Construction Expenditures for Distribution 

By Investor-Owned Electric Utilities 
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As shown in Chapter 3, continued load growth will require continued expansion in distribution system 
capacity. If recent investment trends persist, distribution investment will average $14 billion per year over 
the next 10 years. This is almost triple tlie projected amount of annual investment in new transmission 
capacity and is likely to exceed capital spending 011 generation capacity over the next decade as well. This 
level of distribution investinelit would lead to a cumulative 3.5-percent increase in retail rates over tlie ncxt 
10 years. 

Other factors apart from load growth, such as aesthetics, storm damage, arid local land use, will spur 
spending on distribution infrastructure. In some cases, utilities are being directed to place new and/or 
existing distribution lines underground, particularly in urban areas. Placing existing power lines 
underground is expensive, costing approximately $1 inillion per mile-a five- to ten-fold increase over the 
cost of a new overhead power line.’’ Moreover, at a cost of $1 million per mile, a new underground system 
would require an investment of more than 10 times what the typical U.S. IOU currently has invested in 
distribution plants and would compel the utility to increase its rates.” 

Need to Modernize Distribution Systems 

Distribution investment also will be needed to meet the greater demand for increased reliability. The impact 
of power disturbances on customers has grown steadily over time due to the increased use of digital 
technology. The current U.S. electricity infrastructure was designed to serve analog, or continuously 
varying, electric loads, and does not consistently provide the level of digital-quality power required by the 
nation’s digital manufacturing assembly lines, information system, and, increasingly, home appliances.82 
Digital devices are highly sensitive to even the slightest interruption of power; an outage of less than a 
fraction of a single cycle can disrupt their performance. They also are quite sensitive to variations in power 
quality. Digital quality power has the same overall voltage as today’s power and is indistinguishable from 
analog appliances, but has reduced levels of signal variations that adversely affect digital circuits. An 
enhanced power system capable of delivering this higher quality power will Stimulate faster and more 
widespread use of productivity-enhancing digital technology. 

It is not an exaggeration to say that we are experiencing a “digitalization of society”-today, there are more 
than 12 billion microprocessors in the United States alone.83 For eveIy microprocessor inside a computer, 30 
operate in standalone applications. Digital-quality power now represents about 10 percent of total electric 
load in the United States. EPRI projects that digital-quality power load will reach 30 percent in 2020 under 
business-as-usual  condition^.^^ 

Brad Johnson, Out of Sight, Out of Mind? A Stiidy oti the Costs arid BeneJits of Utider-grotinding Overhend Power- Lilies, 
Prepared for the Edison Electric Institute, January 2004, p. 14. 
Id., p. 14. 

X2 Gellings and Yeager, p. 50. 
83 Gellings and Yeager, p. 49. 
X4 Gellings and Yeager, p. 49. 
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Consistent with this trend, a recent study commissioned by DOE found that residential energy use on 
information teclmology (IT) applications increased substantially in tlie last few years, reflecting tlie dramatic 
increase in tlie use of personal coinputers and related devices. Tlie study estimated that home IT equipment 
coiisuined about 42 terawatt hours (TWli) of electricity in 2005, compared to 16.5 TWli in 2001 .85 That is, 
residential IT equipinelit accounted for about three percent of residential electricity coiisuinptioii and one 
percent of U.S. electricity consumption in 2005. Tlie study projects that, by 2010, residential IT energy 
consumption could rise to 10 1 TWh, under a scenario which assLimes widespread liigli-bandwidth 
connectivity that enables effective exchange of large quantities of data and programs run on desktop 
computers. 

Tlxee new teclmologies already under developinent will enable utilities to provide digital-quality power and 
other enhanced distribution value. One is distribution automation. Distribution automation uses advariced 
sensors and control software to improve power suppliers' ability to detect and coi-rect disturbances inore 
quickly, thus reducing customer outages and power quality problems. These capabilities lead to rapid 
disturbance isolation and restoration capabilities. 

Tlie second teclmology development path is custom power, a family of power electronic controllers designed 
for service on distribution systems. Tliese devices and systems can provide real-time network control, 
protect sensitive customer equipment from network disturbances, and protect distribution feeders from power 
disturbances arising on the customer's premises. Custom power system improve power quality for 
customers with special needs-for example, an industrial park with high teclmology companies. 

The third path is tlie development of generation and storage technologies for distributed applications. These 
devices will move tlie power supply closer to tlie point of use, enabling improved power quality and 
reliability, atid providing tlie flexibility to meet a wide variety of customer and distribution system needs.86 
This path is one of tlie main drivers of distributed generation, wliicli is discussed furtlier in Chapter 4. 
Distribution systems will need to be updated to seainlessly integrate an array of locally installed, distributed 
power generation (sucli as fuel cells and renewables) as power system assets. In some cases, utilities will 
make tlie investments in these new teclmologies through their own program or subsidiaries; in others, 
customers will invest in these technologies on their own. 

Today's distribution system architecture and inechaiiical control limitations greatly limit the potential 
functionality provided by distributed generation. In addition to improved hardware, improved tools will be 
needed for understanding and managing tlie interactions of distributed resources with existing distribution 
systems, as well as developing control systems for large grids with a mixture of distributed and central 
generation. As an example, to provide peaking power and premium power support for a distribution system, 
distributed resources must be dispatchable. This will require adding a variety of remote monitoring, 
coiimunications, and control functions to the system as a whole. Moreover, distribution systems with mixed 
distributed and central assets are liltely to require dedicated volt-ampere reactive (VAR) generation for 

*' TIAX LLC, U S  Reside~tial Ir?forinatiori Techi?oIogy Energy Cor?sziri?ption in 2005 arid 2010, Prepared for U.S 

'' Electric Power Research Institute, Electricity Technology Roadimp" 1999 S Z I I I I I I I ~ I ~  arid Syr7tl?esis, pp" 33-34, 
Depastrnent of Energy, March 2006, pp, 1-2 
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system support and stability. In general, distributed resources will not produce VARs in the quantity or 
location needed for grid stability. Distribution system operators will need the capability to produce VARs to 
balance the system, either through the “must-run” generators of today 01‘ the “silicon VARs” of tomorrow. 
The latter can be produced by the emerging family of High Power Electronic Controllers, which will use 
power control devices to inject VARs into the system to stabilize voltage.87 

Investments in Metering 

Most electricity customers are served by conventional meters, which record cumulative energy usage and are 
usually read once each month by a utility employee. Replacement of today’s electro-mechanical meters with 
advanced “smart” meters will enhance customer service and customer options. Advanced, interval meters 
measure power use on a time-differentiated basis and report via phone, Internet, or wireless. These meters 
can track usage by the time of day, turn service on or off, diagnose problems, and react to price signals. 
Digital power meters provide tlie ability to remotely monitor power usage and (increasingly) the ability to 
perfonn other functions such as monitoring power quality, voltage, theft detection, remote 
connect/disconnect, prepaid electricity purchases, and more. By collecting energy data on a real-time basis, 
they will enable power companies to better understand consumption patterns and to work with customers to 
cut energy usage. 

As a result of this new technology, the meter will be transformed into a consumer gateway that allows price 
signals, decisions, communications, and network intelligence to flow back and forth through the two-way 
energyhfonnation portal. This linchpin technology will help to create a inore vibrant retail power 
marketplace, with consumers responding to price signals and a variety of product options and choices not 
previously available. The ultimate capabilities of an energyhformation portal, in conjunction with an 
automated distribution system, include: ( 1) advanced pricing and billing processes that would support real- 
time pricing; (2) consumer services, such as billing inquiries, service calls, outage and emergency services, 
power quality, and diagnostics; (3) information for developing improved building and appliance standards; 
(4) consumer load management tluough sophisticated on-site energy management systems; ( 5 )  load 
forecasting; (6) long-term planning; and (7) green power marketing and sales.” 

Installing new meters will be an expensive undertaking, however. Some experts estimate that about 10 
million of the 130 million residential meters installed throughout the United States are equipped with 
advanced technologies. Advanced meters cost approximately $100 to $150 per meter, so purchasing such 
meters for 120 million residential customers would be an investment of approximately $12 billion to $18 
billion. 

87 Id”, pp. 34-36. 
Electric Power Research Institute, Electricity Sector, Frarneworlrfor the Ftifzire, August 6,2003, pp. 28-29. 
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Minimizing Outage Costs 

Power outages are veiy costly to retail customers and will become increasingly so in the future as more and 
more applications require digital quality power. Even today, tlie nation's industrial sector has become quite 
dependent 011 high-teclmology processes. Air conditioning and other building climate control system have 
become more ubiquitous in tlie coimnercial sector, and the penetration of computers and other electronics has 
increased throughout the economy. The value of electricity, or tlie cost of blacltouts and other service 
interruptions, correspondingly has increased. 

Various approaches have been used to determine the value of reliability to customers. One method of doing 
so is to assume that the value of having electricity is equal to the magnitude of tlie cost of not having it-Le., 
the costs that a business incurs, in tenns of lost sales, revenues, spoiled output, opportunity costs, etc.---as a 
result of a power outage. A recent report prepared by ICF Consulting estimated the value of reliability by 
computing costs of outages and other short-term reliability events.89 At an aggregate level, the study finds 
that the annual historical value of outages and other reliability costs exceeds $20 billion per year and is much 
higher in recent years. Moreover, this estimate excludes the costs associated with the August 2003 blackout 
that affected much of the northeastern United States. Tliis estimate also does not include the costs of very 
short-term reliability events, such as voltage fluctuations, as ICF found little empirical data on this topic"9o 
However, tlie ICF study noted that some researchers found that niomentaiy interruptions usually have a 
higher per event cost than sustained outages. Hence, adding the costs associated with momentary outages 
would significantly increase tlie $20+ billion estimated annual costs associated with sustained outages. 
Indeed, one study estimated that approximately $52 billion per year is spent on momentary  interruption^.^^ 

Beyond reporting aggregate numbers, the ICF study also compared the value of electricity for residential, 
commercial, and industrial custoiners to their actual prices paid. Previous studies estimated that tlie value of 
electric service is approximately 100 tiines the price paid. The ICF report confirms this aggregate number, 
but also sheds light on which sectors are more impacted in dollar terins by outages. For example, residential 
customers value electricity tlie least in dollai- terms, given their ability to react more flexibly to outages. 
Industrial customers have the highest value relative to tlie low price they pay for electricity, but coiivnercial 
customers have the highest absolute value in dollar teims. This is because coimnercial customers are now 
more exposed to more energy-intensive functions, while a large portion of industrial energy usage is 
relatively less electricity dependent (Le", is fueled by other 

s9 Bansari Saha (ICF Consulting), Vnlzie q f A  Relinble Szpyly of Ekctr-iciQJ, Prepared for Edisoii Electric Institute, December 
2005. 

90 I d ,  p. 2. 
9' I d ,  p" 18. 
92 I d ,  p. 1s. 
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Environmental Investments 

Overview 

The electric power industry has been a focus of environmental regulation since tlie dawn of tlie inodern 
enviroivnental protection era in tlie 1960s. Environmental protection has been, and will continue to be, a 
driver of substantial investinent in the power industry. Although such investments pay dividends in ternis of 
cleaner air, water, and land, they require substantial capital investnient and increase operating costs- 
expenditures that ultiinately inust be recovered in higher rates in order to maintain the financial integrity of 
electric utilities. Under recently impleinented EPA i-uleinalcings, electric utility enviroiunental costs are 
expected to rise dramatically, with utilities planning about $40 billion in capital costs over the next decade 
primarily to reduce air emissions. Enactment of additional, iiiore stringent environmental rules could 
substantially increase that level of expenditure. 

The most important enviroiunental issue for the electric utility industry is air emissions associated with 
burning fossil fuels. The regulated pollutants-especially SO2, NO,, and recently mercury-are tlie focus of 
substantial new requirements. Many utilities have participated in voluntary prograins to reduce emissions of 
CO2, the primary greenhouse gas contributing to climate change. However, mandatory prograins to reduce 
CO2 have been uiider consideration for some time, with regulatory activity emerging at tlie state level while 
national policies are being actively debated. 

Water resources are also critical to electric generation. Treatment facilities at power plants have reduced 
direct releases of water pollutants to extremely low levels (in inany cases below measurable levels). Tlieriiial 
electric plants (fossil fuel and nuclear power plants) use substantial volumes of water in cooling cycles, and 
industry investments in cooling towers and other systems to dissipate heat before water is returned to its 
source substantially reduce tlie impacts on aquatic resources. The industry faces significant new investments 
to comply with recent rules requiring modification of water intake structures to ininiinize adverse impacts on 
aquatic organisms. Moreover, there is growing concern in some regions of the country about tlie availability 
of adequate water supplies, especially in arid regions experiencing significant population and electricity 
demand growth. 

Other enviroiunental management costs arise in waste disposal (e.g., coal coinbustion products, including 
scrubber materials), utilization (e.g., coal ash used in cement and concrete, scrubber by-products used in 
gypsum board manufacturing), hazardous waste handling, and land management. Togetlier, tliese 
environmental expenditures are substantial and rising. 
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Utility Environmental Protection Investments and Results 

Largely as a result of investments in emissions reduction tecllnology and policies that target existing 
generating plants and other industrial sources, the air has become cleaner and will continue to improve 
significantly even as overall electricity generation increases. Emissions of SO:! and NO, froin electricity 
generation have declined by nearly one-half since 1980, while electricity generation has increased by more 
than 70 percent. As seen in Figure 7- 1, most of this progress has occurred since the mid- 1 WOs, as a result of 
tlie acid rain provisions of the Clean Air Act Amendments of 1990 and subsequent programs to address 
ozone transport in tlie eastern portion of the United States, as well as by tlie shift to cleaner generation 
technologies such as natural gas combined-cycle plants. These reductions occurred mostly as existing plants 
were retrofitted with new pollution controls and/or switched to lower sulfur fuels. 

Figure 7-1 
Historical and Projected Emissions and Net Generation 

250 
Historical I Projected 

Surri~e EPA aird E U  

Further reductions will also occur as a result of tlie iiiiplernentation of the Clean Air Interstate Rule (CAIR), 
whicli was issued by EPA in 2005 and requires additional reductions of SOz and NO, emissions in the 
eastern United States. In the West, tlie Clean Air Visibility Rule (CAVR) requires additional controls for 
SO2 and NO, to reduce haze that affects National Park wilderness areas. The impact of these new rules on 
emissions is also seen in Figure 7-1, based on EPA analy~is.’~ In fact, by 2020, electric generation is 
projected to more than double froin 1980 levels, while utility SO2 and NO, emissions will fall to one-quarter 
of their 1980 levels. This means that overall electric industry emission rates (ie., in pounds per MWli 
generated) would fall by more than 85 percent-a remarkable technical achievement considering that most of 
the coal-fired capacity responsible for 1980 emissions is projected to be operating 40 years later. 

93 U S .  Environmental Protection Agency, Office of Air and Radiation, Multi-Pollzrtmit Regzrlatoiy Analysis. 
CAIWCAMWCAVR, October 2005. 
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The Clean Air Mercury Rule (CAMR), which was promulgated in conjunction with CAIR, addresses 
mercury emissions from electric generators for tlie first time. According to EPA estimates, iiiercury 
emissions from electricity generation are projected to fall fiom about 50 tons per year currently to less than 
30 tons per year by 2020, on a path to achieve an overall cap of 15 tons per year soon after. These 
reductions occur both as a result of retrofitting existing plants for SOz, NO,, and particulate controls, as well 
as installing specialized equipinent such as activated carbon injection (ACI) directed at reducing mercury 
emissions. Many states are considering more stringent and less flexible approaches to reduce inercury 
emissions fioiii power plants, which could reduce einissions faster but could cost considerably more than 
EPA estimates for CAMR. 

These projected emissions reductions are the result of a massive program of pollution control retrofits on 
existing coal-fired capacity. In 2004, about one-third of coal units subject to tlie new rules had advanced 
environmental controls; compliance with the rules described herein would raise that proportion to two-thirds 
by 2020. On a capacity basis, tlie rules would increase tlie proportion of GW with advanced controls from 
about SO percent to almost 80 percent by 2020, meaning that about 200 GW of tlie expected 2.50 GW of coal- 
fired capacity would have advanced envirormental C O I I ~ ~ O ~ S . ~ ~  

These projected reductions in SOz, NO,, and mercury einissions are also consistent with a significant 
expansion of new coal-fired generation, because new coal plants have veiy low emission rates compared to 
older facilities as a result of technology advancements in einission controls and regulations that continually 
reflect these advances. New coal-fired power plants must, at a minilnuin, meet tlie New Source Perfoiinance 
Standard (NSPS) -teclmology-based emission rates that are revised only infrequently. In practice, new coal 
plants must meet a Best Available Control Technology (BACT) or L,owest Achievable Emission Rate 
(LAER) standard-standards that are tighter than tlie NSPS and determined on a case-by-case basis. The 
BACTLAER process explicitly considers teclmology improvements that inalte advanced pollution controls 
more widely available and less expensive over time, and the NSPS is periodically tightened to reflect tlie 
accumulated experience under tlie BACT requirements. The NSPS for coal-fired utility units was revised in 
February 2006 and, as shown in Figure 7-2, mirrors the progress made in the BACT permitting prograin 
since the early 1980s. Figure 7-2 also shows permitted emission rates for a proposed new IGCC plant, which 
has extremely low einissions of SOZ, NO,, particulate matter, mercury, and other p o l l ~ t a n t s . ~ ~  

y4 See U.S. Erivironinental Protection Agency, Office of Air and Radiation, Contr.ibzitions of CAIRLAMWCA VR to NAAQS 
Attainment. Focus or7 COI7fI"O/ Techr701ogies and Eti7ission Redzictions in the Electric Power Sector, April 18, 2006. The 
250 GW capacity figure represents coal-fired units subject to CAIR. 

y5 Although several states have considered IGCC in BACT permitting evaluations of new pulverized coal-fired power plants, 
thus far no state permitting agency has found that IGCC constitutes BACT primarily because of questions regarding 
coiimiercial availability and cost. 
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Figure 7-2 
Comparison of New Coal Plant Emissions Standards 
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Environmental progress has not been confined to air emissions, as utilities have reduced emissions of water 
effluents to extremely low levels over time as their water discharge pennits expire and are reissued with 
more stringent requirements. This process has contributed to the continual overall improvement in U.S. 
water quality experienced since the Clean Water Act was enacted in 1972. The most substantial new water 
pollution compliance burden for utilities arises as a result of the Phase I1 program initiated under Section 
3 16(b) of the Clean Water Act finalized in September 2004. This provision establishes technology-based 
performance standards to minimize the adverse environmental impacts of cooling water intake structures at 
existing plants. EPA estimates that 55 1 existing facilities will need to perform studies demonstrating 
compliance with the standards, and that many will make costly operational changes and/or retrofits. 

Beyond clean air and water, the nation’s electric utilities are involved in a variety of environmental activities, 
ranging from waste disposal and recycling to pollution prevention and land management. These activities 
are subject to a broad range of regulations at both the state and federal levels, and changes in these 
regulations can increase utility costs. For example, the federal Spill Prevention Control and 
Countermeasures (SPCC) program, which is focused on controlling oil and petroleum product spills f?om 
fuel storage tanks, has been applied to oil-filled equipment at electrical substations, which potentially could 
impose billions of dollars in new compliance costs on the industry. 

Environmental Costs and Rate Impacts 

All of this progress has entailed substantial costs to the industry, and costs continue to mount as compliance 
deadlines loom. According to the most recent comprehensive national survey of environmental 
expenditures, electric generators spent about $3.5 billion in 1999 for environmental compliance-almost 12 
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percent of total industry environmental spending in tlie United States.96 The brealtdown shown in Table 7- 1 
shows various expenditures by electric utilities and tlie corresponding figures for all industries. The 
expenditures on air pollution control ($1.07 billion for capital atid $0.9 1 billion in operating costs) together 
comprised about 56 percent of total electric utility environmental spending in 1999. Although other cost 
categories (not broken out in Table 7-1) are smaller, the electric utility share of these environmental costs 
often is substantial. For example, U.S. utilities account for about 15 percent of non-hazardous waste disposal 
costs in tlie United States, about 27 percent of site cleanup replacement, and 21 percent of overall indushy 
spending on habitat protection. 

Table 7-1 

TOTAL POLLUTION ABATEMENT AND CONTROL EXPENDITURES 1999 

Section 1 - Pollution Abatement Canital Ennenditures and Oneratine Costs 

Elcchic Powcr Generation 1,071 55 17 2 1,145 
All lndustrics 3,464 1,802 362 I 82 5,810 

% Electr ic 30 9% 3 1% 4 7% 0 9% 19.7% 

Operotiirg Costs (bfilliorr Dollars) 
Air Fr’nrEl Solid Ff’nrte bfilltilllE~~ia Total 

E,lcctric Powcr Gcncration 127 27 1,164 
All Industries 5,069 4.587 2,0 13 I96 11,864 

% Elect? ic I X  0% 2 2% 6 3% 1.3 7% 9.8% 

Section 2 - Other T es of Pollution Abatement 81 Control Ex enditnres 

I l rd i l s t l y  Total E.rperi~/itir~ es (A~illiorr Dollar s). 6)) o p e  
Seglllellt Disposul d Pollirtio~i Other Pavlllerlls to 

Recyclirig PI euelltialr Espelrci;lrrfe~s Cover ~ri i ie~i t  

Cnpitnl Exp Ope, alirlg E-sp Total E.sp Total E.sp Total E.sp 

Electric Powcr Gcncration 46 406 443 213 107 
All Industries 399 4,924 2,768 3,155 959 

% E I u  /I ic I 1  6% 8 3% 16 0% 6 8% / I  I %  -. 

Section 3 - Aeorewte Total of Pollution Abatement and Control Expenditures 

Inrlllsrl y Segrr1ent Tolal E.sperrclirirr.es (Mllio~r Dollai:r) 

Elcctric Powcr Gcncration 3,524 
All Industries 29,878 

% Elec ti IC 11.8% 

Sources and Notcs 
Pollution Abatement Costs and Expcnditurcs 1999 
U S Census Burcau 

96 U.S. Census Bureau, Polltition Abatermiit Costs arid Experiditures. 1999,  November 2002. 
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These 1999 figures do not reflect several substantial compliance burdens recently imposed on the electric 
generation sector. These new outlays primarily involve additional investments at existing facilities to 
comply with recent air emission requirements. According to an EEI survey of recent IOK reports, electric 
utilities spent at least $3.2 billion in 2005 on environmentally related capital investments (compared to less 
than $1.2 billion in environmental capital expenditures reflected in the 1999 figures cited earlier). 
Environmental investments may be the fastest growing investment category in the industry over the next few 
years. 

EPA has analyzed the costs associated with CAIR, CAMR, and CAVR, and estimates that these regulations 
will cost utilities about $3 billion per year in 2010, rising to more than $6 billion per year in 2020.97 The 
overall net present value of all outlays between 2007 and 2025 is estimated to be about $50 billion, with 
roughly one-half of that fiom capital investments in pollution controls. Moreover, the costs would be larger 
under alternative legislative proposals that could be enacted, which feature more ambitious emission 
reduction goals and, in some cases, less reliance on cap-and-trade emission approaches. Finally, many states 
are adopting rules that go beyond federal requireinerits (especially in the case of mercury emissions), and 
these programs will raise utility costs above the levels projected by EPA for compliance with the recently 
finalized air rules. 

According to EPA analysis, the Section 3 16(b) Phase I1 program will add an additional $400 million per year 
in costs for electric generators, a substantial increase in the current level of expenditure on water quality.9* 
This figure could be higher depending on the degree of flexibility afforded utilities in actual implementation 
of the rule, especially in the application of economic tests and the availability of restoration options. 
Additional uncertainty regarding future water pollution control costs may arise as regulators implement total 
maximum daily loads (TMDLs) that are specific to particular water bodies, which could necessitate 
additional investments in wastewater treatment or other processes. 

The costs of these new requirements are showing up in utility capital plans, as indicated in the EEI survey of 
2005 10K reports. That survey revealed more than $40 billion in planned capital investments and other 
environmental expenditures during the next 10 to 12 years, primarily to respond to recent air  regulation^.^^ It 
is important to note that these investments reflect compliance with current regulations as understood today; 
additional requirements may arise as a result of legislation or new regulations. For example, health-based air 
quality standards may be tightened for small particulates and ozone, and “reasonable progress” requirements 
for improving visibility could trigger additional investments in pollution controls. 

97 U S .  Environmental Protection Agency, Office of Air and Radiation, Multi-Polhitatit Regirlatoty Analysis. CAIN 
CAMlUCAVR, October 2005. The precise figures are $2.7 billion in 2010 and $6.1 billion in 2020 (expressed in 1999 
dollars). 

98 U S .  Environmental Protection Agency, Office of Water, Ecotioniic and BetieJits Analysis for the Final Section 31 6(b) 
Phase II Existing Facilities Rule, February 2004, Chapter B-1 “Sunimaiy of Compliance Costs.” The exact figure cited in 
this estimate is $385.5 million in annual pre-tax expenditures, including $196.2 million per year in capital costs (expressed 
in 2002 dollars). 

represents a conservative estimate of planned expenditures (although in cases where a range was given, the survey cited 
the higher end of the range). 

99 Because all utilities do not estimate their fiiture environmental expenditures separately on their 10K reports, this figure 
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An additional cost uncertainty arises from uiu-esolved issues surrounding the irnpleinentation of the “New 
Source Review” (NSR) and “Prevention of Significant Deterioration” (PSD) provisions of the Clean Air 
Act-namely, tlie extent to which NSWPSD applies when utilities undertake maintenance pro,jects to restore 
and/or improve availability, reliability, or efficiency of existing generating units. If NSWPSD requirements 
are deemed to apply to such maintenance projects, utilities could be required to itistall BACT emission 
controls systems on that particular unit, regardless of whether tlie unit has recently installed controls, the unit 
generally is uiiecononiic to control, or emission allowances generated from the operation of such controls 
would simply be sold to other generators. Various enforcement cases and regulatory proposals are still 
working tllrough the legal system wi tliout a definitive resolution of this contentious issue, adding substantial 
uncertainty to the costs of maintaining existing coal-fired generation capacity. 

Tlie financial impact of these outlays on utilities and ratepayers depends on the applicable cost-recovery 
inechanisins, which vary by state and by company. Some states with traditional regulatory structures have 
implemented specific mechanisms for full cost recovery of enviroiunental compliance expenditures, while 
others incorporate these costs into general rate cases, which can delay their recovery and create financial 
stress. For states with deregulated retail markets, capital cost recovery is not assured, as generators depend 
primarily on energy margins (i. e., market-clearing prices above their variable costs) for contributions to fixed 
costs, which are largely unaffected by environmental controls. Here, compliance costs may simply go 
unrecovered and result in additional financial stress on utilities during a period when they are making 
investments to ensure adequate capacity and reliable service. 

Climate Change and Electric Generation 

Tlie electric generation sector accounts for about 40 percent of U S .  CO:! emissions from energy 
consumption, primarily as a result of the heavy reliance on coal-fired generation. In fact, coal-fired 
generation, which is now 50 percent of total U S  generation, accounts for about 33 percent of total U.S. CO2 
emissions, or about the same portion as all transportation sources (motor vehicles, railroads, and aviation). 
As a result, any inandatoiy policy to reduce CO:! emissions would fall heavily on tlie electric generating 
sector. While energy efficiency, renewables, and new nuclear capacity will help to reduce the projected 
growth in utility COZ emissions, there currently are no economic technologies for C02 removal from fossil 
fuel-fired plants. Thus, in tlie near term, COz controls could entail a combination of fuel switching from coal 
to natural gas (although this option has become much more expensive with increased natural gas prices), 
additional renewables, stepped-up efficiency measures, advanced coal teclmologies, and perhaps additional 
nuclear capacity. In the longer tei-ni, new teclmologies that could remove C 0 2  from fossil fuel generation 
and permanently store C02 underground are under development, but these are currently uncertain and 
potentially expensive. 

While it is extremely unlikely that mandatory COz controls will take full effect during tlie period examined 
in this report, uncertainty over the eventual stringency, structure, and pace of poteritial COZ emission 
reductions adds significant risks for utility investment in new baseload generation. Given the size and scope 
of the issue, coupled with the long expected lifetimes of generating facilities, the uncertainty regarding 
possible greenhouse gas regulation may represent as much risk to utility supply planning as tlie uncertainty 
regarding future fuel prices. As explained herein, some utilities already are taking steps to reduce COz and 
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are incurring costs on a voluntary basis, in anticipation of eventual controls. If and when a COZ control 
policy is finalized, tlie iridustiy will incur substantial "hard costs" of actual compliance. 

Many utilities already are making investments that are influenced by the prospects of C 0 2  controls. The 
electric utility sector has been a leader in voluntary projects to reduce greenhouse gas emissions or to 
sequester CO:! emissions as recorded under the program authorized by Section 1605(b) of the Energy Policy 
Act of 1992. In 2004, the electric power sector accounted for 1,489 projects, or 69 percent of tlie total 
recorded under the 1605(b) program, which included direct reductions from generation, end-use efficiency, 
cogeneration, and carbon sequestration. The 487 electric power and cogeneration projects provided an 
estimated reported reduction of 173.7 million metric tons of CO2 equivalent (MMTCOZe) from direct sources 
and 19.0 million MMTCOze from indirect sources.1oo According to an EEI analysis of the 1605(b) data, the 
electric power sector accounted for a total of 282 MMTC02e reductions, avoidances, and sequestration, or 
63 percent of all reported emission reductions (assuming the higher figure of project-level reported 
reductions and entity-wide reported reductions).'" 

In soine states, integrated resource planning requirements stipulate that utilities consider CO:! policy rislts.'"2 
To the extent that resultant investment plans reflect tlie influence of potential COZ controls, near-tenn costs 
may increase. Likewise, some utilities have agreed to limit emissions in anticipation of eventual CO2 
controls and associated costs. (Many of these utilities report their actions under the 1605(b) program 
described above.) While such investments may well prove to be prudent and economic in the event that CO:! 
controls are instituted, they raise costs in the near tenn in order to manage the utility's exposure to long-tam 
CO:! control costs. 

The prospect for mandatory CO:! emission controls also is influencing capital markets and institutional 
investors. Brokerage and investment rating finns, such as FitchRatings and Lelunan Brothers, have begun to 
incoIporate the possibility of such regulations corning into force by the end of tlie decade into their outlooks 
and planning, noting that such policies could have potentially significant impacts on the risks that the sector 
faces. There has also been a noticeable increase in the filing of shareholder resolutions by some institutional 
investors asking that electric utilities prepare reports discussing the potential impacts of such regulations on 
future financial prospects. 

loo Energy Information Administration, Vohititarj~ Reportitig of Greetihoiise Gases 2004, March 2006. 
l o '  Edison Electric Institute, Electric Power Sector 1605(b) Siitmnty for 2004, April 1 1, 2006. 

Karl Bokenkanip, Mal Laflash, Virinder Singh, and Devra Bachrach Wang, "Hedging Carbon Risk: Protecting Customers 
and Shareholders from the Financial Risk Associated with Carbon Dioxide Emissions," The Electricitv Journal, JUIY 
2005. 
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New Generating Technologies 

Newer fossil fuel teclmologies are more efficient, and thus emit less COz per unit of generation than older 
teclmologies. The conventional measure of generation efficiency is the “heat rate,” wliicli expresses tlie 
amount of fuel burned per unit of electricity generated (typically in Btu/kWh). Figure 7-3 shows COz 
emission rates for new generating technologies, based on their projected heat rates and fuels. 

Figure 7-3 
C02 Emissions for Older and Current Generation Technologies 

Figure 7-3 includes emission rates for IGCC, an emerging “clean coal” technology that shows additional 
promise in meeting COz reduction objectives because it presents a more economic opportunity to capture 
COz emissions. The concentration of COz in tlie syngas produced in an IGCC plant is much higher than tlie 
COz concentration of flue gases from conventional combustion systems, which could significantly reduce tlie 
costs of capturing tlie COz for transport and sequestration in suitable geological formations, or deep ocean 
disposal, This is an area of considerable research, and while estimates vary, it appears tliat carbon capture at 
an IGCC plant would cost about half as inucli as capture applied to conventional pulverized coal plants.’03 
Among storage options being considered, expanding the use of COz for eidianced oil recovery may be cost 
effective in some locations at current oil and technology prices, while other storage options could cost 
anywhere between $1 per ton of COz to $20 per ton of COz per year on a levelized cost basis.lo4 These 
capture and storage options are among the concepts pursued in tlie FutureGen Initiative, a collaboration 
between tlie Department of Energy and private-sector interests to build and demonstrate the first COz- 
emission-free coal-fired plant in tlie world. 

I O 3  See Ewlzration OfFossil Fuel Power Plants with CO? Reco)w-)j, Final report prepared for U S .  Depastnient of Energy, 
February 2002. Also, U S. Department of Energy, Natioiial Energy Techiiology Laboratory, Mnjor Ei~vironrnet~fal 
Aspects of Gasification-Based Powel Ger7eratioii Technologies, December 2002. 
See Gemma Heddle, Howard Hertzog, and Michael Klett, “The Economics of C 0 2  Storage,” MIT Laboratory for Energy 
and the Environment, August 2003. 
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Nuclear power generation currently is the most significant non-COz emitting baseload generation 
technology, and there is considerable interest in reviving nuclear construction, in large part because of the 
role that nuclear could play in reducing CO:, emissions from the future generating fleet. Mandatory CO:, 
controls certainly will boost the economic prospects for nuclear power, and analysts expect that tlie costs of 
new nuclear plants will fall as the first few units of the next generation of nuclear power plants are built, 
which would help to fiirtlier reduce the compliance cost burden of meeting CO:, goals. Although expanding 
nuclear energy in the United States has economic risks and is constrained by tlie current impasse on high- 
level waste disposition, it seems likely that nuclear will become an important element in long-term CO? 
reduction policy. 

Likewise, renewable electricity is largely CO:, emission free. (Emissions from biomass combustion are COz- 
neutral to the extent that they represent atmospheric carbon fixed in plant material through pliotosynthesis, a 
process that can be repeated indefinitely.) The economic prospects of renewable energy would likewise be 
boosted from mandatory CO:, emission limits, although their costs generally remain higher than conventional 
generation without accounting for the CO:, benefit (and intermittent resources such as wind and solar pose 
some operational challenges and incur additional costs as penetration levels increase in regional electricity 
markets). 

Costs of C02 Controls 

There are many estimates of the cost impact of potential CO:, controls on electricity suppliers, the results of 
which vary based on the particular policy analyzed and the specific modeling assumptions employed. 
However, they share one cornmon feature: the impact on electricity prices would be roughly proportional to 
the costs imposed on the industry. While climate change policies can be fashioned to reallocate cost burdens 
in some respects-and thereby share some of the burden between utilities, ratepayers, and other sectors of 
the economy-the costs imposed on electricity generation under most policies analyzed would dwarf the 
amounts spent on clean air, water, and land described earlier. Electric power will still be produced and 
consumed, and if electricity suppliers cannot recover their costs, the capital markets will extract additional 
premiums on their debt and equity required to finance environmental controls and other infrastructure 
investment" Tliis either would inhibit capital formation when the industry would need to invest in new 
generation technologies, or would show up in rates as additional returns needed to attract capital. This 
means that mandatory CO2 controls would lead to price increases both tlirough direct costs (such as 
increased effective coal prices under a CO2 tax or cap-and-trade allowance system) and indirect costs, as 
such policies would likely entail additional financial stress on utilities and raise the costs of capital. 
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Financial Condition and Outlook 

Tlie previous sections of this report document the significant investment challenges faced by tlie utility 
industty today. In tlie last few years, dramatic increases in fuel prices have driven tlie most significant 
electricity price increases since tlie energy crises of the 1970s and 1980s. Because of factors such as long- 
teiin contracts, rate freezes, and defeired cost recoveiy, retail rates may not fully reflect these fuel cost 
increases for another several years. Tlie utility industry now also faces a wave of significant infrastructure 
investment requirements that are driven by substantial capital needs for new generation to meet rising 
demands, environmental compliance, expansion of tlie transmission grid, fuel diversity, and tlie continued 
growth of the distribution system. In recent years, earned rehitiis have been trending down as tlie increase in 
utilities’ fuel and other costs exceeded growth in revenues. 

This raises a most important question: does tlie utility industry have tlie financial strength sufficient to meet 
tlie combined challenges of (1) sliarply increasing and liiglily volatile fuel and purchased power costs; (2) 
significant capital investment requirements; and (3) rising interest rates. The good news is that tlie industry 
lias recovered fairly well since tlie 2000 to 2002 financial meltdown that often is most vividly associated 
with the western power crisis and tlie Enron bankruptcy. Tlie bad news is that recent data also show a 
downward trend in utility earned returns on equity (earned ROEs), a decline in operating cash flows, and 
credit quality that lias trended downward over tlie last five years. These findings suggest that reasonable rate 
relief and investment recoveiy policies will be needed to maintain a financially strong utility industry 
sufficiently capable of attracting tlie required capital and meeting its responsibilities in a stable, cost- 
effective manner. Regulation that does not provide for the full and timely cost recovery of prudent costs will 
weaken utilities financially, thereby raising investment-related costs and discouraging investments that 
would yield long-term benefits. 

The Industry’s Financial Condition During the Last Decade 

Uti I i tv  C red it Rat i rigs 

While primarily focused on assessing tlie risk of debt holders, credit ratings also reflect overall company and 
industry fundamentals, as well as factors important to equity holders, such as allowed and earned ROEs. 
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Figure 8- 1 shows the credit ratings of electric and combination utilities, which are primarily utility operating 
companies and reflect mostly the remaining regulated segment of the industry.’05 

Figure 8-1 
Credit Ratings of Electric and Combination Utilities 
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Figure 8-1 shows two notable trends. First, it documents the marked decline of average credit ratings for a 
sample of 12 1 operating utilities, which represent the mostly regulated segment of the industry. Until year- 
end 1999, financially strong companies rated BBB+ or above accounted for approximately 75 percent of all 
companies. By the end of 2005, the proportion of utilities rated BBB+ or above had declined to 
approximately 45 percent. Second, Figure 8- 1 documents that the financially weak segment of the industry 
has been recovering from its weakest period in 2003. Utilities rated BBB- or below used to account for only 
10 percent to 15 percent though 200 1, but that share increased to almost 30 percent by 2003. Since then, 
however, the proportion of utilities rated BBB- or below investment grade improved to approximately 20 
percent by the end of 2005. 

Figure 8-2 shows the same data for a sample of 25 independent power producers (IPPs) and energy traders, 
i.e., the largely unregulated portion of the industry. Not surprisingly, this figure shows a much stronger 
response to the recent energy and financial strain created in the aftermath of the western power crisis and the 
Enron bankruptcy. The proportion of companies with below-investment-grade ratings (i.e”, below BBB-) 
increased from approximately 15 percent in 2000 to nearly 60 percent in 2002. As with utility operating 

‘Os This sample contains 121 operating utilities. It consists of parent companies and subsidiaries for which financial data are 
available and reported by Compustat, and includes only companies with Compustat GICS codes for “electric utilities” and 
“nmlti ~ttilities.” (This excludes companies in the deregulated segment of the industry, which are classified as 
“independent power producers” or “energy trading companies.”) To avoid double counting and companies with sizeable 
unregulated subsidiaries, we excluded utility holding companies whenever financial data for the utility operating 
subsidiaries were seported separately. 
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companies, tlie last few years show widespread improvement in overall credit ratings, tliougli not to tlie 
levels of the mostly regulated segment. By tlie end of 2005, the below-investment-grade-rated portioii of the 
industry still accounted for only approximately 40 percent of IPPs and energy trading companies. Tlie 
portion of IPPs and energy trading coiiipanies rated BBB+ or higher trended downward from more than 80 
percent in 1996 to approximately 70 percent in 2000. Tlie BBB+ and higher rated portion of this marlcet 
segment then declined to only 20 percent in 2002, before it recovered to a level of approximately 35 percent 
by the end of 2005. 

Figure 8-2 
Credit Ratings of Independent Power Producers and Energy Traders 
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Earned and Allowed Returns on Eauitv 
Financial data for tlie operating utility sample also show that utilities have been earning a median ROE that 
exceeded tlie median of allowed ROEs in recent years. Figure 8-3 compares earned returns for tlie sample of 
utility operating companies with allowed ROEs arid trends in utility bond yields. The figure shows that in 
tlie last several years, tlie median ROE for electric and combination utilities has been somewhat above 
allowed ROEs. However, tlie figure also shows that earned returns already have been trending down as tlie 
increase in utilities' fuel and otlier costs exceeded growth in revenues. For 2003, 2004, and 2005, tlie 
median earned ROE was only sliglitly above the median allowed ROE. 
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Figure 8-3 
Allowed and Earned Returns on Equity 

For U.S. Electric and Combination Utilities 
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This downward trend in utility ROEs demonstrates that utility costs have started to outpace revenue growth, 
suggesting further financial challenges ahead. But while utilities’ median earned ROEs are declining, they 
are still (at least on average) within the range of allowed ROEs. So far, the decline in utility ROEs has been 
mitigated partially by declining interest rates, as shown in Figure 8-3 by the trend in Baa-rated utility bonds. 
Allowed ROEs also have declined with bond yields, although, as discussed below, utilities’ risks have 
increased. As noted previously, this decline in allowed ROEs has raised concems of rating agencies. 

Figure 8-3 also shows that a sizable portion of the industry is earning returns that are well below investors’ 
required returns. One-fourth of utilities earn less than the earned ROE level shown with the line marked as 
“lst Quartile.” This means utilities’ earned ROEs in this bottom quartile are significantly below the bottom 
quartile of allowed ROEs and are, in fact, sometimes not much higher than the return on utility bonds. 
Similar to what can be seen from the bottom range of utility credit ratings, this shows that, compared to the 
average,” a fairly sizable number of utilities are in a more vulnerable and relatively weak financial 

condition. Importantly, since the earned ROEs of these utilities have declined more quickly than the ROEs 
for the utility industry on average, regulatory policies that enable these utilities to recoup in a timely fashion 
their rising fuel costs and to finance needed capital program will be very important. 

< c  

Increasing Risks 

As discussed, the downward trend of utility credit ratings documents the increase in utilities’ average credit 
risk, which raises their cost of debt. This means the decline in bond yields for Baa-rated utilities as shown in 
Figure 8-3 is partly offset by the fact that utility credit ratings have been declining as well. A similar trend is 
occurring with respect to utilities’ cost of equity. The risks to which equity holders are exposed have been 
increasing, due to a variety of economic, operational, and regulatory factors. The increased risks mean that 
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tlie risk preiniuin required by utility equity investors lias been increasing as well, which leads to higher 
capital costs that also offset the general decline in interest rates. 

Tlie equity risk is coiimonly expressed tlvough “beta,” which is a quantitative measure of tlie volatility of a 
given stock price relative to tlie inarlcet as a whole. Figure 8-4 shows that the beta of tlie electric utility 
industry lias iiicreased froin approxiinately 0.55 in 2000 to approximately 0.85 in 2005. At a iiiarket risk 
preiiiiuin of 6.5 percent to 8.0 percent, this increase in risks raises tlie required ROE by approximately 2.0 to 
2.4 percentage points (or 200 to 240 basis points).’0G This increase in tlie required ROE approxiinately 
offsets tlie decline in interest rates as reflected in tlie Baa-rated utility bond yields, as shown in Figure 8-3. 
Consequently, tlie recent decline in allowed ROES, as docuinented in Figure 8-3, inay not be consistent with 
tlie increase in utilities’ risks, as docuiiiented in Figure 8-4. Thus, credit rating agencies’ concerns over 
“insufficient regulated authorized retunis” also appear to be valid concerns from tlie perspective of equity 
holders. 

Figure 8-4 
Trend of “Beta” for Sample of Electric Utilities (1995 to 2005) 
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Ooeratinf! Cash Flows and CaDital SDending 
Tlie magnitude of operating cash flows (or “funds froin  operation^"'^^) relative to interest expense, total debt, 
and capital spending frequently is used to assess tlie credit strength of companies. Tlie size of operating cash 
flows relative to a company’s interest expenses and other fixed obligations also indicates tlie flexibility that 

lo‘ This calculation is based on the “capital asset pricing model,” or “CAPM,” which says a company’s risk premium equaIs 
the product of its beta and the market risk premium. In repeated empirical testing, the cost of capital trims out to be less 
sensitive to changes in beta than the CAPM predicts. In  particular, this research shows that low-beta stocks have higher 
costs of capital and high-beta stocks have lower costs of capital than the CAPM predicts. Using this research, the 
predicted change would be closer to 175 to 210 basis points, rather than 200 to 240 basis points. 
The terni “funds from operations” (FFO) is typically used by rating agencies. I t  is defined as operating cash flows 
without ad.justing the change in working capital. We are using FFO and operating cash flow interchangeably here. 
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utilities have to withstand unexpected financial difficulties resulting from occurrences such as major plant 
outages or storm damage. If operating costs increase faster than revenues, operating cash flows decline. 
Importantly, trends in cash flows can be a leading indicator of utilities’ financial conditions because, unlike 
earnings, cash flow cannot be preserved by accrual accounting and the deferred recovery of costs that often 
occurs within the regulatory process. 

Broadly speaking, the portion of capital expenditures that can be financed from intemally generated funds is 
equal to operating cash flows net of dividend payments. The extent to which hnds  from operations exceed 
capital expenditures and dividends is defined as a utility’s “free cash flow” and measures the extent to which 
utility companies need to rely on external financing. 

As internal cash flow declines, a larger portion of a utility’s capital expenditures will need to be financed 
externally, i.e., tlxougli the issuance of debt and/or equity in the capital markets. Unfortunately, it is not 
always possible to “make up” declines in interrial cash flows through external financing because access to 
capital marlcets becomes more limited as a company’s financial flexibility declines. As documented by the 
industry’s recent liquidity crunch, this ironically can lead to outcomes in which the companies that would 
need to rely most heavily on external funds also find it most difficult to access such funds. 

Figure 8-5 compares total operating cash flows (blzre line) against the sum of capital expenditures and 
dividends for the sample of utility operating companies. The figure shows that companies’ total operating 
cash flows increased from approximately $35 billion in 2000 to approximately $45 billion in 2004. During 
the same period, free cash flow improved significantly despite increased capital expenditures. These 
improvements in cash flows again document the overall financial recovery of the industry in recent years. 

Figure 8-5 
Cash Flows of Electric and Combination Utilities 
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Figure 8-5, however, also docurnelits the inore recent financial pressures that have emerged as utilities face 
inuch higher operating costs and investment requirements. As the data show, from 2004 to 2005, operating 
cash flows declined sharply, by approximately $10 billion, while capital expenditures increased. This 
coinbination of reduced operatiiig cash flows and increased capital expenditures foreshadows a liltely ftirther 
decline in utility earned returns and significant financial challenges tlie industry is liltely to face in the years 
ahead. 

A slightly different picture, but one that nevertheless suggests a similar outlook for the years ahead, emerges 
for independent power producers and energy trading companies. Figure 8-6 shows that operating cash flows 
declined froin a high of approximately $17 billion in 2000 to approxiinately $15 billion in 2002 to 2004. 
From 1999 to 2002, substantial capital expenditures associated with the coiistruction of inerchant generating 
plants greatly exceeded operating cash flows. Similar to the electric and coinbination utilities represented in 
Figure 8-6, however, operating cash flows have declined sharply in tlie last year: from $15 billion in 2004 to 
approximately $10 billion in 2005. 

Figure 8-6 
Cash Flows of lPPs and Energy Trading Companies 
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Summarv: Utilities' Financial Condition over the Past 10 Years 
The past 10 years have been marked by several periods of retrenchment and improvement in overall financial 
condition. The industry began the decade in 1996 in relatively good condition, with strong earnings and 
credit ratings. Overall financial conditions did not change substantially until 2000. 

To assess tlie financial ability of IOUs to meet their investment challenges, we first reviewed the evolution of 
several key indicators of industry financial health during the past IO years. This evolution helps lend some 
perspective to a forward-loolting financial evaluation later in this chapter. Our historic assessiiient examined 

85 



Chapter 8: Financial Condition and Outlook 
i 

four key indicators: industiy credit ratings, earned and allowed ROEs, trends in utility risk, and operating 
cash flows compared to capital expenditures. 

As noted above, since 2003 the industry has been in a recovery mode. Although financial conditions have 
improved substantially overall, the industry is still well below the financial measures of healtli experienced 
in 1996 and longer-tenn historic norms. Furthennore, the lowest quartile of the regulated industry and a 
larger segment of the unregulated industry continue to face conditions that require strong rate support. 

From 2000 through 2003, the western power crisis and the following liquidity crisis in the energy trading and 
merchant energy segment of the industIy caused financial difficulties of nearly unprecedented scale and 
severity throughout the industry. Only during and immediately after the energy crises of the 1970s and 
1980s had tlie utility industry experienced a similar degree of financial upheaval.’0x In tlie wale of this 
financial crisis, unregulated industIy participants sharply curtailed their capital spending, and even regulated 
utilities struggled with severe financial pressures and an industry-wide credit crunch. In late 2002, the 
president of the National Association of Regulatory Utility Commissioners (NARUC) and the chainnan of 
EEI pointed out in a joint statement: 

“The electric power industry is now facing a financial crisis perhaps more acute than any 
in its modern history. ... All but a few electric power providers have found access to 
capital increasingly costly and enormously difficult to acquire. . . . Left uncorrected, these 
problems likely will further impede the financing and construction of critically needed 
infrastructure, particularly high-voltage transmission and local distribution systems. 
Significantly, this is a crisis affecting not just companies and their shareholders- 
customers themselves and the U.S. economy are at risk if the industry cannot build out or 
even maintain its generation and delivery inf ras t ruc t~re .” ’~~ 

Financial Outlook The Challenges Ahead 

The previous discussion shows that the industry has been recovering reasonably well from the recent 
financial crisis. The bottom end of credit ratings has improved somewhat for both utilities and unregulated 
companies. Utilities’ earned ROEs are declining but, at least for the industry average, are still within the 
range of allowed ROEs. Allowed ROEs have trended down, which has raised concerns of rating agencies, 
but that decline in allowed ROEs is mitigated at least in part by declining interest rates and utility bond 
yields. And, until recently, utilities on average had increasing operating cash flows that were sufficient to 
fund most of the needed capital expenditure internally. 

See, for example, Standard and Poor’s, “U.S. power company liquidity crunch: Deja vi1 all over again,” December 16, 
2002. 

108 

IO9  Joint statement of David A. Svanda, president-elect ofthe National Association of Regulatory Utility Commissioners, and 
Errol1 B. Davis Jr., chairman of the Edison Electric Institute, Chicago, November 13, 2002. 
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These recent positive industry-wide developments do not imply that forward-loolting conditions are expected 
to remain as favorable, as several trends point to reduced industry financial strength. These trends iiiclude: 

. Utility earned retunis have been declining as rate relief and revenue growth have been outpaced by the 
combined effect of fuel aiid purchased power cost increases. In addition, the bottom quarter of tlie 
industry is earning ROEs well below their cost of equity. In 2005, the earned returns of this segment 
also have been declining at a more rapid rate. This suggests that a sizable portion of tlie industry may 
be poorly positioned to address the challenges faced today and in the years ahead. . In 2005, operating cash flows declined more quickly than industry-earned ROEs, wliicli likely is a 
leading indicator of further earnings erosion. 

a The credit rating of tlie utility industry overall has trended downward to a point where, as of 2005, less 
than half of electric and combination utilities were rated BBB+ or higher. In fact, over the last five 
years, the typical utility credit rating declined from A to BBB. In addition, approximately 20 percent 
of the industry is rated BRB- or below. The ability of these utilities to cope with additional financial 
challenges may be veiy limited. . Further increases in fuel and purchased power costs, other increases in operating costs (including 
labor, pension, and medical costs), the cost of complying with environmental and other regulatory 
mandates, tlie additional capital costs of substantial infrastructure illvestment requirements, and the 
possible future increase in financing costs ( ie . ,  interest rates) will create a significant challenge to the 
financial health of tlie indushy in the years ahead. And again, while these challenges are sigriificant 
for the industry 011 average, variances across regions and companies will mean that a sizable number of 
individual utilities will be affected inuch more strongly. . Finally, the recent sharp increases in costs have forced many utilities to file new rate cases, wliicli 
often are associated with delayed and sometimes incomplete cost recovery. 

The following discussion addresses some of these issues in inore detail. 

The Outlook for Utility Credit Ratings and Earned Returns 

Credit rating agencies have already taken note of tlie potential financial implications of the challenges facing 
the industry today. According to one credit rating agency, Fitch, “unusually liigh and volatile natural gas and 
energy prices raise risk overall.’” l o  Fitch further writes: 

Volatile and rising energy coimnodity prices represent a challenge to investor-owned electric 
utility companies. Many state regulatory comnissions have approved procedures allowing 
utilities in their jurisdiction to adjust tariffs periodically to reflect the actual cost of fuel and 
purchased power. However, the plans in place for individual companies vary significantly in 
their timing and effectiveness. Also, the iiiiplenientatiori of rate adjustments is still subject to 
regulatory and political risk, particularly in a period of rising energy costs. ... A utility’s 
ability to weather a period of high and rising coimnodity costs is influenced by many factors, 
including the state’s inarltet structure, rules regarding power procurement and the utility’s 

‘ l o  FitchRatings, I/.S” Power arid Gas 2006 Ozttlook, December 15, 2005, p. 1. 
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obligation to serve customers’ energy needs, the utility’s resource mix relative to its load 
requirement, access to adequate liquidity and the state’s regulatorylpolitical environment.’ ’ 
In the 12- to 24-1110nth outlook, potential negatives now loom larger than a year ago and are 
no longer fully offset by tlie continuing benefits froin tlie reduction in business risk that 
resulted froin the “back to basics” cyclical recovery, strong capital inarltet access and low 
interest rates. Taking a longer view, over the coining five years through 2010, the sector is 
increasingly expected to face negative credit factors. These include rising interest rates, 
higher capital expenditures and the continuation of volatile commodity prices.’ l 2  

Other rating agencies and industry analysts have expressed similar concerns. While it clearly recognizes the 
improvements in industry financial conditions over tlie last few years, Standard & Poor’s raises similar 
concerns over tlie industiy ’s emerging challenges: 

Certain measures of bondholder protection have stabilized following several years of gradual 
improvement, reflecting debt reduction, divestiture of umegulated noncore assets, refinancing 
of higher-cost debt, and tight cost control. 

. ..While [2005 rating activity in the U S .  investor-owned utility industry was] more balanced 
than in previous years, downside rating actions continued to overshadow upgrades. . . . 
Downgrades in 2005 were attributable to overall deterioration in bondholder protection 
measures, unsupportive rate decisions, heightened adversarial regulatory and political 
development, burdensome construction programs, unrecovered investments, a focus on 
shareholder value, and more aggressive growth strategies. 

. . .Many companies face various business and financial pressures, which resulted in their 
ratings going on Creditwatch with negative implications in 2005. Creditwatch listings and 
rating outlooks are good indicators of prospective rating actions, and given the numerous 
new and existing negative Creditwatch listings and negative outlooks, any upturn in overall 
ratings quality is unliltely over the intermediate term. 

I .  .Much of the industry has been re-eniphasizing its core competencies, but this is certainly 
not without its own risk. These include the major pending regulatory decisions in certain 
states, the need for substantial infrastructure expenditures, merger and acquisitions, fuel cost 
recovery in a high-fuel-price environment, and still low, but gradually rising interest rates.’I3 

“ I  FitchRatings, U.S. Electric Utilities: Credit Itnplications of Commodity Cost Recovery, February 13, 2006. 
I i 2  Id., p. 2. 

Standard & Poor’s, Pace of U.S. Utility Ratiiig Actions Picked ip in 2005; Downgrades Dominate, February 1, 2006, pp. I I3 

1-4. 
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These coiiceiiis over tlie challenges and financial health of the industry in tlie years ahead are not limited to 
credit rating agencies and tlie perspective of debt holders; equity analysts similarly express concerns. For 
example, Lelunan Brothers states in a recent report: 

AJ7Otj7eJ” & - - e x  @%? Loon?s - In this year’s study of electric utility regulation, we take the 
results of a bottom-up compilation of fuel and capex spending increases over the next five 
years and look at the implications for cash flow, returns, equity risk premia, and valuations. 
We believe this analysis reinforces our negative stance on regulated electric utilities. , . . 
Substantial Rate Increases - Infrastructure investments and high fuel costs spell rate shock, 
demand destruction, and regulatoiy risk for traditional utilities. Tlie projected 10 percent- 
plus annual increases tlvough tlie next four years could pain consumers, pressure politicians, 
and liarden regulators. . . 

Dec~easirrg Retz/uns - Historically, electric utility underearning coincides with free cash flow 
turning negative (which happened in late 2005). I .  .Our free cash estimates iiiiply that earned 
retunis could drop to tlie nine percent ROE area in tlie corning years, a deficit of over 250 bps 
versus projected allowed levels.’ l 4  

Increasing Financing Costs 
Tlie capital costs associated with this clear need for infrastructure expansion will foini another driver for rate 
increases in coining years. While tlie current environment is quite favorable in tenns of utilities’ access to 
capital markets, recent increases in industry-specific risk factors and a trend to potentially higher interest 
rates suggest higher financing costs for investment requirements going forward. 

As shown in Figure 8-7, industry financing costs as measured by utility bond yields have reached a 40-year 
low. As discussed earlier in this chapter, the decline in interest rates has allowed utilities to mitigate 
increases in other costs. However, this long period of low and declining interest rates is not expected to 
continue. During 2005, for example, tlie Federal Open Market Coimnittee (FOMC) raised tlie Federal Funds 
Rate a total of two percentage points. At its first meeting in 2006, tlie FOMC raised tlie Federal Funds Rate 
another quarter percentage point to 4.5 percent. These recent increases in interest rates are also shown in 
Figure 8-7, tliough they have not yet affected utility bond yields. 

‘ I 4  Lehnian Brothers, Capital Lessons, Global Equity Research/North America, March 15,2006, pp. 1-2 
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Figure 8-7 
Utility Bond Yields vs. Federal Funds Rate (1/1960 to 1/2006) 
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The financing costs of utilities' investment requirements are generally expected to increase. These increases 
are likely for at least t h e e  reasons: (1) possible increases in long-term interest rates; (2) increases in utilities' 
cost of debt due to declining credit quality; and (3) increases in utilities' cost of equity due to higher rislts. 

In the earlier quotes, both Fitch and Standard & Poor's specifically point to "rising interest rates" as one of 
several negative credit factors faced by the industry going forward. However, while many industry analysts 
anticipate that long-term interest rates will be increasing, the extent of such increases is still unclear. For 
example, Lelman Brothers projects that the yield of 10-year government bonds in 2006 will have increased 
by 90 basis points from 2005, without further increases through 2010."5 EIA projects an 80-basis point 
increase from 2005 to 2006, with additional increases of 110 basis points through 2010.'16 Based on the 
long-range consensus forecast compiled by Blue Chip Finuncial Forecasts, bond yields are anticipated to 
increase to 5.5 percent by 2009 and remain at that level for anotlier five to 10 years.I17 In comparison, as of 
May 5, 2006, the yield on the 10-year govemnent bond was 5.1 percent, which already exceeds May 2005 
yields by approximately 100 basis points."' These forecasts suggest that long-term interest rates in the years 
ahead must be expected to be between 100 and 150 basis points above 2005 rates. 

In addition to these trends of increasing interest rates, industry-specific risk factors will likely exert 
additional upward pressures on utilities' cost of capital. Rising operating costs, the evolution of industry 

'I5 I d ,  p. 10. 
' I 6  Energy Information Administration, Aniizral Etier-gy Oictlook 2006, Table 19, Febniary 2006 (based on projected yields of 

' I 7  Blue Chip Financial Forecasts, Long-Range Consensics U S  Econoiiiic Piojectiotw, March 10, 2006, p. 15. 
'I8 In May 2005, the 10-year constant maturity Treasmy yield was 4.14 percent; during 2005, yields ranged from 4.0 percent 

AA-rated utility bonds). 

to 4.54 percent (http://www.federalreserve.gov/seleases/hl S/data/monthly/M 1 5-TCMNOM-Y 1 O.txt). 
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structure, tlie ultimate costs of enviroiuiiental a id  other regulatory inaildates (see text box on following 
page), and tlie extent and timeliness to which these costs can be recovered in rates introduce additional 
uncertainties that are often difficult to quantify or hedge. These risk factors have already been recognized by 
rating agencies through reduced credit ratings and negative outloolcs. These rislcs will raise utilities’ cost of 
debt relative to tlie general trend in long-term interest rates. 

Siiiiilar upward pressures exist for utilities’ cost of equity. As tlie iiidustiy’s risks increase through factors 
such as fuel price volatility, significant capital expenditures, regulatory lags, and tlie potential for incomplete 
cost recoveiy, the required return on tlie equity-portion of utilities’ rate base will also teiid to increase faster 
than tlie general trend in interest rates. The increase in “beta” shown in Figure 8-4 indicates that utilities’ 
iiiarltet risks today are already higher than in tlie recent past. Given tlie challenges ahead, these rislts are 
uiililcely to decline. 

In sum, fuel and market price volatility, along with uncertainties over tlie evolution of industry structure, 
environmental costs, and timely recovery of these costs, as well as tlie required costs of financing significant 
capital expenditures for infrastructure requirements, introduce operational and financial risks tliat are often 
difficult to quantify or mitigate. This uncertainty itself is raising utilities’ financing costs at a time when tlie 
sector’s capital needs are quite large. 
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Financial Concerns Over Environmental Compliance Costs 
And Imputed Debt of Long-Term Contracts 

In addition to concern over tlie financial impact of increasing fuel, purchased power, 
and infrastructure investment costs, exposure to large arid growing environmental 
compliance costs has become an important risk factor in tlie utility industry, both from 
a debt- and equity-holder perspective. Shifting environmental requirements and 
unclear technological solutions will only add to the financial concerns and uncertainty 
over such environmental investments.’ The rating agencies have expressed particular 
concerns over the current lack of clarity in environmental regulations, the added 
financial burdens of significant investments required to comply with new rules, and the 
risk that utilities may not be able to recover tliese costs in full or on a sufficiently 
timely basis. The agencies also stated their fear that due to tlie combination of 
growing compliance costs, high electricity prices, and an inconsistent and incoherent 
regulatory approach to cost recovery, these cost recovery risks will not abate in the 
near future-though mitigation opportunities exist in tlie fonn of environmental 
financing and rate adjustment meclianisms.2 Similar opportunities exist to apply rate 
adjustment mechanisms to mitigate adverse financial impacts of other regulatory 
mandates, such as the financial pressures associated with the “imputed debt” of long- 
term purchases from renewable and other generating so11rces.~ 

For example, see FitchRatings, Statirs ojEiiviroiimenta1 Regitlatioii, October 12, 2004; 
FitchRatings, Fitch Coinineiits oti EPA ’s Clean Air Interstate Ride, March 16, 2005; 
FitchRatings, Etnissioii Trading, December 7, 2004; and Standard & Poor’s, Peer Coinparison. 
Three U S  Power Giaiits ’ Eiivirotirneiital Costs arid Sti.ategies, June 15, 2005. 
For a discussion on mitigation of environmentally related financial risks, see Pfeifenberger and 
Newell, “Innovative Regulatory Models to Address Environmental Compliance Costs in the 
Utility Industry,” Newsletter of the American Bat Association, Section on Environment, Energy, 
and Resources, October 2005, pp. 3-6. Also see, FitchRatings, New Missoztri Bill Supports 
Utility Credit, June I ,  2005, and Moody’s, Credit Opinion: Keiitidy Utilities Co., June 2, 2005. 
See direct testimony of Johannes Pfeifenberger re: state regulatory commissions’ rate treatment 
of long-term purchased power costs. (Testimony before the Colorado Public Service 
Commission, Docket No. 06S-234EG, April 14,2006.) See also direct testimony of Michael 
Vilbert re: implications and mitigation of imputed debt. (Testimony before the Public Utilities 
Commission of Nevada, Docket No. 06-05-, May 3 I ,  2006.) 
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CHAPTER 9 

Cost Recovery, Investment, and Rates 
In Perspective 

In order for electric utilities to remain financially viable in tlie current era of increased operating costs and 
continued need to invest in infrastructure development and expansion, rates must increase. Indeed, 
electricity prices in inany regions already have increased and further increases will be necessary in inany 
cases. For example, between January 2005 and January 2006, U.S. electricity prices increased by an average 
of 1 1.6 percent, which predominantly reflected increased fuel and purchased power expenses. These 
increases affected all customer classes: residential prices rose by 12.5 percent, commercial prices rose by 
10.5 percent, and industrial prices rose by 12.6 percent. However, these increases were smaller than the 
utilities' increase in cost of fuel: tlie prices of fossil fuel consumed by utilities in 2005 were 30 percent 
higher than those paid in 2004. ' l 9  

Historical Prices in Perspective 

In inany parts of the country electricity prices are increasing, sometimes by substantial amounts. Even with 
tliese recent increases, however, electricity prices have risen less over tlie past few years than nearly every 
other product or service Americans buy-and among energy products, inuch less. In inany parts of the 
country, electric rates have not gone up for many, inany years. At the same time, most other products have 
increased substantially in price in keeping with tlie rate of inflation. 

Electric power continues to grow in value to American cotisuiners and tlie American economy. As 
electricity use has grown in economic value, its inflation-adjusted cost has been declining. From 1985 to 
2000, average electricity prices rose 1.1 percent per year, less than half the average inflation rate of 2.4 
percent. American homes use six percent inore power today than they did in 1978. Yet even with 21 percent 
greater use, the portion of our household budget that we devote to our power bill has declined. 

Electricity Prices by Customer Class 

Figure 9-1 illustrates the trends in average prices of retail electricity over the past 45 years by customer class. 
What is striking about tlie figure is the relative stability in nominal prices until the first half of this decade. 
Figure 9-2 provides tlie same results, but expressed in 2005 real dollars, and shows that in real tenns prices 

1 l 9  Energy Information Administration, Electric Power- ~Of? th ly ,  April 2006 
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have been declining for the previous two decades. Thus, this observation helps explain how the cost of 
electricity impacted consumers iii general. 

Figure 9-1 
U.S. Electricity Prices by Class of Customer ($Nominal) 

Figure 9-2 
U.S. Electricity Prices by Class of Customer (Real 2005 Dollars) 
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In order to place the cost of electricity to consumers in context, it is important to understand how sucli costs 
have moved in relation to other key consumer products. Residential electricity prices in the United States 
have increased at comparable or lower rates than other key indices of consumer prices. Table 9- 1 provides a 
comparison of retail electricity prices over time, as well as similar measures for other key consumer price 
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indices. The top portion of the table shows the percentage change in electricity prices paid by customer class 
over various time periods. The middle section analyzes price changes for other coiisumer energy products, 
while the bottom part of the table presents core components of the Consumer Price Index (CPI). At any 
point in time prior to the beginning of this decade, the pace of growth in electricity prices lias been slower 
than that of other energy products and core components of the CPI. For example, between 1995 and 2005, 
rates for electricity increased by 17 percent, while the price of gasoline increased more than 95 percent and 
inflation for all items increased 28 percent. The 2000 to 2005 picture, however, shows electricity prices 
growing at a slightly greater rate than that of all itenis in the CPI. However, even in this period, other energy 
prices are growing much more rapidly than electricity prices. 

Table 9-1 
Comparison of Electricity Rate Trends and Consumer Prices (1960 to 2005) 

Average Rate of Electric Percent Change 
Service in the U.S. 1960-2005 1980-2005 1995-2005 2000-2005 

Residential Customers f?lkwb 262041 74% 12% 14% 
Commercial Customen Itkwh 262% 58% 13% 17% 
Industrial Customers Zkwh 406% 51% 20% 20Yo 
All Customers d k w h  349% 72% 17% 19% 

Average Prices of' Percent C b w e  
Consumer Energy Products 1960-2005 19S0-2005 1995-2005 2000.2005 

Gasoline %/gal 698% 100% 95% 51% 

Fuel oil S/gd 1503% 147% 155% 66% 
Natural gas $/themi 1124% 228% 109% 63% 

Idlation of Comunier 
Products and Services 

Perccnt Change 
1960-2005 1980-2005 1995-2005 2000-2005 

I-lousing 1982-84=100 N/A 141% 32% 15% 
Food md beverages 1982-84=100 N/A 121% 28% 14% 
Transportation 3982-84=100 484% 109% 25% 13% 
Medical Care 19S2-84-100 1349?? 332% 47% 24% 
All Items 1982-84=100 56Oo/a 137% 28% 13% 

Sources: EIA Annual Energy Review 2004, EIA Monthly Energy Review March 2006, 
and U.S Bureau of Labor Statistics. 

To see this more clearly, Figure 9-3 shows how nominal prices for electricity arid several other major goods 
have grown, using 1970 as a base year for an index. The figure shows that prices of medical care and natural 
gas both have risen inucli faster than either electricity or gasoline, and consistently faster than the rate of 
inflation. Like gasoline, electricity has at times risen faster or slower than the CPI. However, over the past 
15 years, electricity prices rose much less than the general rate of inflation. 
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Figure 9-3 
Comparison of Electricity and Other Consumer Price Trends (1970 to 2005) 

1,100 1 P 

1,000 

900 

800 $ 700 

E 600 4 500 

400 

3 00 

200 

100 

How Electricity Prices Increase 

Although changes in electricity prices in tlie United States have always reflected changes in underlying cost 
drivers to some extent, the mechanisms by which operating costs and investments in infrastructure enter into 
retail prices have beconie more complex and varied in the past decade. This is a result of regional and state 
differences in rate regulation, wholesale market organization, generation mix, and the individual 
characteristics of utilities themselves, such as their reliance on owned generation or purchased power to 
serve load. Tlie degree to which rising fuel costs translate into wholesale power cost increases also varies 
quite substantially in regions with different market organization and generation mixes. In short, there is no 
one price adjustment mechanism that applies universally to all regions, utilities, or their customers. 

This situation has created widespread confusion for both regulators and consuiners, as both tlie level and 
timing of rate increases vary substantially fiom region to region. In some areas of the country, customers are 
still protected by rate caps instituted during the 1990s and have seen little of tlie increased fuel or purchased 
power costs reflected in their bills. In otlier areas, rate caps recently have expired, and sharply increased fuel 
and purchased power costs have led to substantial price increases. In states where regulated retail utilities 
operate with fiiel adjustinent clauses (FACs) that translate rising fuel and purchased power costs into rates, 
customers have experienced increased rates and are bracing for more as the FACs are updated to reflect 
recent fuel cost increases. Despite tlie variation in experience, it is clear that tlie fundamental cost driver of 
increased fuel prices ultimately will increase electricity prices across tlie country, and that tlie character of 
tlie price increases will have a substantial impact on the ability of utilities to pursue needed investment 
priorities. 
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