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PLEASE STATE YOUR NAME AND BUSINESS ADDRESS. 

My name is Glenn A. Watkins. My business address is James Center 111, 1051 

East Cary Street, Suite 601, Richmond, VA 23219. 

BY WHOM ARE YOU EMPLOYED AND IN WHAT CAPACITY? 

I am a Principal and Senior Economist with Technical Associates, Inc., which is 

an economic and financial consulting firm with offices in Richmond, Virginia. 

ON WHOSE BEHALF ARE YOU TESTIFYING? 

I am testifying on behalf of the Office of Rate Intervention of the Kentucky Office 

of Attorney General ("OAG"). 

PLEASE DESCRIBE YOUR PROFESSIONAL QUALIFICATIONS. 

Except for a six-month period during 1987 in which I was employed by Old 

Dominion Electric Cooperative as its forecasting and rate economist, I have been 

employed by Technical Associates continuously since 1980. 

During my career at Technical Associates, I have conducted marginal and 

embedded cost of service, rate design, cost of capital, and load forecasting studies 

involving numerous electric, gas, waterlurastewater, and telephone utilities, and have 

provided expert testimony in Alabama, Arizona, Georgia, Kansas, Kentucky, Maine, 

Maryland, Massachusetts, Michigan, North Carolina, New Jersey, Ohio, Illinois, 

Pennsylvania, Vermont, Virginia, South Carolina, Washington, and West Virginia. I 

hold an M.B.A. and B.S. in economics from Virginia Commonwealth University. I am a 

member of several professional organizations as well as a Certified Rate of Return 

Analyst. A more complete description of my education and experience is provided in my 

Schedule GAW-1 to my testimony. 

WHAT IS THE PURPOSE OF YOUR TESTIMONY IN THIS PROCEEDING? 
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Technical Associates has been retained by the OAG to evaluate the 

reasonableness of Louisville Gas & Electric Company’s (“L,G&E“ or “Company”) 

proposed electric weather normalization adjustment, electric and natural gas class cost of 

service studies (CCOSS), proposed distribution of revenues by class, and residential 

electric and natural gas rate designs. The purpose of my testimony, therefore, is to 

comment on LG&E’s proposals on these issues and to present my findings and 

recommendations based on the results of the studies I have undertaken on behalf of the 

OAG. 

ELECTRIC WEATHER NORMALIZATION 

IS LG&E PROPOSING A WEATHER NORMALIZATION ADJUSTMENT FOR 

ITS ELECTRIC OPERATIONS IN THIS CASE? 

Yes. Consistent with LG&E’s last several rate increase applications, the 

Company is proposing a weather normalization adjustment for this case. 

HAS THIS COMMISSION EVER APPROVED AN ELECTRIC WEATHER 

NORMALIZATION ADJUSTMENT? 

To the best of my knowledge, this Commission has not approved an electric 

weather normalization adjustment. 

WHAT EFFECT DOES LG&E’S PROPOSED ELECTRIC WEATHER 

NORMALIZATION HAVE ON ITS REQUESTED INCREASE? 

In this particular rate case, LG&E’s proposed electric weather normalization has 

the effect of reducing its requested revenue increase. That is, as a result of Mr. Seelye’s 

proposed methodology and analysis, he concludes that actual test year sales and revenues 

were less than what would be expected under a more normal weather pattern. 

Specifically, Mr. Seelye’s proposed weather adjustment results in an increase to test year 

revenue of $5.751 million and an increase to variable expenses of $1.899 million. The 

net effect of Mr. Seelye’s weather adjustment is to increase test year operating income, 

before income taxes of $3.252 million. 
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Q. DO YOU AGREE WITH MR. SEELYE’S PROPOSED ELECTRIC WEATHER 

NORMALIZATION ADJUSTMENT? 

A. No. 

Q. PLEASE EXPLAIN. 

A. Although a portion of Residential and Commercial electricity usage is sensitive to 

temperature for heating and cooling, over the course of an entire year short term 

increased sales (due to colder than average temperatures in winter and warmer than 

average temperatures in summer) are generally offset by short-term weather conditions in 

the opposite direction. Furthermore, and unlike weather sensitive natural gas sales that 

are entirely weather dependent for heating load, electricity serves both heating and 

cooling (air conditioning) load. As such, even if a winter is somewhat milder than 

normal (and heating sales are less than expected), the following summers are often 

somewhat more severe than normal (and cooling sales are more than expected). Under 

these conditions, an electric utility’s energy sales are evened out over the course of an 

entire year. For this reason, many, if not most, state utility Commissions do not 

recognize weather normalization for ratemaking purposes. 

In this case, Mr. Seelye has developed a methodology that evaluates whether 

individual monthly sales are greater than or less than an outside band of weather 

normalcy. If an individual month’s expected heating degree days (HDD) or cooling 

degree days (CDD) fall outside of Mr. Seelye’s band of what would be expected under 

relatively normal weather conditions, that month’s sales are adjusted upward or 

downward. 

The flaw in Mr. Seelye’s logic is that each month’s analysis and determination of 

weather normalcy is independent and mutually exclusive of all other months within the 

same heating or cooling season. 

Mr. Seelye’s Exhibit 15 shows how his monthly sales adjustments are determined. 

Using Mr. Seelye’s definition of LG&E’s cooling season running from May 1 through 

October 3 1 as an example, we see that the month of May is evaluated to determine if that 

single month’s weather pattern was outside of a band of normal weather. In this instance, 

the weather in May 2009 was not deemed to be abnormally warm (outside the band of 
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normalcy), such that no adjustment was made to actual May sales. The same was true for 

June, August, and September 2009. However, Mr. Seelye determined that the month of 

July 2009 was cooler than normal (and outside of his normalcy band) so this month’s 

sales were adjusted upward. Although Mr. Seelye’s mutually exclusive analysis is 

conducted on a month by month basis, one could also apply the same logic on a weekly, 

daily, or even hourly basis. 

The flaw in using any of the sub-sets (partial periods) of an entire heating or 

cooling season is that while a short-term period may fall outside of Mr. Seelye’s weather 

normalcy band such as more severe weather than expected the remaining sub-sets (partial 

periods) within the same overall heating or cooling season may have been somewhat 

milder than average and hence not subject to adjustment. However, when these 

somewhat milder sub-sets (partial periods) are consolidated, we find that the entire 

heating or cooling season overall cannot be said to be abnormal. For example, consider 

the following hypothetical example: suppose July was abnormally cool and its weather 

pattern (CDD) fell outside of Mr. Seelye’s band of normalcy. Also assume that June, 

August, and September were just marginally warmer than average such that these 

month’s did not fall outside of the normalcy bands. Even though the total cooling degree 

days over the entire summer period (cooling season) were the same as the historical 

average (cooler July, yet somewhat warmer June, August and September), Mr. Seelye’s 

approach would result in a weather adjustment (an increase to sales) simply because one 

month of the entire season was beyond a range of normal weather. 

WHAT WAS THE ACTUAL COOLING SEASON EXPERIENCE DURING THE 

TEST YEAR? 

Mr. Seelye defines L,G&E’s cooling season as May through October. I disagree 

with the inclusion of May and October for reasons that I will explain later. For the test 

year months of June through September (2009), the 30-year average cooling degree days 

are 1,360. The standard deviation of this 30-year average, is 202. As such, using Mr. 

Seelye’s banding approach of defining a range of normal weather, a normal weather 

range is between 1,158 CDDs and 1,562 CDD. The actual cooling degree days during 

the June through September 2009 (test-year) period were 1,142 which is 16 CDD beyond 
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the “normal” band. As such, one may conclude that the test year cooling season was just 

slightly cooler (milder) than the range of expected normal weather. However, the above 

determination is only true by accepting the subjective banding definition of plus or minus 

one standard deviation from the thirty-year average. What this means is that about 68% 

of observations are expected to fall within the plus or minus one standard deviation and 

would be considered as the limits of normalcy. The remaining 32% would be considered 

“abnormal” under Mr. Seelye’s approach. Although there are no established parameters 

as to exactly what percentage should be considered to fall within an expected normal 

range, extremes are often defined as those that are expected to occur less than 5% of the 

time. This 5% level of significance is by statistical definition approximately plus or 

minus two standard deviations. As such, if the definition of normal weather is expanded 

from 68% (plus or minus one standard deviation) to 95% (plus or minus two standard 

deviations) we see that the test year experience falls well within the band of normalcy. 

It is not my intention to question whether one or two standard deviations are 

appropriate, but rather that Mr. Seelye’s pre-selected definition of one standard deviation 

results in the test year being considered just slightly beyond his range of normalcy. In 

my opinion, this minor difference is not reason for this Commission to alter its long 

standing practice of not considering weather adjustments for electric utilities. 

MW. SEELYE INCLUDED T E MONTHS OF MAY AND 

COOLING SEASON MONTHS. SHOULD THESE MONTHS BE INCLUDED AS 

“COOLING MONTHS”? 

No. These months are considered shoulder months. Days in May and October 

can be cool or fairly warm such that these months are comprised of heating degree days 

and cooling degree days. As such, heating and air conditioning loads are not predictable 

in May and October. To illustrate, consider Mr. Seelye’s Exhibit 15. On average, May 

has 72 HDDs throughout the month and 123 CDDs. Similarly, October is historically 

comprised of 221 HDDs and only 40 CDDs. Indeed, October tends to have significantly 

more heating load than air conditioning load. 

J 
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ELECTRIC CLASS COST OF SERVICE 

PLEASE EXPLAIN THE CONCEPT OF A CLASS COST OF SERVICE STUDY 

(“CCOSS”). 

First, I note that there are two general types of cost of service studies used for 

public utility ratemaking: marginal cost studies; and embedded, klly allocated cost 

studies. LG&E has utilized a traditional embedded cost of service concept in this case for 

purposes of establishing its overall retail revenue requirement, as well as for its class cost 

of service study (“CCOSS”). As such, I will limit my explanation to embedded class cost 

of service studies. 

Embedded cost of service studies are often referred to as hlly allocated cost 

studies. This is because the vast majority of an electric utility’s plant investment serves 

all customers, and the majority of expenses are incurred in a joint manner such that these 

costs cannot be specifically attributed to any individual customer or group of customers. 

To the extent that certain costs can be specifically attributable to a particular customer (or 

group of customers), these costs are often directly assigned in a CCOSS. However, the 

vast majority of LG&E’s Production, Transmission, and Distribution plant and expenses 

are incurred jointly to serve all (or most) customers. These joint costs are then allocated 

to rate classes. It is generally recognized that to the extent possible, joint costs should be 

allocated to classes based on the concept of cost causation; i.e., costs are allocated based 

on specific factors that cause costs to be incurred by the utility. Although cost analysts 

generally strive to abide by the concept of cost causation to the greatest extent practical, 

some costs (particularly overhead costs), cannot be attributed to specific exogenous 

factors and must be subjectively assigned or allocated to rate classes. With regards to 

those costs in which cost causation can be attributed, cost of service experts often 

disagree as to what is the most cost causative factor; e.g., peak demand, energy usage, 

number of customers, etc. 

PLEASE EXPLAIN HOW CCOSS RESULTS SHOULD BE USED IN THE 

RATEMAKING PROCESS. 
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Although there are certain principles used by all cost of service analysts, there are 

often significant disagreements on the specific factors that drive certain costs. These 

disagreements can and do arise as a result of the quality of data and level of detail 

available from financial records, as well as fundamental differences in opinions regarding 

the design or cost causation factors that should be considered to properly allocate costs to 

rate schedules or customer classes. Furthermore, and as mentioned earlier, cost causation 

factors cannot be realistically ascribed to some costs such that subjective decisions are 

required. In this regard, two different cost studies conducted for the same utility and 

time period can, and often do, yield different results. As such, regulators should consider 

CCOSS results as one of many tools in assigning revenue responsibility. 

PLEASE EXPLAIN HOW YOU PROCEEDED WITH YOUR ANALYSIS OF 

LG&E’S CCOSS. 

The process in which I conducted my analysis in this case was identical to how I 

evaluate all CCOSSs. First, I reviewed the structure and organization of the Company’s 

CCOSS sponsored by Mr. Seelye. Once the basic structure was understood, I reviewed 

the accuracy and completeness of the primary drivers (allocators) used to assign costs to 

rate schedules and classes. Next, I reviewed Mi-. Seelye’s selection of allocators to 

specific rate base, revenue and expense accounts. Finally, I adjusted certain aspects of 

the Company’s study to better reflect cost causation and cost incidence by rate schedule 

and customer class. 

DID YOU FIND THE COMPANY’S STUDY TO BE MATHEMATICALLY 

ACCURATE? 

Yes. Perhaps the most fundamental requirement of an embedded CCOSS is that 

the sum of the parts (classes) must equal the whole (system). This is true with respect to 

the allocation of financial accounts, as well as the various allocation factors. 

Furthermore, certain costs previously allocated are carried forward for other purposes 

such as for the development of composite or internal allocators and for the assignment of 

income taxes. In. all regards, I found Mr. Seelye’s CCOSS to be mathematically 

accurate. 
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A. 

Q. 

A. 

Q* 

A. 

DID YOUR EXAMINATION RESITLT IN ANY DISAGREEMENTS WITH THE 

ASSUMPTIONS OR METHODOLOGIES USED BY MR. SEELYE? 

Yes. Although I have two material disagreements with Mr. Seelye’s CCOSS, my 

ultimate findings are not significantly different fkom Mr. Seelye’s, with the possible 

exception of the lighting classes. 

PLEASE PROVIDE A SUMMARY OF MR. SEELYE’S AND YOUR CCOSS 

FINDINGS. 

The following is a summary comparison of Mr. Seelye’s and my class rates of 

return at current rates: 

Class ROR At Current Rates 
Seelye Watkins ---- Class - ~ .  

Residential 
General Service 
PS-Primary 
P S- Secondary 
CTOD-Primary 
CTOD-Secondary 
ITOD-Primary 
ITOD-Secondary 
RTS-Transmission 
Sp. Contract-Ft. Knox 
Sp. Contract-Water Companies 
Lighting-RLS & LS 
Lighting-LE 
Lighting-Traffic 

Total Company 

3.19% 
9.12% 
4.86% 
6.62% 
4.47% 
4.42% 
3.31% 
5.27% 
2.91% 

-0.16% 
-0.34% 
8.88% 
3.38% 
4.25% 
4.77% 

4.01% 
9.89% 
4.01% 
6.06% 
2.67% 
3.57% 
1.69% 
3.90% 
1.47% 

-0.48% 
-1.44% 
7.43% 

-2.72% 
-0.21% 
4.77% 

PLEASE OUTLINE THE TWO MATERIAL DISAGREEMENTS YOU HAVE 

WITH MR. SEELYE’S CCOSS. 

The two substantial disagreements that I have with Mr. Seelye are his “Modified 

Base-Intermediate-Peak” method used to allocate generation costs and his classification 

of distribution facilities between customer-related and demand-related portions. 
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YOU INDICATE THAT ONE OF YOUR DISAGREEMENTS WITH MR. 

SEELYE IS HIS USE OF WHAT HE REFERS TO AS A MODIFIED BASE- 

INTERMEDIATE-PEAK METHOD TO ALLOCATE GENERATION COSTS. 

ARF: THERE OTHER METHODOLOGIES WHICH MAY BE USED TO 

ALLOCATE GENERATION- RELATED PLANT AND EXPENSES? 

Yes. There are several demand allocation methods utilized in the electric 

industry. The current National Association of Regulatory Utility Commissioners 

("NARUC") Electric Utility Cost Allocation Manual discusses at least thirteen embedded 

demand allocation methods, while Dr. James Bonbright noted the existence of at least 29 

demand allocation methods in his treatise, Principles of Public Utilities Rates. 

WHY DO SO MANY GENERATION ALLOCATION METHODS EXIST FOR 

THE ELECTRIC INDUSTRY? 

Utilities design and build generation facilities to meet the energy and demand 

requirements of their customers on a collective basis. Because of this, and the physical 

laws of electricity, it is impossible to determine which customers are being served by 

which facilities. As such, production facilities are joint costs; i.e., used by all customers. 

Because of this commonality, production-related costs are not directly known for any 

customer or customer group and must somehow be allocated. 

If all customer classes used electricity at a constant rate throughout the year, there 

would be no disagreement as to the proper assignment of generation-related costs: all 

analysts would agree that energy usage in terms of kWh would be the proper approach to 

reflect cost causation and cost incidence. However, such is not the case in that LG&E 

experiences periods (hours) of much higher demand during certain times of the year and 

across various hours of the day. Moreover, all customer classes do not contribute in 

equal proportions to these varying demands placed on the generation system. To 

complicate matters, the electric utility industry is somewhat unique in that there is a 

distinct energy/capacity trade-off relating to generation costs. That is, utilities design 

their mix of production facilities (generation and power supply) to minimize the total 
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costs of energy and capacity, while also ensuring there is enough available capacity to 

meet peak demands. The trade-off occurs between the level of fixed investment per unit 

of capacity (KW) and the variable cost of producing a unit of output (kwh). Coal and 

nuclear units require high capital expenditures resulting in large investments per KW, 

whereas smaller units with higher variable production costs generally require 

significantly less investment per KW. Due to varying levels of demand placed on the 

system over the course of each day, month, and year there is a unique optimal mix of 

production facilities for each utility that minimizes the total cost of capacity and energy; 

i.e., its cost of service. 

Therefore, as a result of the energy/capacity cost trade-off, and the fact that the 

service requirements of each utility are unique, many different allocation methodologies 

have evolved in an attempt to equitably allocate joint production costs to individual 

classes. 

PLEASE EXPLAIN. 

Total production costs vary each hour of the year. Theoretically, energy and 

capacity costs should be allocated to classes each and every hour of the year. This would 

result in 8,760 hourly allocations during non-leap years. Although such an analysis is 

certainly possible with today’s technology, the time and cost necessary for such an 

undertaking would likely exceed the additional benefits obtained over simpler methods. 

This is because the analyst does not know precise class loads each and every hour, and 

subjective decisions must still be made regarding the assignment of fixed investment 

(capacity costs) to individual hours. With this practical constraint in mind, each method 

has its strengths and weaknesses regarding its reasonableness in reflecting cost causation 

as well as the cost and effort required to produce a study. 

BRIEFLY DISCUSS THE STRENGTHS AND WEAKNESSES OF COMMON 

PRODUCTION COST ALLOCATION METHODOLOGIES. 

A brief description of the most common fully allocated cost methodologies and 

attendant strengths and weaknesses are as follows: 
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Sin& Coincident Peak Pl-CP") -- The basic concept underlying the 1-CP 

method is that an electric utility must have enough capacity available to meet its 

customers' peak coincident demand. As such, advocates of the 1-CP method reason that 

customers (or classes) should be responsible for fixed capacity costs based on their 

respective contributions to this peak system load. The major advantages to the 1-CP 

method are that the concepts are easy to understand, the analyses required to conduct a 

CCOSS are relatively simple, and the data requirements are significantly less than some 

of the more complex methods. 

The I-CP method has several shortcomings, however. First, and foremost, is the 

fact that the 1-CP method totally ignores the capacity/energy trade-off inherent in the 

electric utility industry. That is, the sole criterion for assigning one hundred percent of 

fixed capacity costs is the classes' relative contributions to load during a single hour of 

the year. This method does not consider, in any way, the extent to which customers use 

these facilities during the other 8,759 hours of the year. This may have severe 

consequences because a utility's planning decisions regarding the amount and type of 

generation capacity to build and install is predicated not only on the maximum system 

load, but also on how customers demand electricity throughout the year, i.e., load 

duration. To illustrate, if a utility had a peak load of 15,000 M W  and its actual optimal 

generation mix included an assortment of nuclear, coal, hydro, combined cycle and 

combustion turbine units, the total cost of capacity is significantly higher than if the 

utility only had to consider meeting 15,000 IvlW for 1 hour of the year. This is because 

the utility would install the cheapest type of plant, (Le., peaker units) if it only had to 

consider one hour a year. 

There are two other major shortcomings of the 1-CP method. First, the results 

produced with this method can be unstable from year to year. This is because the hour in 

which a utility peaks annually is largely a function of weather. Therefore, annual peak 

load depends on when severe weather occurs. If this occurs on a weekend or holiday, 

relative class contributions to the peak load will likely be significantly different than if 

the peak occurred during a weekday. The other major shortcoming of the 1 -CP method is 

often referred to as the ''free ride" problem. This problem can easily be seen with a 

summer peaking utility that peaks about 5:00 p.m. Because street lights are not on at this 
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time of day, this class will not be assigned any capacity costs at all and enjoy a fiee ride 

on the assignment of generation costs that this class requires. 

Summer and Winter Coincident Peak (“SW Peak”) -- The S N  Peak method 

was developed because some utilities’ annual peak load occurs in the summer during 

some years and in the winter during others. Because customers’ usage and load 

characteristics may vary by season, the S/W Peak attempts to recognize this 

characteristic. This method is essentially the same as the 1-CP method except that two 
hours of load are considered instead of one. This method has essentially the same 

strengths and weaknesses as the 1-CP method, and in my opinion, is only marginally 

more reasonable than the 1 -CP method. 

Twelve Monthlv Coincident Peak (“12-CP”) -- Arithmetically, the 12-CP 

method is essentially the same as the I-CP method except that class contributions to each 

monthly peak are considered. Although the 12-CP method bears little resemblance to 

how utilities design and build their systems, the results produced by this method better 

reflect the cost incidence of a utility’s generation facilities. 

Most electric utilities have distinct seasonal load patterns such that there are high 

system peaks during the winter and summer months, and significantly lower system 

peaks during the spring and autumn months. By assigning class responsibilities based on 

their respective contributions throughout the year, consideration is given to the fact that 

utilities will call on all of their resources during the highest peaks, and only use their 

most efficient plants during lower peak periods. Therefore, the capacity/energy trade-off 

is implicitly considered to a small extent under this method. 

The major shortcoming of the 12-CP method is that accurate load data is required 

by class throughout the year. This generally requires a utility to maintain on-going load 

studies. However, once a system to record class load data is in place, the administration 

and maintenance of such a system is not overly cumbersome for larger utilities. 

Peak and Average (‘‘P&A’’) -- The various P&A methodologies rest on the 

premise that a utility’s actual generation facilities are placed into service to meet peak 

load and serve consumers demands throughout the entire year. Hence, the P&A method 

assigns capacity costs partially on the basis of contributions to peak load and partially on 

the basis of consumption throughout the year. Although there is not universal agreement 
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on how peak demands should be measured or how the weighting between Peak and 

Average demands should be performed, many P&A studies use class contributions to 

coincident-peak demand for the "peak" portion, while some studies weight the Peak and 

Average loads based on the system coincident load factor and others give equal weight to 

energy usage and peak demand. 

The major strengths of the P&A method are that an attempt is made to recognize 

the capacity/energy trade-off in the assignment of fixed capacity costs, and that data 

requirements are minimal. 

Although the recognition of the capacity/energy trade-off is admittedly arbitrary 

under the P&A method, most other allocation methods also suffer to some degree of 

arbitrariness. 

Averaee and Excess ("A&E") -- The A&E method also considers both peak 

demands and energy consumption throughout the year. However, the A&E method is 

much different than the P&A method in both concept and application. The A&E method 

recognizes class load diversity within a system, such that all classes do not call on the 

utility's resources to the same degree, at the same times. Mechanically, the A&E method 

weights average and excess demands based on system coincident load factor. Individual 

class "excess" demands represent the difference between the class non-coincident peak 

demand and its average annual demand. The classes' "excess" demands are then summed 

to determine the system excess demand. Under this method, it is important to distinguish 

between coincident and non-coincident demands. This is because if coincident, instead 

of non-coincident, demands are used when calculating class excesses, the end result will 

be exactly the same as that achieved under 1 -CP method. 

Although the A&E method bears virtually no resemblance to how generation 

systems are designed, this method can produce fair and reasonable results for many 

utilities. This is because no class will receive a free-ride under this method, and because 

recognition is given to average consumption as well as to the additional costs imposed by 

not maintaining a perfectly constant load. 

A potential shortcoming of this method is that customers that only use power 

during off-peak periods will be overburdened with costs. Under the A&E method, off- 

peak customers will be assigned a higher percentage of capacity costs because their non- 
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coincident load factor may be very low even though they call on the utility’s resources 

only during less costly off-peak periods. 

Equivalent Peaker (“EP”) -- The EP method combines certain aspects of 

traditional embedded cost methods with those used in forward-looking marginal cost 

studies. The EP method often relies on planning information in order to classify 

individual generating units as energy- or demand-related and considers the need for a mix 

of base load intermediate and peaking generation resources. 

The EP method has substantial intuitive appeal in that base load units that operate 

with high capacity factors are allocated largely on the basis of energy consumption with 

costs shared by all classes based on their usage, while peaking units that are seldom used 

and only called upon during peak load periods are allocated based on peak demands to 

those classes contributing to the system peak load. However, this method requires a 

significant amount of data. 

Base-Intermediate-Peak (“BIP”) -- The BIP method is an accepted allocation 

approach that attempts to recognize the capacity/energy trade-off that actually exists 

within a utility’s portfolio of generation assets. A utility’s base load units tend to run 

during all (or most) periods of the year; i.e., both peak load periods as well as to satisfy 

energy requirements in the most efficient manner possible during minimum demand 

periods (e.g., during the middle of the night). Because base load units operate regardless 

of peak requirements, they are most appropriately classified as energy-related. At the 

opposite end of the spectrum are peaking units, such as combustion turbines. These units 

operate with high variable costs and are only utilized to help meet peak period demands. 

As such, peakers are classified as peak demand-related. Intermediate plants (e.g., many 

combined cycle units) are not as efficient as large base load plants but more efficient than 

peaking units. For this reason, Intermediate plants are not called upon (dispatched) 

during periods of minimum (base) load but are dispatched before, and more frequently, 

than peaker units. Therefore, Intermediate plants can be said to serve a dual purpose: 

partially energy-related and partially demand-related. Intermediate plants are typically 

classified as partially energy-related and partially demand-related based on their 

14 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

29 

Q. 

A. 

Q. 

A. 

respective capacity or availability factors.’ In my opinion, the BIP method is an excellent 

cost allocation approach for many utilities as it captures the actual differences in the 

capacity/energy trade-off that exist across a utility’s generation mix. The BIP method 

may not be appropriate for utilities that purchase the majority of their energy needs or for 

utilities with an inefficient mix of generating resources. 

MR. WATKINS, YOU HAVE DISCUSSED THE STRENGTHS AND 

WEAKNESSES OF THE MORE COMMON GENERATION ALLOCATION 

METHODOLOGIES. ARE ANY OF THESE METHODS CLEARLY INFERIOR 

IN YOUR VIEW? 

Yes. In my opinion the 1-CP and seasonal CP (such as 4-CP) methods do not 

reasonably reflect cost causation for integrated electric utilities because these methods 

totally ignore the utilization of a utility’s facilities. Perhaps the simplest way to explain 

this is to consider that the methodology selected is used to allocate Generation plant 

investment. Generation investment costs vary from a low of a few hundred dollars per 

KW of capacity for high running cost (energy cost) peakers to several thousand dollars 

per KW for base load nuclear facilities with low running costs. If a utility were only 

concerned with being able to meet peak load with no regard to running costs, it would 

simply install inexpensive peakers. Under such an unrealistic system design, plant costs 

would be much lower than in reality but running costs; i.e., variable fuel costs would be 

astronomical, and would result in a higher overall cost to serve customers. The 1-CP and 

seasonal CP methods totally ignore this very important fact. 

MR. SEELYE HAS USED WHAT HE REFERS TO AS A MODIFIED RIP 

METHOD TO ALLOCATE GENERATION COSTS. DID HE CALCULATE THE 

RIP METHOD IN A REASONABLE MANNER? 

Mr. Seelye’s Modified BIP method does not follow the generally accepted BIP 

approach, and in fact, I have never seen Mr. Seelye’s method used in any other cases or 

utilities. However, I would be reluctant to say his approach is totally unreasonable. 

Capacity factor is the ratio of average utilization (output) over a year to peak hour output. Availability 
factor is the ratio of average utilization during periods when a unit is available for dispatch @e., excludes outages) to 
peak hour output. 

I 
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Whereas Mr. Seelye’s Modified RIP method does allocate a portion of generation 

facilities based on energy (34.89%) and a portion on peak demands (65.1 l%), his 

approach does not reflect the actual mix of supply resources utilized by LG&E. At this 

point, it should be noted that LG&E’s and Kentucky Utilities’ (“KU”) generation 

resources are centrally dispatched. Both Mr. Seelye and I have recognized this combined 

central dispatch in our allocation studies. When I refer to LG&E’s actual generation 

resources, I am referring to the joint resources of L,G&E and KTJ and not the individual 

legal ownership of these plants for booking purposes. 

The traditional RIP method is a supply-based approach that classifies generation 

plant between energy-related and demand-related; i.e., it considers the actual supply 

characteristics of a utility’s generation portfolio. These supply based classifications are 

then allocated to classes based on demand-side criteria (kWh usage and KW peak 

demand). 

Mr. Seelye’s approach ignores the actual supply-side characteristics of EON’s 

generation portfolio because it only considers relative differences in system usages and 

demands. In fact, given EON’s retail customers combined usage and demand profiles, 

Mr. Seelye’s approach would classify a utility’s generation investment exactly the same 

regardless of its actual portfolio mix of plants. Mr. Seelye’s classification would be 

identical if EON’s portfolio mix was comprised entirely of base load units or entirely of 

peaking units. In my opinion, this assumption (or result) is not consistent with the intent 

of the BIP method. Namely, to recognize the capacity/energy tradeoff actually present in 

a system. 

PLEASE EXPLAIN THE ACTUAL COMPOSITION OF EON’S GENERATION 

RESOURCES. 

With the addition of Trimble County Unit #2, EON’s generation capacity will be 

about 9,600 MW. The following is a summary of this generation portfolio by Fuel Type: 
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MW % Of 
Total - Fuel Capacity I__ 

Coal 6,998 73% 
GasIOil 2,499 26% 

1 Yo Hydro 113 
Total 9,610 100% 

-_____- - - . ~  

As can be seen above, about 73% of EON’s generation comes f?om very low cost coal 

plants. Furthermore, the combined LG&E and KU peak native load is about 6,550 MW, 

which is lower than the capacity of EON’s coal plants. This is especially relevant for 

cost allocation purposes since EON’s coal plants tend to be base load plants in nature. 

That is, they operate with low variable operating expenses per unit (KWH) and have very 

high availability factors in the 80% to 90% range. This actual mix of generation assets is 

dissimilar to most electric utilities in the United States which rely on a much higher 

percentage of intermediate (high variable cost) plants primarily utilizing natural gas for 

fuel. Indeed, Kentucky ratepayers and shareholders alike are very fortunate to have an 

abundance of low cost electric energy resources. 

DOES MR. SEELYE’S COST ALLOCATION METHODOLOGY REFLECT THE 

FACT THAT EON’S GENERATION PORTFOLIO IS COMPRISED 

PRIMARILY OF BASE LOAD UNITS? 

No. 

PLEASE EXPLAIN HOW YOU CONDUCTED YOUR TRADITIONAL RIP 

METHOD. 

During the discovery phase of this proceeding, LG&E provided the order of 

economic dispatch for each of its generation units? With this information, along with 

generating plant information provided in EON’s 2008 Integrated Resource Plan (“IRP”), 

such as fuel type, nameplate capacity (MW), annual KWH generation, capacity factors, 

and availability factors, I was able to separate each generation unit into Base, 

Economic Order of dispatch is based on variable running costs. That is, the unit with the lowest running 
costs (primarily fuel) per unit of KWH output is dispatched fust, followed by the next least expensive generation 
facility, and so forth. 

2 
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Intermediate, Peak, or Hydro. Base load units are classified as 100% energy-related as 

they are designed and utilized to meet energy requirements throughout the year; i.e., they 

are low-cost units that serve energy needs and are not installed to meet short time period 

peak load requirements. Conversely, peak load (peaker) units are classified as 100% 

demand-related because of their high cost of output; i.e., they are dispatched and utilized 

only to meet peak load requirements. Intermediate plants operate at higher variable costs 

per unit than base load units yet are considerably less costly to operate than peak units, 

and are dispatched during periods of Intermediate demand (higher than base load but 

lower than peak period loads). I have followed the industry practice of classifylng these 

units between energy and peak demand based on each facility’s capacity factor. Finally, I 

have classified EON’S Hydro facilities as 100% energy-related as they are run of the river 

or flood control facilities and have little or no ability to reliably meet peaking 

requirements . 
The results of my BIP generation classification is presented in my Schedule 

GAW-2. My BIP generation classification study results in the following aggregate 

generation classification: 

Energy-related: 82.12% 

Demand-related: 17.88% 

IN HIS REBUTTAL TO YOUR CCOSS FINDINGS LG&E’S 2008 

CASE (CASE NO. 2008-000252), MR. SEELYE INDICATED THAT HE COULD 

NOT RECALL EVER SEEING COST OF SERVICE STUDIES THAT 

ALLOCATE SUCH A LARGE PERCENTAGE (82%) OF PRODUCTION AND 

TRANSMISSION CAPACITY COSTS ON THE BASIS OF ENERGY. ARE YOU 

AWARE OF OTHER UTILITY STUDIES WITH SIMILARLY HIGH 

PRODUCTION AND TRANSMISSION PLANT ENERGY CLASSIFICATIONS? 

Yes. Electric energy produced in the Pacific Northwest is comprised of a high 

percentage of base load hydro generation (primarily from the Columbia River System) as 

well as significant contributions from very large coal facilities in Western Montana 

(Colstrip, MT). As a result of this disproportionate mix of base load generation, all of the 

major investor-owned utilities in this region classify the vast majority of generation and 
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transmission rate base (capacity costs) as energy-related. In its 2009 rate case, Puget 

Sound Energy sponsored class cost of service study classified its generation and 

transmission assets as 79% energy and 21% demand. Avista’s developed 2009 study 

classified generation assets as 76% energy-related, and PacifiCorp’s 2009 CCOSS 

classified generation rate base as 88% energy-related? 

HOW DO THESE LOW ENERGY COST ELECTRIC UTILITIES IN THE 

PACIFIC NORTHWEST RELATE TO THE COAL DOMINATED 

GENERATION MIX OF EON? 

What is important to understand is that neither the Pacific Northwest utilities nor 

EON are “typical” U.S. utilities in terns of generation mix. Ratepayers and shareholders 

are fortunate to reap the benefit of low energy cost generation for each of these utilities. 

All ratepayers benefit from the low cost energy produced from their respective base load 

dominated utility. In turn, all ratepayers should share in the costs required to provide this 

low cost energy in a proportionate and fair manner. Remembering that base load units 

have a much higher capacity cost per KW than less efficient peaker units, all ratepayers 

should proportionately share in the fixed costs associated with those base load units that 

make low cost energy possible. In other words, it is not reflective of cost causation nor is 

it fair for all customers to reap the benefits of low variable cost output (energy KWH) yet 

ask certain groups of customers to pay a disproportionate share of the fixed capacity costs 

that make this low cost energy possible. In my opinion, and as evidenced from the actual 

cost structure of EON’S generation facilities, Mr. Seelye’s 35% energy classification does 

not adequately reflect cost causation nor reasonably assign costs to classes proportionate 

to the benefits received. 

WHAT ARE THE CLASS RATES OF RETURN ON RATE BASE AT CURRENT 

RATES UTILIZING YOUR TRADITIONAL BIP METHOD TO CLASSIFY 

GENERATION PLANT? 

Puget Sound Energy, Washington Utilities and Transportation Commission (“WUTC”) Docket No. IJE- 3 

090704; Avista, WUTC Docket No. UE-090 134; and, PacifiCorp, WUTC Docket No. UE-090205. 
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A. Individual class rates of return utilizing the traditional BIP classification method, 

compared to Mr. Seelye’s Modified BIP are presented below. It should be noted that the 2 
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following OAG results only reflect adjustments to generation and production costs, they 

do not reflect my other CCOSS adjustments that I will also explain in my testimony: 

OAG Seelye 

BIP BIP 
Class Traditional Modified 

I_______. 

Residential 
General Service 
PS-Primary 
P S-S econdary 
CTOD-Primary 
CTOD-Secondary 
ITOD-Primary 
ITOD-Secondary 
RTS-Transmission 
Sp. Contract-Ft. Knox 
Sp. Contract-Water Companies 
Lighting-RLS & LS 
Lighting-L,E 
Lighting-Traffic 

Total Company 

3.66% 
10.09% 
4.38% 

-6.5 0% 
3 .OO% 

-3.94% 
- 1.97% 
-4.32% 
1.47% 

-0.24% 
- 1.23% 
7.10% 

-2.50% 
-0.27% 
4.77% 

3.19% 
9.12% 
4.86% 
6.62% 
4.47% 
4.42% 
3.31% 
5.27% 
2.9 1 yo 

-0.16% 
-0.34% 
8.88% 
3.38% 
4.25% 
4.77% 

B. Distribution 

AS WE MOVE DOWNSTREAM FROM GENERATION THROUGH 

TRANSMISSION TO THE DISTRIBUTION SYSTEM, HOW HAS MR. SEELYE 

ASSIGNED DISTRIBUTION COSTS TO RATE SCHEDULES AND CUSTOMER 

CLASSES? 

Mr. Seelye has allocated Distribution plant and expenses partially on the basis of 

number of customers and partially on the basis of peak demand. I concur with Mr. 

Seelye’s selection of customer and demand allocators for Distribution plant. However, 

there is often controversy regarding the portion of Distribution plant that should be 

allocated on number of customers and the portion that should be allocated on demand. 

This separation between customer-related and demand-related Distribution plant is 

referred to as the classification of Distribution plant. 
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Q. PLEASE EXPLAIN THE TERM "CLASSIFICATION OF DISTRIBUTION 

PLANT." 

A. In the broadest sense, an embedded CCOSS is undertaken using a three-tiered 

approach. First, costs are functionalized as Production, Transmission, Distribution, 

General, and/or customer. These fimctionalized costs are then classified as energy, 

demand, or customer-related. Finally, classified costs are then allocated to individual 

classes. With respect to the classification of Distribution plant, it is generally recognized 

that there are no energy-related costs. That is, the distribution system is designed to meet 

localized peak demands. However, largely as a result of differences in customer densities 

throughout a utility's service area, electric utility Distribution plant often is classified as 

partially demand-related and partially customer-related. 

Q. WHY IS THE CLASSIFICATION OF DISTRIBUTION PLANT IMPORTANT IN 

CCOSS ANALYSES? 

A. The classification of Distribution plant may be the single most important factor 

affecting class rates of return. To illustrate the importance of this issue, consider the 

Residential class: whereas this class may account for only 40% to 50% of peak demand, 

it is responsible for a much higher percentage of the number of customers. Therefore, 

given the level of investment associated with Distribution plant, wide variations in class 

rates of return can result fiom different customer/demand classifications. 

Q. WHY ARE THE DIFFERENCES IN CUSTOMER DENSITIES IMPORTANT IN 

THE ASSIGNMENT OF DISTRIBUTION COSTS TO INDIVIDUAL, CLASSES? 

A. Possibly the best way to answer this question is by way of example. Consider two 

different electric utilities: one similar to LG&E with urban, suburban, and rural service 

areas and one similar to Consolidated Edison Company, which is mainly urban. With 

respect to the utility with a rural service area, many miles of conductors and associated 

plant must be installed in order to serve the demands of relatively few customers. 

Conversely, many more customers are served on a per mile basis for the urban utility. 

For the urban utility, it may be fair and reasonable to allocate Distribution plant solely on 

the basis of peak demands. However, with respect to the utility with a rural service area, 
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such an allocation may be unfair if some classes are located mainly in urban or suburban 

areas, while other classes of customers are located in urban, suburban, and rural areas. 

As a result, many utilities classify Distribution plant as partially demand- related and 

partially customer-related. In this manner, a portion of Distribution plant is allocated 

based on a peak demand, and a portion allocated based on number of customers. 

HOW DOES ONE DETERMINE HOW MUCH DISTRIBUTION PLANT 

SHOULD BE CLASSIFIED AS DEMAND-RELATED AND HOW MUCH AS 

CUSTOMER-RELATED? 

Once the decision is made that Distribution plant should be allocated considering 

both peak demand and number of customers, there are two generally accepted methods 

for determining the portions or percentages that should be allocated on each basis. These 

two methods are known as the minimum size and zero-intercept approaches. Under both 

methods, a study is conducted for each major plant account within the distribution 

system. That is, each account is studied and assigned its own customer and demand 

components. 

The minimum size method rests on the premise that the minimum, or smallest 

size, installed equipment makes up the distribution network to connect customers to the 

distribution system, and that all larger sizes of equipment serve peak demands. In 

practice, the cost per unit of the smallest sized installed equipment is determined. This 

minimum cost per unit is then multiplied by the total number units in the system to arrive 

at a total customer amount. The total customer amount is then divided by the total cost 

for the account to determine the customer percentage. As the compliment, one minus the 

customer percentage equals the demand percentage. 

The zero-intercept method is similar to the minimum size method, except for the 

determination of the minimum cost per unit. The zero-intercept method recognizes that 

even the smallest installed piece of equipment has a demand component, because it too is 

designed and installed to meet the peak load placed on that equipment. The zero- 

intercept method attempts to arrive at the "theoretical" cost of a piece of plant or 

equipment capable of carrying zero load. This is accomplished using statistical 

regression techniques whereby the per unit costs of various sizes of equipment are 
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determined and a best fitting line is fitted into an equation form. The point at which the 

fitted line intersects the cost axis at zero size is called the zero-intercept. The zero- 

intercept cost then serves as the minimum, or zero size, cost per unit. 

IS ONE METHOD PREFERRED OVER THE OTHER? 

In general, I prefer to use the zero-intercept method when possible and 

appropriate. However, as with most aspects of ratemaking where there is not a 

universally accepted formula, each approach has its advantages and disadvantages. The 

major criticisms I have regarding the minimum size method is that this method tends to 

overstate the customer percentage because even the smallest installed size is used to meet 

some level of peak demand. The primary weaknesses of the zero-intercept method are 

that more data and a good working knowledge of statistical linear regression analyses are 

required, and sometimes there is no strong correlation between costs and sizes (capacity) 

of distribution equipment. 

HOW APPROPRIATE IS EITHER METHOD FROM A DESIGN OR 

OPERATIONAL PERSPECTIVE? 

First and foremost, the classification of Distribution plant as partially customer- 

related and partially demand-related results from the view that the allocation of these 

plant items based solely on peak demands would not be equitable to some classes. I 

emphasize this point, because many analysts "lose sight of the forest for the trees". When 

classifyrng individual accounts within Distribution plant, analysts sometimes ignore how 

a distribution system is actually designed and constructed. 

There are three major factors the analyst should keep in mind when classifyrng 

Distribution plant. First, there are often alternatives across plant and equipment. For 

example, the need for a particular transformer may be erased if a larger size conductor is 

used. Alternatively, fewer and smaller poles may be required if lighter conductors are 

used. Second, and more importantly, is the fact that purchasing economies are usually 

present. For example, there are dozens of various types of overhead conductors 

manufactured. However, due to purchasing economies, a utility may only purchase a few 

different sizes of conductor. This may result in some "over capacity", yet, the total 
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installed cost is less than if every segment of the system is optimally designed. Third, 

most components of the distribution system are somewhat oversized for other reasons 

such as safety, reliability, current looping and growth uncertainty. 

Although, these three factors are reflective of how distribution systems are 

actually designed and installed, neither the minimum size nor the zero-intercept method 

account for these factors. In fact, the presence of these three factors can seriously skew 

the results of either method. If the weakness is not captured or recognized, inequitable 

class allocations may result. 

HOW DID MR. SEELYE CLASSIFY DISTRIBUTION PLANT BETWEEN 

CUSTOMER-RELATED AND DEMAND-RELATED COMPONENTS? 

My Seelye claims to have conducted a zero-intercept analysis to develop 

customer/demand classifications for distribution Overhead lines, underground lines, and 

transformers. I take exception to Mr. Seelye’s reference to his proposed classifications as 

a “zero-intercept” derived study, and I disagree with his approach. 

PLEASE EXPLAIN HOW AN INDUSTRY ACCEPTED ZERO-INTERCEPT 

STUDY IS CONDUCTED. 

Under accepted industry practices, which are well documented in various cost 

allocation manuals: the zero-intercept method is very straight-forward. First, various 

types of equipment are separated by capacity size and type. Next, historical accounting 

costs are trended by vintage year to reflect cost differences over time. For each size and 

type of equipment, the total dollars and total units (feet or number of units) are 

considered as well as the capacity (size) of each type of equipment. Because the overall 

objective is to estimate the cost of a “zero-size” piece of equipment, total costs are 

divided by total units (feet or unit) for each type of equipment to derive an average cost 

per foot or per unit. A regression model is then developed based on the following general 

form: 

costhnit = a + b (size) 

See for example the National Association of Regulatory Utility Commissions (‘NARUC”) Electric Utility 4 

Cost Allocation Manual, 1992, pages 92 through 94. 
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The resulting intercept (a) produces the estimated cost per unit of a “zero-size” piece of 

equipment. This estimated zero-size cost per unit is then multiplied by the total units in 

the system to estimate a zero-size total cost. The ratio of total zero size costs to trended 

total actual costs represents the percentage of zero-size equipment and serves as the 

customer percentage. 

The above industry standard is in stark contrast to Mr. Seelye’s method presented 

in his Seelye Exhibits 25, 26, and 27. Mr. Seelye refers to his approach as a “weighted 

regression analysis.” Although this “weighted regression analysis” is a clever arithmetic 

exercise, it violates theoretical statistical principles of linear regression and skews his 

results. Moreover, on page 91 of his direct testimony, Mr. Seelye states: 

“Like most electric utilities, the feet of conductors and number of 
transformers on LG&E’s system is not uniformly distributed over all sizes 
of wire and transformer. For this reason, it was necessary to use a 
weighted regression analysis, instead of a standard least-squares analysis, 
in the determination of the zero intercept.” 

It is interesting that Mr. Seelye finds LG&E’s system to be typical of other utilities, yet, 

his approach varies dramatically from the industry practice that has been used by 

countless utilities, commissions, and analysts for decades. 

To understand the bias in Mr. Seelye’s “weighted regression analysis,” we must 

fully understand the mathematical model he derives. Using Overhead Conductors as an 

example, consider Mr. Seelye’s analysis presented in his Exhibit 25. Although not shown 

in his exhibit, Mr. Seelye’s equation for Overhead Conductors is: 

(cost per foot x = 0 1- 0.75697(feeto.5) + 0.00366(size x 

Notice that the equation’s true intercept is forced to zero. However, if capacity is set to 

zero, the second term [0.00366(size x becomes zero. If we then ask what is the 

cost for a foot of a zero size conductor we see that feet 1 ’ = 1, such that the cost for 

one foot becomes $0.75697. This is the zero-intercept used by Mr. Seelye. 

0.5= 0 5  

To illustrate the bias in Mr. Seelye’s analysis, consider the following hypothetical 

example of his approach for a system “not uniformly distributed over all sizes of wire”: 

J 
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cost 
Total Per 

- cost Foot (Y) - Capacity (x) Feet (n) y(no - x(nO 5, 

$350.00 3.50 2.00 100 35 10.00 20.00 
250.00 5.00 4.00 50 35.355339 7.07 28.28 

62,500.00 6.25 6.00 10,000 625 100.00 600.00 
164.00 8.20 8.00 20 36.671515 4.47 35.78 
$99.50 9.95 10.00 10 3 1.464663 3.16 3 1.62 

Under the correct, and accepted zero-intercept method, the following regression equation 

results : 

costlfeet = 1.75 + 0.80S(size) 

Therefore, a zero-size cost is estimated to be $1.75 per foot. Using the same data, the 

following equation is produced using Mr. Seelye’s approach: 

cost per foot x feeto5= 0 + 1 .9815(feet0.5) + 0.7120(size x 

Mr. Seelye’s approach results in a zero cost per foot of $1.9815 as compared to the 

industry accepted cost per foot of $1.75. 

Q. WHAT ARE THE RESULTS OF MR. SEELYE’S CLASSIFICATION OF 

DISTRIBUTION PLANT? 

A. Mr. Seelye classifies distribution plant as follows: 

Percent age 
Account - Customer Demand 

Overhead Conductors 54.45% 45.55% 
Underground Conductors 30.81% 69.19% 
Line Transformers 45.67% 54.33% 

Q. HAVE YOU UNDERTAKEN AN INDEPENDENT ANALYSIS OF THE 

CLASSPFICATION OF ELECTRIC DISTRIBUTION PLANT FOR LG&E? 

A. Yes. I have taken a traditional zero-intercept approach to the analyses of LG&E 

Accounts 365 (Overhead Conductors), 367 (Underground Conductors), and 368 (Line 
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Transformers). In my analyses, I have relied on Mr. Seelye’s account data provided in 

Seelye Exhibits 25,26 and 27, except for one significant revision. 

PLEASE DISCUSS THE SIGNIFICANT REVISION YOU HAVE 

INCORPORATED IN YOUR ZERO-INTERCEPT ANALYSES OF ACCOUNTS 

365,367 AND 368. 

In his regression formulations of “average cost” as a function of “size,” Mr. 

Seelye’s representation of “size” for the units of plant is a physical measurement 

(circular-mils). As an example, with regard to Account 365 (Overhead Conductors), Mr. 

Seelye’s representation of the “size” of 1/0 Conductor and 2/0 Conductor is, respectively, 

105.6 and 133.1. These are the physical sizes of the conductor and not the load carrying 

capacity of these wires. While I have used Mr. Seelye’s 21 categories of LG&E’s 

various sizes and types of overhead conductors; e.g., average cost, quantity, etc., I have 

not used Mr. Seelye’s representation of “size” in my analyses. I have used the electrical 

load capability (ampacity) of each size and type of overhead conductor. 

WHY WAVE YOU INCORPORATED THE CAPACITY (AMPACITY) RATHER 

THAN SIMPLY THE SIZE OF CONDUCTORS IN YOIJR ANALYSES? 

The purpose of the zero-intercept analysis is to calculate the average cost of a zero 

load conductor in order to evaluate the customer portion as I have discussed previously. 

In my zero-intercept analyses, therefore, I have incorporated the ampacity (capacity or 

load capability) of LG&E’s overhead conductors, rather than merely the physical size of 

these conductors. 

HAVE YOIJ INCORPORATED THIS AMPACITY OR LOAD CAPABILITY IN 

ALL OF YOUR ZERO-INTERCEPT ANALYSES? 

Yes. I have incorporated an ampacity measurement for each of the overhead 

conductors and underground conductors and KVA capacity for line transformers in my 

zero-intercept analyses. 
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Q. 

A. 

Q* 

A. 

Q* 

A. 

PLEASE PROVIDE A COMPARISON OF THE RESULTS OF YOUR ZERO- 

INTERCEPT ANALYSES TO THAT OF MR. SEELYE’S. 

The following table summarizes the results of my analyses and that of Mr. Seelye 

for L,G&E’s three electric distribution accounts for which classification analyses were 

performed: 

Customer Portion Demand Portion 
Watkins Seelve Watkins Seelve 

Account 365 
(Overhead Conductors) 26% 54% 74% 46% 

Account 367 
(Underground Conductors) 19% 31% 81% 69% 

Account 368 
(Transformers) 46% 46% 54% 54% 

The details supporting my classification of distribution plant are provided in my Schedule 

GAW-3 which consists of three pages. 

DO YOU HAVE ANY OTHER COMMENTS REGARDING ZERO-INTERCEPT 

ANALYSES OF LG&E’S DISTRIBUTION PLANT ACCOUNTS? 

Yes. While I have used the account data presented by Mr. Seelye, as I discussed 

above, I question why the data Mr. Seelye used for his Overhead Conductors (Account 

365) and Underground Conductors (Account 367) analyses are exactly the same for 

LG&E and KU, and different for Line Transformers (Account 368). The data used for 

the analyses clearly should be different between LG&E and KU, and in fact, the data 

were different data presented in the last case. 

WHAT ARE YOUR CCOSS RESULTS USING THESE CUSTOMEIUDEWD 

CLASSIFICATIONS? 

My recommended distribution plant classifications coupled with a traditional BIP 

approach to classify generation resources are reflected in my recommended CCOSS. The 

detail of this CCOSS is provided in my Schedule GAW-4 and are sumrnarized below: 
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IV. 

Q- 

A. 

Q. 

A. 

ROR At Current Rates 
Class OAG Recommended - Seelye 

Residential 
General Service 
PS-Primary 
P S- Secondary 
CTOD-Primary 
CTOD-Secondary 
ITOD-Primary 
ITOD-Secondary 
RTS 
Sp. Contract-Ft. b o x  
Sp. Contract- W ater Companies 
Lighting-RLS & LS 
Lighting-LE 
Lighting -Traffic 

Total Company 

4.01% 
9.89% 
4.0 1 % 
6.06% 
2.67% 
3.57% 
1.69% 
3.90% 
1.47% 

-0.48% 
- 1.44% 
7.43% 

-2.72% 
-0.2 1 % 
4.77% 

3.19% 
9.12% 
4.86% 
6.62% 
4.47% 
4.42% 
3.3 1% 
5.27% 
2.91% 

-0.16% 
-0.34% 
8.88% 
3.38% 
4.25% 
4.77% 

As can be seen above, although there are some differences in individual class rates of 

return, our studies produce relatively similar results. 

ELECTRIC CLASS REVENUE INCREASE DISTRIBUTION 

HOW DOES MR. SEELYE PROPOSE TO ASSIGN LG&E’S PR 

OVERALL $94.6 MILLION INCREASE ACROSS RATE CLASSES? 

Mr. Seelye proposes to assign the Company’s overall requested revenue increase 

to individual classes on an equal percentage basis. That is, all rate classes would receive 

the same percentage increase in revenue responsibility (1 2.2%). 

IS MR. SEELYE’S PROPOSED CLASS REVENUE DISTRIBUTION 

REASONABLE? 

Yes, given the fairly narrow range of achieved class rates of return under my 

CCOSS as well as under Mr. Seelye’s analysis, an across the board (equal percentage) 

increase is fair and reasonable. In this regard, it should be remembered that allocated 
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guide in evaluating class revenue responsibility. 

NATURAL GAS CLASS COST OF SERVICE 

HAVE YOU EXAMINED MR. SEELYE’S NATURAL GAS CLASS COST OF 

SERVICE STUDY? 

Yes. 

WHAT METHODOLOGY DID MR. SEELYE USE FOR PURPOSES OF HIS 

NATURAL GAS CCOSS? 

Mr. Seelye used what is known as the Peak Responsibility method to allocate 

Mains costs. Furthermore, Mr. Seelye separated LG&E’s Mains into “high pressure” and 

“low pressure” systems. Finally, Mr. Seelye classified both high pressure and lower 

pressure Mains as partially customer-related and partially demand-related. In short, Mr. 

Seelye has allocated Mains investment costs based partially on customer counts and 

partially on contributions to estimated design day demand. 

DO YOU HAVE ANY MAJOR DISAGREEMENTS WITH MR. SEELYE’S 

NATIJRAL, GAS CCOSS? 

Yes. 

PLEASE OUTLINE YOUR DISAGREEMENTS. 

I disagree with Mr. Seelye’s use of the Peak Responsibility method to allocate 

distribution Mains (low and high pressure). 

PLEASE EXPLAIN PEAK RESPONSIBILITY METHOD. 

The Peak Responsibility method is similar in concept to the 1-CP method 

previously discussed for the electric industry. The major difference is that whereas the 1 - 
CP electric method is generally based on actual loads and demands, the Peak 

Responsibility method is based on estimated loads at design day temperatures. In other 
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Q. 

A. 

Q. 

A. 

Q. 

A. 

words, design day demands are 

demands under the most extreme 

IS THERE A METHOD 

not known historical loads, but rather estimated class 

weather conditions . 

THAT IS PREFERRED OVER THE PEAK 

RESPONSIBILITY METHOD FOR LG&E’S NATURAL GAS OPERATIONS? 

Yes. The Peak and Average method is far superior for LG&E’s natural gas 

operations. 

PLEASE EXPLAIN WHY THE PEAK AND AVERAGE METHOD IS 

PREFERRED. 

There are several reasons why the Peak and Average Method is preferred and why 

the Peak Responsibility method is not appropriate for LG&E. The first is the recognition 

of how and why natural gas consumers are customers of LG&E. Customers connect to 

LG&E’s system in order to meet their natural gas needs throughout the year. Indeed, the 

Company’s Mains are utilized each and every day of the year and recognition of annual 

usage (throughput) is a logical basis for cost assignment. 

Another shortcoming of the Peak Responsibility method using design day demand 

is that the “design day” is a moving target over time. That is, whereas natural gas Mains 

are planned and installed to serve customers in excess of fifty years into the future, design 

day demand (as used by Mi-. Seelye) is a function of the mix, usage per customer, and 

number of customers today. In addition LG&E’s commercial customers have obviously 

changed over the last few decades. Yet, Mr. Seelye assumes the entire Company system 

was optimally designed and installed to meet today’s mix and level of customers. 

HAVE YOU CONDUCTED A CLASS COST OF SERVICE STUDY THAT 

UTILJIZES THE PEAK AND AVERAGE METHOD? 

Yes. I have accepted all other aspects (allocators and classifications) of Mr. 

Seelye’s natural gas CCOSS except for his use of the Peak Responsibility method. It 

should be noted that while I disagree conceptually with Mr. Seelye that any portion of 

distribution Mains should be classified as partially customer related, I have accepted his 

31 



2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

J 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

29 

classification since his recommended customer percentages of Mains are relatively 

Q. PLEASE PRESENT THE RESULTS OF YOUR NATURAL GAS CCOSS 

UTILIZING THE PEAK AND AVERAGE METHOD. 

A. The following is a summary of class rates of return at current rates utilizing my 

recommended Peak and Average method to allocate distribution Mains. Also provided 

are Mr. Seelye’s results using his Peak Responsibility method. 

- Class -- 
RSG 
CGS 
ICs 
AAGS 
FT 
SP 
Total Company 

ROR at Current Rates 
OAG Seelye 

Peak & 
Average 

4.53% 
7.61% 
4.28% 
3.27% 
2.32% 
1.25% 
5.06% 

Peak 
Responsibility 

3.90% 
7.01% 
4.36% 

16.85% 
25.71% 
25.05% 

5.06% 

The details of my recommended natural gas CCOSS are provided in my Schedule GAW- 

5. 

VI. NATURAL GAS CLASS REVENUE DISTRIBUTION 

Q. PLEASE DESCRIBE LG&E’S PROPOSED DISTRIBUTION OF ITS 

REQUESTED OVERALL NATURAL GAS REVENUE INCREASE TO 

INDIVIDUAL CUSTOMER CLASSES. 

A. LG&E witness Seelye presents the Company’s proposed distribution of requested 

$22.59 million revenue increase to customer classes. A summary of Mr. Seelye’s 

proposed natural gas revenue increase for each customer class is shown below. Note, that 

the percentage increases reflect increases to Base (nan-gas) rates. 

Mr. Seelye customer percentage of high pressure mains is 6.97% while high customer percentage of low 5 

pressure mains is 14.82%. 
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Current 
Base Rate LG&E Proposed Natural 

Percent 
Gas Increases ($000) won-Gas) -1 

- Rate Class - Revenue - Amount 

Sales: 
Residential (RGS) $76,545 $16,197 21.2% 

As-Available (AAGS) $198 $0 0% 

Commercial (CGS) $27,700 $5,362 19.4% 
Industrial (IGS) $1,759 $363 20.4% 

Transportation: 
Firm Transportation (FT) $4,364 $0 0% 

Special Contracts: 
Intra-Company $7,38 1 $665 21.8% 
Special Contract A $263 $0 0% 
Special Contract B .- $179 $0 0% 

Total LG&E $1 18,448 $22,588 19.1% 

ARE MR. SEELYE’S PROPOSED CLASS REVENUE INCREASES 

REASONABLE? 

When all factors are considered, I do not object to Mr. Seelye’s class revenue 

increases. Although the results of my CCOSS indicate that the Transportation and 

Special Contract customers are providing significantly lower rates of return than other 

classes, Mr. Seelye’s study indicates exactly the opposite; i.e., these classes are over 

contributing. Notwithstanding the differences in our CCOSS results, Mr. Seelye also 

claims that there is a potentia1 for by-pass for transportation and Special Contract 

customers if their rates are increased. 

While Mr. Seelye provides no evidence as to whether any of these customers have 

a realistic ability to by-pass the LG&E system, I acknowledge that this is a valid concern 

when a real potential for by-pass exists. Mr. Seelye indicates that a natural gas 

transmission pipe runs through LG&E’s service area. However, this is in no way 

indicative of any customers having a realistic ability to by-pass LG&E. In order for an 

end user to by-pass its local distribution gas company, it must secure easements and/or 

rights of way to run a service lateral (pipe) to the transmission pipeline. Even if such I 
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easements and/or rights of way can be secured, the transmission pipeline must agree to a 

new interconnection point. Finally, and perhaps most importantly, the distance between 

the end-user and the transmission pipeline must be close enough such that the capital 

costs to the customer constructing a service line make such a project economically viable. 

For some Industrial end-users whose facilities are adjacent to transmission pipelines, by- 

pass is a rather simple and economically viable alternative. However, as the distance 

between the end-user and transmission pipeline increases, the realistic threat of by-pass 

decreases. In this regard, I recommend that in its next case LG&E present detailed 

evidence of any specific customer’s potential for by-pass, if special price considerations 

are requested for that customer. 

In agreeing to accept Mr. Seelye’s recommendation for no increase to 

Transportation and Special Contract customers in this case, I recommend that even if 

these customers’ revenue were increased, the corresponding required increase to other 

customers would be de minimus in percentage terms. As such, I do not object to Mi. 

Seelye’s proposed revenue increase allocation in this case, with the caveats noted for 

future rate cases. 

RESIDENTIAL RATE DESIGN 

DOES LG&E PROPOSE Alvy SIGNIFICANT CHANGES T 

AND GAS RESIDENTIAL RATE STRUCTURES? 

Yes. L,G&E proposes to substantially change its electric Residential base rate 

structure from a largely volumetric basis to a largely fixed fee charge per month basis. 

That is, whereas LG&E currently collects approximately 15% of its non-fuel base rate 

revenue from fixed monthly customer charges, (85% fiom energy charges) its proposed 

changes to rate design would collect approximately 33% of non-fuel base rate revenues 

from fixed customer charges. In order to accomplish this shiR in revenue collection, 

LG&E proposes to increase its monthly electric Residential customer charge from $5.00 

to $15.00 and at the same time, reduce its base rate energy charge from 6.7140# per 

KWH to 6.6100$ per KWH. 
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With regard to LG&E Residential natural gas rates, the Company proposes to 

collect 100% of its distribution (non-gas margin) revenue from fixed monthly charges 

thereby eliminating the variable usage (per MCF) component of its rates. 

MR. WATIUNS, HAVE YOU IDENTIFIED A COMMON OBJIECTIVE IN 

LG&E’S RESIDENTIAL RATE DESIGN PROPOSALS? 

Yes. It is clear from the testimony of Mr. Seelye that the primary objective of 

LG&E’s Residential rate design is to guarantee revenue collection and profitability 

associated with fixed monthly customer charges. Indeed, as stated on page 39 of his 

direct testimony, Mr. Seelye claims that “by recovering its fixed distribution [gas] costs 

through a fixed monthly charge, the Company would be severing the relationship 

between its natural gas delivery revenue and its sales of natural gas. 

WHY DOES LG&E DESIRE MORE ELECTRIC AND ALL NATURAL GAS 

RESIDENTIAL REVENUE RECOGNITION FROM CUSTOMER CHARGES? 

Fixed monthly customer charges represent guaranteed revenue to LG&E. This 

guarantee of revenue obviously reduces the risk of LG&E’s operations and provides 

much more assurances of net income available to shareholders. 

OTHER THAN DECOUPLING THE LINK BETWEEN PROFITABILITY ANID 

VOLUMETRIC SALES, DOES MR. SEELYE PROVIDE OTHER 

JUSTIFICATIONS FOR HIS PROPOSAL TO COLLECT SUBSTANTIALLY 

MORE OF ITS ELECTRIC RESIDENTIAL AND 100% OF ITS GAS 

RESIDENTIAL BASE RATE REVENUES FROM FIXED MONTHLY 

CHARGES? 

Yes. Mr. Seelye provides two underlying reasons for his partial electric, and total 

natural gas, revenue decoupling rate design proposals. Mr. Seelye claims that traditional 

volumetric based rate design provides a disincentive for the Company to promote 

conservation and because of the high percentage of fixed cost inherent in providing 

electric and natural gas service, prices (rate design) should reflect the Company’s 

relationship between fixed and variable costs. 
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Q. IS LG&E CURRENTLY COMPENSATED FOR ITS CONSERVATION 

EFFORTS? 

Yes. A. LG&E currently has a Demand Side Management surcharge for both 

electric and natural gas service, which compensates the Company for its conservation 

program costs. In fact, not only is L,G&E compensated for its costs to administer 

conservation efforts, it is also allowed an extra profit incentive over and above the costs 

of its DSM programs and compensation for its lost sales. 

Q. NOTWITHSTANDING LG&E’S RECENT DSM INCENTIVES AND 

ATTENDANT RATE RIDERS, HAVE RESIDENTIAL CUSTOMERS BEEN 

USING ELECTRICITY AND NATURAL GAS IN A MORE EFFICIENT 

MANNER OVER THE LAST COUPLE OF DECADES? 

A. Absolutely. Virtually all Residential electric and natural gas appliances are much 

more energy efficient than they were even ten years ago. As a result, the average 

Residential energy consumption per appliance has been declining steadily over the last 

decade or two. These market-based conservation measures have prevailed in spite of the 

so-called “disincentives” to conserve energy resources as alluded to by Mr. Seelye. 

Q. DOES THE LONG-TERM DECLINE IN THE RESIDENTIAL AVERAGE 

USAGE PER CUSTOMER SUPPORT THE NEED FOR GUARANTEE 

REVENUE RECOVERY? 

A. No. While LG&E’s electric and natural gas declining usage per appliance is 

similar to that experienced by other utilities, LG&E’s Residential rates (prices) have 

reflected this decline in usage in every rate case. Secondly, there is no doubt that both 

Residential electric usage per appliance and total natural gas usage per customer have 

been declining over the last ten to twenty years; this declining use has been true for 

LG&E as well as the electric and natural gas industry in general. Indeed, this change in 

usage is nothing new to LG&E or the industry. 
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HAVE THE ELECTRIC AND NATURAL GAS UTILITY INDUSTRIES BEEN 

ABLE TO REMAIN FINANCIALLY VIABLE OVER THE YEARS ABSENT A 

FIXED CHARGE RATE DESIGN? 

Yes. For decades the pricing structure of electric and natural gas LDC’s have 

been largely volume based. These industries have remained viable and have achieved at 

the very least, respectable returns on their investments with this volumetric based rate 

structure. For example, faced with declining Residential usages per customer and largely 

volumetric rate structures, the Value Line group of natural gas utility companies have 

achieved the following average rates of return on common equity each year since 2000: 

Value Line 
Natural Gas Utility 
Rate of Return on 

Year Common Equity a/ -- 

2000 
200 1 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 

12.4% 
12.8% 
12.3% 
12.1% 
1 1.2% 
12.0% 
12.4% 
1 1.6% 
11.8% 
12.4% 

10-yr. Avg. 12.1% 
- a/ Calculated per Schedule GAW-6. 
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Value Line 
Electric Utility 

Rate of Return on 
Year Common Equity g/ 

2000 11.3% 
200 1 12.2% 
2002 8.4% 
2003 9.5% 

2005 10.4% 
2006 11.0% 
2007 11.2% 
2008 10.3% 
2009 - 9.6% 

- a/ Calculated per Schedule GAW-7. 

2004 9.9% 

- 
10-JT. Avg. 10.3% - 

As such while it is true that the electric and natural gas industries have been faced with 

declining usages per appliance or customer due to improvements in appliance efficiency, 

earnings (with revenue calculated largely f?om volumetric based prices) have been 

achieved at high levels. These high earnings are largely a result of periodic rate 

increases, cast savings from technological advances, and economies of scale due to 

mergers. 

DOES LG&E’S PROPOSAL TO COLLECT A SUBSTANTIAL PORTION OF 

ITS ELECTRIC NON-FIJEL IREVENUE AND 100% OF ITS RESIDENTIAL 

NATURAL GAS MARGIN REVENUE FROM FIXED MONTHLY CHARGES 

COMPORT WITH THE ECONOMIC THEORY OF COMPETITIVE MARKIETS 

OR THE ACTUAL PRACTICES OF SUCH COMPETITIVE MARKETS? 

No. The most basic tenet of competition is that prices determined through a 

competitive market ensure the most efficient allocation of society’s resources. Because 

public utilities are generally afforded monopoly status under the belief that resources are 

better utilized without the duplication of the fixed facilities required to serve consumers, 

a fbndamental goal of regulatory policy is that regulation should serve as a surrogate for A 
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competition to the greatest extent practical.6 As such, the pricing policy for a regulated 

public utility should mirror those of competitive firms to the greatest extent practical. 

PLEASE BRIEFLY DISCUSS HOW PRICES ARE GENERALLY STRUCTURED 

IN COMPETITIVE MARIUCTS. 

Economic theory tells us that efficient price signals result when prices are equal to 

long-run marginal costs. It is well known that in the long-run all costs are variable and, 

hence, efficient pricing results from the incremental variability of costs even though a 

firm’s short-run cost structure may include a high level of sunk or “fixed” costs or be 

reflective of excess capacity. Indeed, competitive market-based prices are generally 

structured based on usage, i.e. volume based pricing. 

PLEASE EXPLAIN HOW THIS THEORY OF COMPETITIVE PRICING 

SHOULD RE APPLIED TO REGULATED PUBLIC UTILITIES, SUCH AS 

LG&E. 

Due to LG&E’s investment in system infrastructure, there is no debate that many 

of its short-run costs are fixed in nature. However, as discussed above, efficient 

competitive prices are established based on long-run costs, which are entirely variable in 

nature. 

Marginal cost pricing only relates to efficiency. This pricing does not attempt to 

always address fairness or equity. From a perspective of fair and equitable pricing of a 

regulated monopoly’s products and services, it is generally agreed that payments for a 

good or service should be in accordance with the benefits received. In this regard, those 

that receive more benefits should pay more in total than those who receive fewer 

benefits. With respect to electric and natural gas usage, the volume of consumption is 

the most direct, and in my opinion the best indicator of benefits received, such that 

volumetric pricing promotes the fairest pricing mechanism to customers and to the 

utility. 

The above philosophy is, and has been, the belief of economists, regulators, and 

the marketplace for many years. As an illustration, consider utility industry pricing in its 

James C. Bonbright, et a1 Principles of Public Utility Rates at 141 (2d ed. 1988). 6 
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infancy (1800s). In the beginning, customers paid a fixed monthly fee and consumed as 

much of the utility commodity/service as they desired (usually water). It soon became 

apparent that the fixed monthly fee rate schedule was inefficient and unfair. Utilities 

soon began metering their commodity/service and charging only for the amount actually 

consumed. In this way, consumers receiving more benefits from the utility than others 

paid more in total for the utility service because they used more of the commodity. 

Furthermore, virtually every capital intensive industry is faced with a high 

percentage of fixed costs in the short-run. This includes the manufacturing and 

transportation industries. Prices for competitive products and services in these industries 

are invariably established on a volumetric basis, including those that were once 

regulated; e.g., motor transportation, airline travel, and rail service. 

Accordingly, the position of Mr. Seelye that LG&E’s fixed costs should be 

recovered through fixed monthly charges, in my view, is incorrect since pricing should 

reflect long-run cost incidence wherein all costs are variable or volumetric in nature, and 

that users requiring more of LG&E’s products and services pay more than customers who 

use less of these products and services. 

2 
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DOES LG&E’S PROPOSAL TO COLiLiECT A SUBSTANTIALLY GREATER 

PORTION OF ITS ELECTRIC RESIDENTIAL REVENUES AND 100% OF ITS 

NATURAL GAS MARGIN REVENIJES FROM FIXED MONTHLY CUSTOMER 

CHARGES COMPORT WITH PROPER RATEMAKING PWCIPLES? 

No. Perhaps the most highly regarded, and certainly the most commonly used 

reference to ratemaking principles is Dr. James Bonbright’s treatise entitled Principles of 

Public Utilitv Rates. With regard to the collection of revenue solely (or largely) through 

a fixed customer charge, Dr. Bonbright states: 

. . . there remains a choice as to the unit of service to which the uniform 
rate shall be applied. Among a variety of alternatives, three receive 
closest consideration: a uniform charge per customer; a uniform charge 
per unit of energy (kilowatt-hour); and a uniform charge per unit of the 
customer’s maximum monthly kilowatt demand. 

Uniformity of charge per customer (say, $10 per month for any 
desired quantity of service) has charm in avoiding metering costs. 
Nevertheless, it is soon rejected because of its utter failure to 
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recognize either cost differences or value-of-service differences 
between large and small customers. [Page 3961 [Emphasis added]. 

MR. SEELYE CHARACTERIZES L,G&E’S PROPOSED NATURAL GAS RATE 

DESIGN AS A “STRAIGHT-FIXED VARIABLE” RATE DESIGN. IS IT 

CORRECT TO CHARACTERIZE THIS RATE STRUCTURE AS STRAIGHT- 

FIXED VARIABLE? 

No. The straight-fixed variable (SFV) term was coined and adopted by the FERC 

in its famous Order 636 in which fixed pipeline costs are recovered through demand 

charges. The concepts of demand charges and customer charges are entirely different. 

First, demand charges vary by customer based on their self determined contract 

entitlements to pipeline capacity. Although a customer’s demand charges are fixed 

during a given year, each pipeline shipper (often LDCs) determines its own level of 

contract demand that can and do vary from year to year. As such, the total pipeline 

demand charges incurred by individual customers vary tremendously based on the size 

and needs of each customer. Such is not the case with fixed customer charges since small 

residential customers pay the same as large residential customers regardless of the 

demands placed on the system. 

Another fundamental difference between a demand charge based rate structure 

(Le., true straight-fixed variable) and a fixed customer charge rate structure is that 

customers purchasing pipeline capacity under the SFV method have the ability to shed 

unwanted (unneeded) demand charge costs through capacity release to other users. 

Obviously such revenue (cost) shifting is not possible under a fixed customer charge rate 

structure. 

PLEASE EXPLAIN WHY THE FERC ADOPTED ITS STRAIGHT-FIXED 

VARIABLE RATE DESIGN IN ITS ORDER 636. 

FERC Order 636 had two primary goals. The first was to enhance gas 

competition at the wellhead by completely unbundling the merchant and transportation 
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functions of  pipeline^.^ The second goal was to encourage the increased consumption of 

natural gas in the TJnited States. In the introductory statement of the Order, the FERC 

stated: 

“The Commission’s intent is to further facilitate the unimpeded operation 
of market forces to stimulate the production of natural gas . . . . [and 
thereby] contribute to reducing our Nation’s dependence upon imported 
oil . . . .” [Order at 81. 

With specific regard to the SFV rate design adopted in Order 636, the FERC stated: 

“Moreover, the Commission’s adoption of SFV should maximize pipeline 
throughput over time by allowing gas to compete with alternate fuels on a 
timely basis as the prices of alternate fuels change. The Commission 
believes it is beyond doubt that it is in the national interest to promote the 
use of clean and abundant gas over alternate fuels such as foreign oil. 
SFV is the best method for doing that” [Order at 128-1291. 

HOW DOES FERC’S OBJECTIVE TO INCREASE NATURAL GAS 

CONSUMPTION IJSING THE SFV RATE DESIGN COMPORT WITH THE 

LDC INDUSTRY’S CLAIMED SOCIETAL NEED FOR REVENUE 

DECOUPLING AND GIJARANTEED REVENUE RECOVERY? 

The FERC’s objective for SFV is diametrically in opposition to a major claimed 

need for revenue decoupling and/or guaranteed revenue recovery. That is, the LDC 

industry claims that because retail rates have been historically volumetric based, there has 

been a disincentive for L,DCs to promote conservation or encourage reduced consumption 

of natural gas. As is clearly discussed in the FERC Order, the price signal that results 

from SFV pricing is meant to promote additional natural gas consumption, not reduce 

consumption. A rate structure, therefore, that is based on a fixed monthly customer 

charge sends an even stronger price signal to consumers to use more natural gas. Indeed, 

a rate structure comprised of fixed monthly customer charges is even more at odds with 

conservation and efficient pricing than a demand charge based (true SFV such as the one 

adopted by the FERC) rate structure. Whereas a demand charge rate does recognize 

relative customer size and allows customers to decide how much service is desired, 

Federal Energy Regulatory Commission, Docket Nos. RM91-11-001 and RM87-34-065, Order No. 636, I 

page 7. 
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coupled with the ability to shed revenue responsibility (through capacity release), such 

characteristics are not present or possible with fixed customer charge pricing. 

IN CASE IT IS NOT OBVIOUS, WHY DO SFV AND FIXED CUSTOMER 

CHARGE RATE STRUCTIJRES PROMOTE ADDITIONAL CONSUMPTION? 

These rate structures promote consumption because the consumers’ price of 

incremental consumption is de minimus, or at the very least, less than what an efficient 

price structure would otherwise be. As discussed in its Order 636, the FERC’s adoption 

of the SFV pricing method was a result of national policy (primarily that of Congress) to 

promote the additional use of domestic natural gas by promoting additional interruptible 

(and incremental firm) gas usage. Furthermore, when Order 636 was issued, the electric 

industry was actively promoting the need for additional natural gas supplies at lower 

prices to fuel the need for additional capacity and movement away from its reliance on 

coal and nuclear generation. As such, the FERC’s SFV pricing mechanism greatly 

reduced the price of incremental (additional) natural gas consumption thereby 

significantly increasing the demand for, and use of, natural gas in the United States 

subsequent to 1992 (when Order 636 was issued). 

MR. WATKINS, A CUSTOMER’S TOTAL ELECTRIC OR NATURAL GAS 

BILL IS COMP 

COMMODITY COST COMPONENT. FUEL AND GAS COSTS ARE 

SED OF A BASE RATE COMPONENT AND A FUEL 

VOLUMETRICALLY PRICED AND REPRESENT THE MAJORITY OF A 

CUSTOMER’S BILL. DOES THE VOLUMETRIC PRICING OF FUEL OR GAS 

COSTS OVERSHADOW THE NEED FOR A PROPER PRICING SIGNAL 

FROM BASE RATES? 

No. The rationale of the SFV pricing approach escapes me as an economist and 

policy advisor. This notion implies that even though marginal rates may be inefficiently 

structured, this error is acceptable due to other aspects within a customer’s bill. To me, 

this argument is no more plausible than establishing rates that provide for clearly 

excessive monopolistic profits under the notion that the additional cost to consumers only 

represents a small portion of their energy bills and/or cost of living. 
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EARLIER IN YOUR TESTIMONY YOU EXPLAINED THAT VOLUMETRIC 

PRICING PREDOMINATES IN COMPETITIVE MARKETS. IS THERE ANY 

DATA OR EXPERIENCE REGARDING THE PRICING OF FIXED PUBLIC 

UTILITY SERVICES THAT HAVE RECENTLY BEEN DEREGIJLATED? 

Yes. There is a limited amount of data available. Retail electric competition for 

generation services exists in several states. Invariably, customer choice for generation 

supply is volumetrically priced. However, competition in electric generation alone does 

not necessarily provide a good apples-to-apples comparison with bundled electric service 

or natural gas L,DC distribution base rates. 

However, Texas has implemented total retail electric competition for consumers 

for most of the States’ ratepayers, including distribution service. Under the Texas model, 

consumers select their electricity provider for all bundled electric services including 

generation, transmission, distribution and metering. The customers’ selected service 

provider supplies all services from the generator to the meter box. Electric providers 

compete for customers and are free to set their own prices and pricing structure. 

HOW ARE COMPETITIVE RESIDENTIAL ELECTRIC RATES STRUCTURED 

IN TEXAS? 

Every electric service provider in Texas has a volumetric component within their 

rate structure. With regard to Residential fixed monthly customer charges, there are three 

different pricing structures: those with no fixed monthly charge; those that have a 

minimum bill amount; and, those with traditional fixed monthly customer charges 

(regardless of consumption). The following is a summary of the rate structures regarding 

customer charges for the 30 providers that offer competitive residential electric service in 

Texas: 

Number Percentage 
Of Providers Of Providers 

No fixed charge 4 13% 

Fixed charge waived with usage threshold 11 37% 

- Traditional fixed monthly customer charge - 15 50% 

Total 30 100% 
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Of the 15 providers that utilize a traditional fixed monthly customer charge the minimum 

charge is $2.15 per month, the maximum customer charge is $1 1.69 per month, with an 
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average customer charge of $6.24 per month. The details supporting these amounts are 

provided in my Schedule CAW-8. 

From this data, half of the providers have maintained the traditional fixed monthly 

customer charge, an eighth of the companies have abandoned fixed charge pricing 

altogether, and somewhat more than a third of the providers waive any fixed fees once a 

minimum level of consumption (KWH) is achieved.8 The conclusions that can be drawn 

from this data are: 

(1) half of the competitive service providers (1 5) have abandoned traditional 
fixed customer charge pricing in favor of no customer charges at all or 
waiver of such with reasonably low levels of consumption; 

(2) of the 15 providers that continue to utilize a traditional fixed monthly 
customer charge, variable energy charges recover more than just 
generation and transmission (i.e., they include a substantial portion of 
distribution) costs as the maximum customer charge is only $1 1.69 with 
an average customer charge of $6.24; and, 

(3) no competitor relies on fixed customer charge pricing for the majority of 
its revenue. 

From this data and analysis, it is clear that when prices for a service identical to LG&E’s 

electric operations and similar to LG&E’s natural gas operations are established based on 

competition and determined by the market (customers and sellers), the resulting rate 

structure is similar to that found for most other competitive goods and services, i.e., 

predominantly based on volumetric pricing, and not fixed charge pricing. 

Q. HAS MR. SEELUE CONDUCTED AN ANALYSIS OF COSTS THAT HE 

CONTENDS SHOULD BE CONSIDERED IN DEVELOPING THE 

RESIDENTIAL CUSTOMER CHARGE FOR ELECTRIC SERVICE? 

A. Yes. 

As indicated in the notes to Schedule GAW-8 customer charges are waived with a minimum monthly usage 
of 500 KWH or 1,000 KWH. For purposes of comparison, LG&E’s average residential customer usage is about 
1,000 KWH per month. 

8 
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DO YOU AGREE WITH MR. SEELYE’S CUSTOMER COST ANALYSIS? 
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PLEASE EXPLAIN. 

Mr. Seelye estimates L,G&E’s monthly electric Residential customer “cost” to be 

$1 5.80. However, Mr. Seelye’s analysis includes a significant level of distribution, 

administrative, general, and other overhead costs. Electric utilities are in the business of 

providing electric energy to customers. Administrative, general and other overhead costs 

are a normal cost of business for any enterprise and should be recovered based on the 

level of service provided (i.e., on a volumetric basis). That is, these costs are incurred in 

the provision of services rendered. As such, these costs should be recovered in relation to 

the level of services provided. 

HOW ARE ADMINISTRATIVE, GENERAL AND OVERHEAD EXPENSES 

TYPICALLY RECOVERED IN COMPETITIVE MARKETS? 

As discussed previously, the pricing structures in competitive markets are 

predominately volumetrically priced. This volumetric pricing recovers all of a business’s 

costs: fixed; variable; administrative; general; overhead; profit; etc. 

NOTWITHSTANDING THE EFFICIENCY ASONS AS TO W 

REGULATION SHOULD SERVE AS A SURROGATE FOR COMPETITION, 

ARE THERE OTHER RELEVANT ASPECTS TO THE PRICING STRUCTURES 

IN COMPETITIVE MARKETS VIS A VIS THOSE OF REGULATED 

UTILITIES? 

Yes. In competitive markets, consumers, by definition, have the ability to choose 

various suppliers of goods and services. Such is obviously not the case with regulated 

monopoly utilities. Consumers and the market have a clear preference for volumetric 

pricing. TJtility customers are not so fortunate in that the local utility is a monopolist. 

The only reason utilities are able to achieve pricing structures with high fixed monthly 

charges is due to their monopoly status. In my opinion, this is a critical consideration in 

establishing utility pricing structures. That is, competitive markets and consumers in the 
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U.S. have demanded volumetric based prices for generations: a regulated utility’s pricing 

structure should not be allowed to counter the collective wisdom of markets and 

consumers simply because of its market power. 

HAVE YOU CONDUCTED AN ANALYSIS OF THE COSTS THAT SHOULD BE 

CONSIDERED IN DETERMINING LG&E’S RESIDENTIAL CUSTOMER 

CHAFtGES FOR ELECTRIC AND NATURAL GAS SERVICE? 

Yes. As I discussed earlier, there is no doubt that the majority of LG&E’s non- 

fuel or non-gas costs are fixed in the short-run and that efficient, competitive pricing 

dictates volumetric pricing. However, traditional ratemaking has recognized a minimum 

level of fixed customer charges to reflect the direct costs of maintaining a customer’s 

account. These direct customer costs include the Company’s investment in meters and 

service lines as well as the operating expenses associated with meter reading, customer 

service, accounting and customer records and collections. I have conducted a traditional 

direct customer cost analysis for LG&E which is presented in my Schedules CAW-9 

(Electric) and GAW-10 (Gas). These studies indicate a monthly LG&E customer cost of 

$3.58 per month for electric service and $6.86 for natural gas service. 

WHAT ARE YOUR RECOMMENDATIONS REGARDING LG&E’S 

SIDENTHAI, CUSTOMER CHARGES? 

Although my customer cost analyses indicate that reductions to LG&E’s electric 

and natural gas customer charges are warranted, in the interest of gradualism and rate 

continuity I recommend that LG&E’s current Residential electric and natural gas 

customer charges be maintained at the current levels of $S.OO/mth for electric service and 

$9.50/mth for natural gas service. 

DOES THIS COMPLETE YOUR TESTIMONY? 

Yes. 
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EDUCATION 

1982 - 1988 
1980 - 1982 
1976 - 1980 

POSITIONS 

Jul. 1995-Present 

Apr. 1990-Mar. 1993 
Aug. 1987-Apr. 1990 
Feb. 1987-Aug. 1987 
May 1984-Jan. 1987 
May 1982-May 1984 
Sep. 1980-May 1982 

Mar. 1993-1995 

BACKGROUND & EXPERENCE PROFILE 
GLENN A. WATKINS 

VICE PRESIDEN"/SENiOR ECONOMIST 
TECHNICAL ASSOCIATES, INC. 

M.B.A., Virginia Commonwealth University, Richmond, Virginia 
B.S., Economics; Virginia Commonwealth University 
AA., Economics; Richard Bland College of The College of William and Mary, 
Petersburg, Virginia 

Vice PresidenVSenior Economist, Technical Associates, Inc. 
Vice PresidentJSenior Economist, C. W. Amos of Virginia 
PrincipaYSenior Economist, Technical Associates, Inc. 
Staff Economist, Technical Associates, Inc., Richmond, Virginia 
Economist, Old Dominion Electric Cooperative, Richmond, Virginia 
Staff Economist, Technical Associates, Inc. 
Economic Analyst, Technical Associates, Inc. 
Research Assistant, Technical Associates, Inc. 

I. Public Utility Regulation 

A. Costinv Studies -- Conducted, and presented as expert testimony, numerous embedded and 
marginal cost of service studies. Cost studies have been conducted for electric, gas, teIecommuni- 
cations, water, and wastewater utilities. Analyses and issues have included the evaluation and 
development of alternative cost allocation methods with particular emphasis on ratemaking 
implications of distribution plant classification and capacity cost allocation methodologies. 
Distribution plant classifications have been conducted using the minimurn system and zero- 
intercept methods. Capacity cost allocations have been evaluated using virtually every recognized 
method of allocating demand related costs (e.g., single and multiple coincident peaks, non- 
coincident peaks, probability of loss of load, average and excess, and peak and average). 

Embedded and marginal cost studies have been analyzed with respect to the seasonal and 
diurnal distribution of system energy and demand costs, as well as cost effective approaches to 
incorporating energy and demand losses for rate design purposes. Economic dispatch models 
have been evaluated to determine long range capacity requirements as well as system marginal 
energy costs for ratemaking purposes. 

Rate Design Studies -- AnaIyzed, designed and provided expert testimony relating to rate 
structures fox all retail rate classes, employing embedded and marginal cost studies. These rate 
structures have included flat rates, declining block rates, inverted block rates, hours use of demand 
blocking, lighting rates, and interruptible rates. Economic development and special industrial 
rates have been developed in recognition of the competitive environment for specific customers. 
Assessed alternative time differentiated rates with diurnal and seasonal pricing structures. Applied 
Ramsey (Inverse Elasticity) Pricing to marginaI costs in order to adjust for embedded revenue 
requirement constraints. 

B. 
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C. Forecasting and System Profile Studies -- Development of long range energy (Kwh or Mcf) and 
demand forecasts for rural electric cooperatives and investor owned utilities. Analysis of electric 
plant operating characteristics for the determination of the most efficient dispatch of generating 
units on a system-wide basis. Factors analyzed include system load requirements, unit generating 
capacities, planned and unplanned outages, marginal energy costs, long term purchased capacity 
and energy costs, and short term power interchange agreements. 

D. Cost of Capital Studies -- Analyzed and provided expert testimony on the costs of capital and 
proper capital structures for ratemaking purposes, for electric, gas, telephone, water, and 
wastewater utilities. Costs of capital have been applied to both actual and hypothetical capital 
structures. Cost of equity studies have employed comparable earnings, DCF, and CAPM analyses. 
Econometric analyses of adjustments required to electric utilities cost of equity due to the reduced 
risks of completing and placing new nuclear generating units into service. 

E. Accounting Studies -- Performed and provided expert testimony for numerous accounting studies 
reIating to revenue requirements and cost of service. Assignments have included original cost 
studies, cost of reproduction new studies, depreciation studies, lead-lag studies, Weather 
normalization studies, merger and acquisition issues and other rate base and operating income 
adjustments. 

XI.  Tramortation Regulation 

A. Oil and Products Pipelines - Conducted cost of service studies utilizing embedded costs, I.C.C. 
Valuation, and trended original cost. Development of computer models for cost of service studies 
utilizing the "Williams" (FERC 15443) methodology. Performed alternative tariff designs, and 
dismantlement and restoration studies. 

B. Railroads - Analyses of costing studies using both embedded and xnarginal cost methodologies. 
Analyses of market dominance and cross-subsidization, including the implementation of 
differential pricing and inverse elasticity for various railroad commodities. Analyses of capital 
and operation costs required to operate "stand alone" railroads. Conducted cost of capital and 
revenue adequacy studies of railroads. 

111. hsurance Studies 

Conducted and presented expert testimony relating to market structure, performance, and 
profitability by tine and sub-he of business within specific geographic areas, e.g. by state. These 
studies have included the determination of rates of return on Statutory Surplus and GAAP Equity 
by line - by state using the NAIC methodology, and comparison of individual insurance company 
performance vis a vis industry Country-Wide performance. 

Conducted and presented expert testimony relating to rate regulation of workers 
compensation, automobile, and professional malpractice insurance. These studies have included 
the determination of a proper profit and contingency factor utilizing an internal rate of return 
methodology, the development of a fair investment income rate, capital structure, cost of capital. 

Other insurance studies have included testimony before the Virginia kgislature 
regarding proper regulatory structure of Credit Life and P&C insurance; the effects on competition 
and prices resulting from proposed insurance company mergers, maximum and minimum expense 
muItiplier limits, determination of specific class code rate increase limits (swing limits); and 
investigation of the reasonableness of NCCI's administrative assigned risk plan and pool expenses. 
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IV. Anti-Trust and Commercial Business Damage Litigation 

Analyses of alleged claims of attempts to monopolize, predatory pricing, unfair trade 
practices and economic losses. Assignments have involved definitions of relevant market 
areas(geographic and product) and performance of that market, the pricing and cost allocation 
practices of manufacturers, and the economic performance of manufacturers' distributors. 

Performed and provided expert testimony relating to market impacts involving 
automobile and truck dealerships, incremental profitability, the present value of damages, 
dimhution in value of business, market and dealer performance, future sales potential, optimal 
inventory levels, fair allocation of products, financial performance; and business valuations. 

MEMBERSHIPS AM) CERTIFICATIONS 

Member, Association of Energy Engineers (1998) 
Certified Rate of Return Analyst, Society of Utility and Regulatory Financial Analysts (1992) 
Member, American Water Works Association 
National Association of Business Economists 
Richmond Association of Business Economists 
National Economics Honor Society 
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Louisville Gas & Electric Co. 
Overhead Lines ClassIncation 

Exclude small Quantities 

i n  Total 
Size Ampacity Avg cosVft Quantity Avg cosVR Cost 

6 26.24 105 0.19 18421 -1.680731 3499.99 Regression Output: 

2 66.36 184 0.67 971519 -0.400478 650917.73 SM EKOf Y Est 0.6552882 
I 83.69 212 1.31 88940 0.2700271 11651 1.4 R Squared 0.590579 
1 I O  105.6 242 1.38 39898 0.3220835 55059.24 No. of Observations 14 

310 167.8 315 1.6 1954687 0.4700036 31 27499.2 
410 21 1.6 357 1.63 112230 0.48858 182934.9 X Coefficient(s) 0.0033942 

1.8 288794 0.5877867 519829.2 Std Err Of Coef. 0.0008159 

4 41.74 140 0.24 89579 -1.427116 21484.56 Constant -1.01 12 0.3637823 

210 133.1 276 1.44 713507 0.3646431 1027450.1 Degrees of Freedom 12 

266 266 449 
266.8 266.8 450 1.85 20263 0.6151856 37486.55 

300 MCM 300 492 3 57 9557 1.2725656 341 18.49 

500 MCM 500 690 6.95 7511 1.9387417 ' 52201.45 
795 MCM 795 884 4 I13204 T.3862944 452816 

397 MCM 397 576 0.86 265460 -0.150823 228295.6 

4,693,510 6,510,104 Intercept 0.3637823 
Q 4,693,510 
Zero load Cost 1,707,416 

Total Cost 6,510,104 
Pci Cust 26.23% 

.) ' 4  I 

Ampacty Source: Southwire ACSR 

. .  , 



Schedule GAW-3 
Page 2 of 3 

Loulsvllle Gas & Electric Co. 
Underground Line6 Classlfication 

Excludes Small Quantities 

12 
6 Cu 
2 cu 

1 
110 
a0 cu 
4/0 Cu 

350 MCM Cu 
lo00 MCM 

. Ln Total 
Size Ampacity Avg casffft Quantity Avg cosffft Cost 

6.53 
26.24 
66.36 
83.69 
105.6 
133.1 
211.6 

350 
1000 

20 0.17 
65 0.31 

115 I .4 
100 0.94 
120 1.35 
175 1.44 
230 2 
310 2.92 
445 10.5 

102463 -1.771957 
147560 -1.171183 
807125 0.3364722 

9181 -0.061875 
95476 0.3001046 

2768745 0.3846431 
1164717 0.6931472 

20435 1.0715836 
I0980 2.3513753 

1741a.71 
45743.6 
1129975 
8630.14 

128892.6 
3986992.8 

2329434 
59670.2 
115290 

5126682 7822047.1 

\ ’  

Ampacity Source: National Electric Code Table 310-16 

Regression Output: 
Constant 
Std Err of Y Est 
R Squared 
No. of Observations 
Degrees of Freedom 

X Coeficient(s) 
Std Err of Coef. 

Intercept 
Q 
Zero load Cost 

Total Cost 
Pct cust 

0.0083349 
0.0012713 

0.2927183 
1500673.8 5126682 

7822047. I 
19.19% 

Anti-log 
-1.228544 0.2927183 
0.479928 

0.8599632 
9 
7 

i 

i 



Schedule GAW-3 
Page 3 of 3 

Louisville Gas & Electric Co. 
Transformer Classification 

OH I P  
Ellminate small Observations 

total Avg Ln 
Size Quantity Cost Cost Avg cosVfI 

15 1526 1549125 $1,015.15 6.9227956 
25 3191 4839002 $1,516.45 7.3241294 

37.5 2612 4456030 $1,705.98 7.4418973 
50 1903 4443475 $2,334.98 7.7557604 
75 611 1773189 $2,902.11 7.9731932 

100 408 1279833 $3,136.85 8.050973 
167 265 929949 $3,509.24 8.1631552 

Pad 1 P 

Pad 3 P 

. .  

25 
(37.5 I 

50 
75 
100 
150 
167 
225 

10516 19270603 

610 
1509 
2503 
1791 
556 
174 
139 
4 04 

11 55666 1894.5344 7.5467284 
3798390 2517.1571 7.8308854 
8797798 3514.9013 8.1647667 
5928607 3310.2217 8.1047704 
2134604 3839.2158 8.2530234 
1045866 6010.7241 8.7013005 
662878 4768.9065 8.4698723 
981881 9441.1635 9.1528345 

Regression Output: 
Constant 1223.7422 
Std Err of Y Est 399.83394 
R Squared 0.0446052 
No. of Observations 7 
Degrees of Freedom 5 

X Coefficlent(s) 16.090686 
Std Err of Coef. 3.0866039 

12868873 
0.6677981 

Regresslon Output: 
Constant 1132.5527 
Std Err of Y Est 919.68546 
R Squared 0.8739168 
No. of Observations 0 
Degrees of Freedom 6 

X Coefflcient(s) 31.629177 
Std Err of Coef. 4.9046251 

7386 24505690 
8365034.5 
0.3413507 

150 
225 
300 
500 
750 

1000. 
1500. 
2000 
2500 

101 
50 

265 
143 
169 
:98 
53 
39 
32 

811424 8033.901 8.9914255 
502613 10052.26 9.2155528 

3252302 12272.838 9.4151438 
2015204 14092.336 9.5533864 
3363344 19901.444 9.8985476 
2386094 24347.898 10.100201 
1551916 29281.434 10.284709 
1714574 43963.436 10 6911 14 
1410663 44083.219 10.693834 

950 17008134 

Regression Output: 
Constant 681 1.3849 
Std Err of Y Est 2439.9074 
R Squared 0.9725983 
No. of Observations 9 
Degrees of Freedom 7 

X Coefficient(s) 16.215832 
Std Err of Coef. 1.0287553 

6470815.7 
0.3804542 

Use Linear Total Weighted 

01.1 1P 0.6677981 19270603 21.17% 
Pad 1 I? 0.341 3507 24505690 13.76% 
--d 3P 0,3804542 17008134 10.65% 

Pct cost PCt 

. 4cal. 60784427 45.58% 
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Schedule CAW-7 
@muarkon OfValue Une flearlc Rates of Rerum, zoO0-2Ml9 

Rate of Return on Common EuulW 
Company location Own Gen7 pct flec Rev 1/ ZOW 2001 2002 2003 2004 2005 2006 2007 MOB 2009 Average 
Allegheny Enerw East NO 100% 13.4% 16.6% -26.3% -221% 5.0% 8.8% 15.3% l63% 13.97 12.6% ' ' 5.3% 
Cen. Vermont Pub. Sew 
CH Energy Group 
Conso!. Edlson 
Constellation Energy 
Domlnion Resources 
Duke Energy 
Wcalon Corp. 
flrstEnergy Carp. 
FPL Group 
Nottiteast Utllltler 
NSTAR 
Pepco Holdlngs 
PPL corp. 
Progars Energy 
PubncSew. Enterprlse 
SCANACorp, 
Swthern Co. 
lEC0 Energy 
UIL Holcllngs 
Atlete 
AIlsnt Energy 
Amer. Electrlc Power 
Ameren Carp. 
tcntwpolnt Energy 

CMS Energy Cwp. 
DPL Inc. 
DTE he%/ 
Emplfe Dlst. Elec. 
Entergycorp. 
Great Plains Enegl 
Integrys €new 
ITC Holding8 
MGE Energy 
NlSowce Inc. 
OGE Encw 
OtterTrall Corp 
VemnCorp. 
Westar Energy 
W m s l n  Enorgy 
Avista 
Black Hllls 
Edkon IntemaHonal 
fl Paso Electric 
Hawllan Rcctrlc 
IDACORP 
MDU Rwourrcs 
NV Energy lnc. 
PGlECarp 
Pinnade West Capltal 
PNM Resource6 
Portland General 
Puget Energy Inc 
Sempra Energy 
U n l S o u ~  Energy 
Xcel Energy I n r  

Average 

aecpforp. 

East YES 
East YES 
East NO 
East YES 
East YES 
East YES 
East YES 
East YES 
East YES 
Eest NO 
East NO 
East YES 
k t  YES 
East YE5 
East NO 
Erut YE5 
East YES 
East YES 
East NO 
Central YES 
Central YES 
Cential NO 
Central YES 
Central NO 
Central YES 
Central YES 
Central NO 
Central YES 
Central YES 
Central YES 
Central YES 
Central YES 
Central NO 
Central YES 
Central YES 
Cantral YES 
Central NO 
Central NO 
Central YES 
Central YES 
West YES 
West YES 
West YE5 
West YES 
Wcst YE5 
Wcst YE5 
West NO 
west YES 
west YES 
west YES 
West YES 
West YES 
West YES 
West NO 
West YES 
West YES 

100% 
58% 
64% 
18% 
43% 
79% 
55% 

100% 
100% 
80% 
84% 
51% 

100% 
100% 
66% 
51% 

100% 
66% 

100% 
91% 
72% 

iao% 
83% 
21% 
lW% 
55% 

100% 
59% 
87% 
73% 

10WA 
17% 

lows 
62% 
18% 
lW% 
100% 
25% 

100% 
66% 
56% 
41% 

1W36 
lW% 
1W% 
100% 

5% 
94% 
77% 

100% 
100% 
lW% 
lOG% 
60% 
84% 
809( 

7616 

6.9% 
10.6% 
10.7% 
11.0% 
8.0% 

7.0% 
l2.N 
12.6% 
.l3% 
13.616 
9.8% 
23.6% 
6.7% 

l3.l% 
lo.9% 
32.3% 
16.7% 
12.5% 

9.6% 
3.7% 

14.3% 

14.9% 
121% 
229% 
11.796 
9.8% 
9.7% 
138% 
11.9% 

13.7% 
55% 

13.8% 
14.8% 
9.7% 
3.2% 
65% 

11.1% 
19.0% 

14.6% 
9.8% 
16.0% 
12,4% 
-3,616 

11.9% 
10.0% 

13.0% 
172% 
7.1% 
9.7% 

11.3% 

Source: Value Une Inve9tment Analyzer, April 12,2010 except where otherwlre noted. 
YSource: February 20lO AUS Monthly Utillty Report3 

S.8% 
10.2% 
12.0% 
9.2% 
9.0% 

17.2% 
8.9% 

13.0% 
8.5% 

13.7% 
126% 
282% 
11.5% 
18.6% 
10.2% 
14.0% 
15.4% 
11.9% 

9.8% 
12.8% 
14.0% 
6.6% 

14.6% 
8.8% 

7.2% 
3.9% 
9.3% 

126% 
10.8% 

11.6% 
6.8% 
9.7% 
u.9% 
8.5% 

.2.2% 
10.6% 
7.9% 

17.2% 
13.6% 
14.6% 
11.6% 
14.4% 
13.3% 
1.8% 

22.9% 
12.5% 
15.4% 

7.7% 
19.4% 
14.3% 
12.6% 

122% 

27.0% 

93% 
7.1% 

11.3% 
9.3% 

13.3% 

20.1% 
10.5% 
10.9% 
6.3% 

13.8% 
92% 

21A% 
U.l% 
19,7% 
11.6% 
15.1% 
9.3% 
9.1% 

5.8% 
U.7% 
9.9% 

27.2% 
13.1% 

-38.0% 
10.8% 
13.8% 
7.8% 

10.9% 
u.6% 
11.7% 

12.8% 
9.7% 

11.4% 
14.5% 
13.1% 
7.3% 
12.696 
4S% 

119% 
11.9% 
6.3% 

11.3% 
7.0% 

10.1% 
43.1% 
-24.3% 

8.0% 
6.5% 

7.1% 
20A% 
7.6% 
3.7% 

8,4% 

8.1% 
9.1% 

11.1% 
11.8% 

18.8% 
5,4% 
12.5% 
6.9% 

13.7% 
7.m 

19.6% 
10.9% 
15.4% 
12.1% 
14.8% 
4.9% 
6.0% 

6.7% 
124% 
11.6% 
23.8% 
12.5% 
-29% 
14.6% 
9.1% 
7.8% 
9.8% 

16.4% 
9.1% 

11.6% 
9.4% 
11.8% 
11.7% 
10.4% 
lo.3% 
1L4% 
6.694 
8.1% 

13.6% 
6.9% 

4.2% 
12.6% 
-9.4% 
18.5% 
8.1% 
6.3% 

7.0% 
16.6% 
8.4% 
9,8% 

9.5% 

98% 

10.0% 

6.8% 
8.6% 
7.8% 
11.7% 
123% 

19S% 
10.6% 
11.8% 
5.1% 

19.1% 
7.7% 
16.3% 
9.9% 

12.6% 
12.2% 
14.9% 
10.7% 
6.7% 
6.1% 
8.2% 

12.2% 
9.1% 

18.6% 
11.9% 
6.2% 

20.7% 

5.8% 
11.0% 
155% 
14.0% 
1.3% 

10.0% 
9.0% 

12.3% 
9.1% 
9.9% 
?.I% 
8.8% 
4.1% 
7.8% 
3.5% 
6.3% 
6.9% 
7.2% 

126% 
4.8% 

103% 
8% 
8.0% 
7,2% 
8.1% 

18.9% 
7.9% 

10.0% 

9.916 

8.0% 

05% 
8.8% 
9.7% 

12.3% 
9.9% 

23.6% 
10.2% 
10.6% 
5.1% 

12.8% 
7.7% 

16.7% 
9.0% 

14.246 
11s 
14.3% 
133% 
5.8% 

113% 
S.l% 
11.3% 
9 x 4  

17.4% 
10.7% 
9.9% 

ll.9% 
10.0% 
6.0% 

11.9% 
Y.3% 
11.8% 
13.2% 
9.3% 
6.W 

12.1% 
11.2% 
CLW 
9.5% 

11.3% 
5.9% 
9.5% 

16.7% 
6.6% 
9.7% 
6.2% 
145% 
40% 

123% 
65% 
81% 
5.3% 
7.2% 

144% 
7.5% 
9.2% 

10.4% 

10.1% 
7.9% 
9.2% 

14A% 
13.1% 
4.1% 

23.7% 
13.9% 
12.9% 
4.3% 

13.1% 
7.0% 

173% 
6.1% 

13.8% 
10.5% 
13.8% 
14.1% 
9.3% 

11.6% 
9.1% 

12.0% 
8.1% 

27.8% 
8.3% 
6d% 

17.5% 
7.5% 
8.5% 

13.8% 
9.4% 
9.7% 
6.2% 

11.3% 
6.3% 

14.1% 
10.2% 
9.5% 

10.7% 
10.8% 
8.0% 
9.4% 

14.0% 
10.6% 
9.9% 
8.9% 

14.7% 
9.0% 
12.7% 
9.2% 
7.2% 
5.8% 
7.9% 

148% 
10,6% 
9.7% 

11.0% 

8.2% 
8.1% 

10.4% 
14;IK 
14.9% 
7.2% 

26.3% 
14.6% 
122% 
8.4% 

13.0% 
7.4% 

18.2% 
8.2% 

18.1% 
10.8% 
14.0% 
13.2% 
10.1% 
11.8% 
11.3% 
ll.496 
9.2% 
22.0% 
7.8% 
72% 

7.7% 
6.2% 

14.4% 
10.1% 
5.5% 

13EA 
11.4% 
6.1% 

14.5% 
10.2% 
11.6% 
9.2% 
10% 

4 2 %  
10.3.A 
w.0% 
B.2% 
7.2% 
6.8% 

U.8% 
6.6% 

11.8% 
85% 
3.5% 

11.0% 
7.3% 

13.5% 
8.5% 
9.1% 

fLZ% 

24.2% 

7.3% 
6.1% 
9.5% 
2.7% 

17.5% 
6.1% 

24.6% 
l&2% 
14.0% 
9.6% 
13.3% 
9.5% 

18.2% 
8.9% 

13.0% 
11.4% 
13.1% 
8.1% 

10.1% 
10.0% 
9.3% 

11.3% 
8.7% 

21.9% 
9.6% 

11.7% 
25.096 
7.4% 
7.5% 

E.3% 
4.6% 
3.9% 

11.8% 
11.0% 
7.8% 

122% 
5.1% 
95% 
62% 

10.7% 
?A% 
0.7% 

l2.W 
11.2% 
6.5% 
7.6% 

13.7% 
6.7% 

12.6% 
6.2% 
0.5% 
6.4% 

14.0% 
2.1% 
9.7% 

10~3% 

7.5% 
8.1% 
8.5% 
3.m 
15.5% 
6.7% 

22.5% 
11.9% 
12.4% 
9.077 

13.0% 
5.0% 
8.1% 
9.0% 

18.0% 
10.2% 
125% 
10.3% 
9.5% 
6.6% 
6.8% 

lOA% 
7.8% 

14.1% 
9.5% 
8.5% 

20.7% 
8.4% 
636 

14.3% 

6.l% 
12.9% 
10.2% 
5.0% 

12.7% 
3.8% 

105% 
6.2% 

10.6% 
8.0% 
6.5% 

10.5% 
9.0% 
6.0% 
8.0% 

10.1% 
6.0% 

11.5% 
75% 
4.5% 
6.5% 

l3.5% 
125% 
9S% 

9.6% 

4.0% 

7.1% 
8.5% 
9.5% 

10.0% 
l 2 5 %  
6.0% 

20.5% 
11.5% 
12.3% 
6.2% 
13.3% 
6.4% 
l&l% 
9.2% 

163% 
112% 
l33% 
11.1% 
9.2% 
9.6% 
9.0% 
11.1% 
102% 
19.9% 
11.3% 
3.0% 

19.6% 
9.1% 
7.0% 

120% 
11.4% 
9.5% 
9.7% 

1L4% 
7.1% 

l 25% 
10.6% 
10.5% 
6.7% 

10.4% 
6.8% 

10.0% 
rw% 
9.7% 
9.m 
8.6% 

l2.m 
0.3% 
9.7% 
8.6% 
7.0% 
7.0% 
8.2% 
16.3% 
8.7% 
9.3% 

10.3% 

I 



Competitive Fixed Period Electric Residential Rates in Texas 1/ 

Average 
Customer Cents/kWh 

Company . Charge Charge 
$6.95 2a/ 10.58 1 Amigo Energy 

2 Texas Power 
3 Champion Energy Services 
4 Gexa Energy 
5 Cirro Energy 
6 Kinetic Energy 
7 Slmple Power 
8 Ambit Energy 
9 StarTex Power 

10 YEP 
11 Brilliant Energy 
12 Southwest Power & Light 
13 Dynowatt 
14 APNA Energy 
15 Gateway Power Services 
16 MXEnergy 
17' Mega Energy 
18 Stream Energy 
19 Texpo Energy 
20 Spark Energy 
2 1  TXU Energy 
22 Reliant Energy 
23 CPL Retail Energy 
24 WTU Energy 
25 Dlrect Energy 
26 Potentia 
27 Tara 
28 Abacus Resources 
29 Bounce 
30 Frontier 

Customer Charges: 

$10.00 2b/ 
$4.95 
$4.79 

$7.54 
$0.00 
$9.99 2b/ 
$4.99 2a/ 
$7.95 2b/ 
$2.15 
$7.95 2b/ 
$6.95 2b/ 
$6.95 

$11.69 
$9.90 
$0.00 
$0.00 

$0.00 
$5.95 

$4.95 
$4.95 
$5.00 
$4.88 
$6.95 2a/ 
$5.95 2a/ 
$4.95 2a/ 
$4.95 

$9.89 

$7.95 2b/ 

$5.00 

10.28 
10.07 
10.43 
10.43 
10.32 
10.30 
10.75 
10.47 
10.25 
10.70 
10.28 
10.18 
10.95 
11.47 
11.77 
9.85 

11.27 
12.97 
10.22 
12.02 
10.70 
12.90 
10.40 
11.33 
10.05 
10,98 
10.30 
10.40 
11.75 

No Customer Charge 4 
Waivabfe Customer Charge 11 
Traditional Customer Charge 15 
Total 30 

Avg. Non-Waivabfe Customer Charge: $6.24 

r ScheduleGAW-8 1 

1/ "Fixed Period" means customer enters a contract to not switch 

2a/ Customer charge is waived with a minimum usage of SOOkWh. 
2b/ Customer charge Is waived with a minimum usage of 1000 kWh. 

provider for at least a predetermined time period, in this case 12 months. 
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Louisville Gas & Electric 
---_ - Residential Electric Customer Costs 

Residential 
-- Amount 

{Rate Base: 
Gross Plant 
Services . 22,105,235 

Total 52,674,697 
Meters 3.lxB&2 

Depreciation Reserve 
services 
Meters 

Total 

(17,148,245) 
129.236,78'1) 
(37,385,026) 

Net Rate Base 15,289,671 

Operation & Maintenance Expenses 
Meter Operations 
Meter Maint. 
Meter Reading 
Records & Collecttons 
Misc. Customer Accts. 

Total 

pepreciation Expense 
Services 
Meters 

Total 

Revenue Requirement: 
Interest 
Equity Return 
fncome Tax 8 effective rate 

Revenue for Return 

5,058,958 
0 

1,673,264 
4,206,469 
3t?u!B 

91,238,958 

977,051 
L- 
2,135,634 

325,220 LT- Debt 

487.628 Total 
823,502 .€Lw!d 

1,636,349 

Total Customer Revenue Requirement 15,010,940 

Number of Bills 4,194,552 

konthtj Cost $3.68 

Weighted 
Pct cost Cost 

46.14% 0.0461 2.13%' 
53.86% 10.00% 

100.00% 7.51 % 

i 



Louisville Gas & Electric 
Residential Gas Customer Charge _. - 

Residential 
Amount 

pate Base: 
Gross Plant 
Services 127,087,680 
Meters 26,447,911 
House Regulators 10,493.951 

Total 164,029,548 

Depreclatlon Reseive 
Servfces 
Meters 
House Regulators 

Total 

(58,409,592) 
(3,413,716) 
(1.231.021) 

(63,054,328) 

Net Rate Base 1 ,  

Operation & Maintenance Expenses 
Meter & House Regulators Expense 
Customer Installations 
Mairit. Services 
Malnt. Meters & House Regulators 
Meter Reading 

Misc. Gust Accounts 
. Cust. Records & Collections 

Total 

Depreciation &ewe 
Services 
Meters 
House Regulators 

Total 

Revenue Requirement 
Interest 
Equity Return 
Incame Tax @ effective rate 

Revenue for Return 

70,853 
307,574 

1,111,661 
0 

1,558,251 
3,916,179 

243,412 
7,207,930 

4,5753 57 
1,055,272 
232.966 

5,863,394 

2,147,797 
5,438,525 
3.220.365 

10,806,688 

Total Customer Revenue Requirement 23,878,012 

Number of Bills 

bontfity Cost 

3,480,900 

$6.86 

i Schedule GAW-10 . - .  _ _  

Weighted 
Pet Cost cost 

LT-Debt 46.14% 0.0461 2.13% 
53.86% 10.00% 5.39% EquW 

Total 100.00% 7.51% 

i 
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