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INTRODUCTION

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.
My name is Glenn A. Watkins. My business address is James Center III, 1051
East Cary Street, Suite 601, Richmond, VA 23219.

BY WHOM ARFE YOU EMPLOYED AND IN WHAT CAPACITY?
I am a Principal and Senior Economist with Technical Associates, Inc., which is

an economic and financial consulting firm with offices in Richmond, Virginia.

ON WHOSE BEHALF ARE YOU TESTIFYING?
I am testifying on behalf of the Office of Rate Intervention of the Kentucky Office
of Attorney General (“OAG”).

PLEASE DESCRIBE YOUR PROFESSIONAL QUALIFICATIONS.

Except for a six-month period during 1987 in which I was employed by Old
Dominion Electric Cooperative as its forecasting and rate economist, I have been
employed by Technical Associates continuously since 1980.

During my career at Technical Associates, I have conducted marginal and
embedded cost of service, rate design, cost of capital, and load forecasting studies
involving numerous electric, gas, water/wastewater, and telephone utilities, and have
provided expert testimony in Alabama, Arizona, Georgia, Kansas, Kentucky, Maine,
Maryland, Massachusetts, Michigan, North Carolina, New Jersey, Ohio, Illinois,
Pennsylvania, Vermont, Virginia, South Carolina, Washington, and West Virginia. [
hold an M.B.A. and B.S. in economics from Virginia Commonwealth University. I am a
member of several professional organizations as well as a Certified Rate of Return
Analyst. A more complete description of my education and experience is provided in my

Schedule GAW-1 to my testimony.

WHAT IS THE PURPOSE OF YOUR TESTIMONY IN THIS PROCEEDING?
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II.

Technical Associates has been retained by the OAG to evaluate the
reasonableness of Louisville Gas & Electric Company’s (“LG&E” or “Company”)
proposed electric weather normalization adjustment, electric and natural gas class cost of
service studies (CCOSS), proposed distribution of revenues by class, and residential
electric and natural gas rate designs. The purpose of my testimony, therefore, is to
comment on LG&E’s proposals on these issues and to present my findings and
recommendations based on the results of the studies I have undertaken on behalf of the
OAG.

ELECTRIC WEATHER NORMALIZATION

IS LG&E PROPOSING A WEATHER NORMALIZATION ADJUSTMENT FOR
ITS ELECTRIC OPERATIONS IN THIS CASE?
Yes. Consistent with LG&E’s last several rate increase applications, the

Company is proposing a weather normalization adjustment for this case.

HAS THIS COMMISSION EVER APPROVED AN ELECTRIC WEATHER
NORMALIZATION ADJUSTMENT?
To the best of my knowledge, this Commission has not approved an electric

weather normalization adjustment.

WHAT EFFECT DOES LG&E’S PROPOSED ELECTRIC WEATHER
NORMALIZATION HAVE ON ITS REQUESTED INCREASE?

In this particular rate case, LG&E’s proposed electric weather normalization has
the effect of reducing its requested revenue increase. That is, as a result of Mr. Seelye’s
proposed methodology and analysis, he concludes that actual test year sales and revenues
were less than what would be expected under a more normal weather pattern.
Specifically, Mr. Seelye’s proposed weather adjustment results in an increase to test year
revenue of $5.751 million and an increase to variable expenses of $1.899 million. The
net effect of Mr. Seelye’s weather adjustment is to increase test year operating income,

before income taxes of $3.252 million.
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DO YOU AGREE WITH MR. SEELYE’S PROPOSED ELECTRIC WEATHER
NORMALIZATION ADJUSTMENT?
No.

PLEASE EXPLAIN.

Although a portion of Residential and Commercial electricity usage is sensitive to
temperature for heating and cooling, over the course of an entire year short term
increased sales (due to colder than average temperatures in winter and warmer than
average temperatures in summer) are generally offset by short-term weather conditions in
the opposite direction. Furthermore, and unlike weather sensitive natural gas sales that
are entirely weather dependent for heating load, electricity serves both heating and
cooling (air conditioning) load. As such, even if a winter is somewhat milder than
normal (and heating sales are less than expected), the following summers are often
somewhat more severe than normal (and cooling sales are more than expected). Under
these conditions, an electric utility’s energy sales are evened out over the course of an
entire year. For this reason, many, if not most, state utility Commissions do not
recognize weather normalization for ratemaking purposes.

In this case, Mr. Seelye has developed a methodology that evaluates whether
individual monthly sales are greater than or less than an outside band of weather
normalcy. If an individual month’s expected heating degree days (HDD) or cooling
degree days (CDD) fall outside of Mr. Seelye’s band of what would be expected under
relatively normal weather conditions, that month’s sales are adjusted upward or
downward.

The flaw in Mr. Seelye’s logic is that each month’s analysis and determination of
weather normalcy is independent and mutually exclusive of all other months within the
same heating or cooling season.

Mr. Seelye’s Exhibit 15 shows how his monthly sales adjustments are determined.
Using Mr. Seelye’s definition of LG&E’s cooling season running from May 1 through
October 31 as an example, we see that the month of May is evaluated to determine if that
single month’s weather pattern was outside of a band of normal weather. In this instance,

the weather in May 2009 was not deemed to be abnormally warm (outside the band of
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normalcy), such that no adjustment was made to actual May sales. The same was true for
June, August, and September 2009. However, Mr. Seelye determined that the month of
July 2009 was cooler than normal (and outside of his normalcy band) so this month’s
sales were adjusted upward. Although Mr. Seelye’s mutually exclusive analysis is
conducted on a month by month basis, one could also apply the same logic on a weekly,
daily, or even hourly basis.

The flaw in using any of the sub-sets (partial periods) of an entire heating or
cooling season is that while a short-term period may fall outside of Mr. Seelye’s weather
normalcy band such as more severe weather than expected the remaining sub-sets (partial
periods) within the same overall heating or cooling season may have been somewhat
milder than average and hence not subject to adjustment. However, when these
somewhat milder sub-sets (partial periods) are consolidated, we find that the entire
heating or cooling season overall cannot be said to be abnormal. For example, consider
the following hypothetical example: suppose July was abnormally cool and its weather
pattern (CDD) fell outside of Mr. Seelye’s band of normalcy. Also assume that June,
August, and September were just marginally warmer than average such that these
month’s did not fall outside of the normalcy bands. Even though the total cooling degree
days over the entire summer period (cooling season) were the same as the historical
average (cooler July, yet somewhat warmer June, August and September), Mr. Seelye’s
approach would result in a weather adjustment (an increase to sales) simply because one

month of the entire season was beyond a range of normal weather.

WHAT WAS THE ACTUAL COOLING SEASON EXPERIENCE DURING THE
TEST YEAR?

Mr. Seelye defines LG&E’s cooling season as May through October. I disagree
with the inclusion of May and October for reasons that I will explain later. For the test
year months of June through September (2009), the 30-year average cooling degree days
are 1,360. The standard deviation of this 30-year average, is 202. As such, using Mr.
Seelye’s banding approach of defining a range of normal weather, a normal weather
range is between 1,158 CDDs and 1,562 CDD. The actual cooling degree days during
the June through September 2009 (test-year) period were 1,142 which is 16 CDD beyond
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the “normal” band. As such, one may conclude that the test year cooling season was just
slightly cooler (milder) than the range of expected normal weather. However, the above
determination is only true by accepting the subjective banding definition of plus or minus
one standard deviation from the thirty-year average. What this means is that about 68%
of observations are expected to fall within the plus or minus one standard deviation and
would be considered as the limits of normalcy. The remaining 32% would be considered
“abnormal” under Mr. Seelye’s approach. Although there are no established parameters
as to exactly what percentage should be considered to fall within an expected normal
range, extremes are often defined as those that are expected to occur less than 5% of the
time. This 5% level of significance is by statistical definition approximately plus or
minus two standard deviations. As such, if the definition of normal weather is expanded
from 68% (plus or minus one standard deviation) to 95% (plus or minus two standard
deviations) we see that the test year experience falls well within the band of normalcy.

It is not my intention to question whether one or two standard deviations are
appropriate, but rather that Mr. Seelye’s pre-selected definition of one standard deviation
results in the test year being considered just slightly beyond his range of normalcy. In
my opinion, this minor difference is not reason for this Commission to alter its long

standing practice of not considering weather adjustments for electric utilities.

MR. SEELYE INCLUDED THE MONTHS OF MAY AND OCTOBER AS
COOLING SEASON MONTHS. SHOULD THESE MONTHS BE INCLUDED AS
“COOLING MONTHS”?

No. These months are considered shoulder months. Days in May and October
can be cool or fairly warm such that these months are comprised of heating degree days
and cooling degree days. As such, heating and air conditioning loads are not predictable
in May and October. To illustrate, consider Mr. Seelye’s Exhibit 15. On average, May
has 72 HDDs throughout the month and 123 CDDs. Similarly, October is historically
comprised of 221 HDDs and only 40 CDDs. Indeed, October tends to have significantly

more heating load than air conditioning load.
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III.

ELECTRIC CLASS COST OF SERVICE

PLEASE EXPLAIN THE CONCEPT OF A CLASS COST OF SERVICE STUDY
(“CCOSS”).

First, I note that there are two general types of cost of service studies used for
public utility ratemaking: marginal cost studies; and embedded, fully allocated cost
studies. LG&E has utilized a traditional embedded cost of service concept in this case for
purposes of establishing its overall retail revenue requirement, as well as for its class cost
of service study (“CCOSS”). As such, I will limit my explanation to embedded class cost
of service studies.

Embedded cost of service studies are often referred to as fully allocated cost
studies. This is because the vast majority of an electric utility’s plant investment serves
all customers, and the majority of expenses are incurred in a joint manner such that these
costs cannot be specifically attributed to any individual customer or group of customers.
To the extent that certain costs can be specifically attributable to a particular customer (or
group of customers), these costs are often directly assigned in a CCOSS. However, the
vast majority of LG&E’s Production, Transmission, and Distribution plant and expenses
are incurred jointly to serve all (or most) customers. These joint costs are then allocated
to rate classes. It is generally recognized that to the extent possible, joint costs should be
allocated to classes based on the concept of cost causation; i.e., costs are allocated based
on specific factors that cause costs to be incurred by the utility. Although cost analysts
generally strive to abide by the concept of cost causation to the greatest extent practical,
some costs (particularly overhead costs), cannot be attributed to specific exogenous
factors and must be subjectively assigned or allocated to rate classes. With regards to
those costs in which cost causation can be attributed, cost of service experts often
disagree as to what is the most cost causative factor; e.g., peak demand, energy usage,

number of customers, etc.

PLEASE EXPLAIN HOW CCOSS RESULTS SHOULD BE USED IN THE
RATEMAKING PROCESS.
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Although there are certain principles used by all cost of service analysts, there are
often significant disagreements on the specific factors that drive certain costs. These
disagreements can and do arise as a result of the quality of data and level of detail
available from financial records, as well as fundamental differences in opinions regarding
the design or cost causation factors that should be considered to properly allocate costs to
rate schedules or customer classes. Furthermore, and as mentioned earlier, cost causation
factors cannot be realistically ascribed to some costs such that subjective decisions are
required. In this regard, two different cost studies conducted for the same utility and
time period can, and often do, yield different results. As such, regulators should consider

CCOSS results as one of many tools in assigning revenue responsibility.

PLEASE EXPLAIN HOW YOU PROCEEDED WITH YOUR ANALYSIS OF
LG&E’S CCOSS. 4
The process in which I conducted my analysis in this case was identical to how 1
evaluate all CCOSSs. First, I reviewed the structure and organization of the Company’s
CCOSS sponsored by Mr. Seelye. Once the basic structure was understood, I reviewed
the accuracy and completeness of the primary drivers (allocators) used to assign costs to
rate schedules and classes. Next, I reviewed Mr. Seelye’s selection of allocators to
specific rate base, revenue and expense accounts. Finally, I adjusted certain aspects of
the Company’s study to better reflect cost causation and cost incidence by rate schedule

and customer class.

DID YOU FIND THE COMPANY’S STUDY TO BE MATHEMATICALLY
ACCURATE?

Yes. Perhaps the most fundamental requirement of an embedded CCOSS is that
the sum of the parts (classes) must equal the whole (system). This is true with respect to
the allocation of financial accounts, as well as the various allocation factors.
Furthermore, certain costs previously allocated are carried forward for other purposes
such as for the development of composite or internal allocators and for the assignment of
income taxes. In all regards, I found Mr. Seelye’s CCOSS to be mathematically

accurate.



-

DID YOUR EXAMINATION RESULT IN ANY DISAGREEMENTS WITH THE
ASSUMPTIONS OR METHODOLOGIES USED BY MR. SEELYE?

Yes. Although I have two material disagreements with Mr. Seelye’s CCOSS, my
ultimate findings are not significantly different from Mr. Seelye’s, with the possible

exception of the lighting classes.

PLEASE PROVIDE A SUMMARY OF MR. SEELYE’S AND YOUR CCOSS
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FINDINGS.

The following is a summary comparison of Mr. Seelye’s and my class rates of

return at current rates:

Class ROR At Current Rates

Class Seelye Watkins

Residential 3.19% 4.01%
General Service 9.12% 9.89%
PS-Primary 4.86% 4.01%
PS-Secondary 6.62% 6.06%
CTOD-Primary 4.47% 2.67%
CTOD-Secondary 4.42% 3.57%
ITOD-Primary 3.31% 1.69%
ITOD-Secondary 5.27% 3.90%
RTS-Transmission 2.91% 1.47%
Sp. Contract-Ft. Knox -0.16% -0.48%
Sp. Contract-Water Companies -0.34% -1.44%
Lighting-RLS & LS 8.88% 7.43%
Lighting-LE 3.38% -2.72%
Lighting-Traffic 4.25% -0.21%

Total Company 4.77% 4.77%

PLEASE OUTLINE THE TWO MATERIAL DISAGREEMENTS YOU HAVE

WITH MR. SEELYE’S CCOSS.

The two substantial disagreements that I have with Mr. Seelye are his “Modified
Base-Intermediate-Peak” method used to allocate generation costs and his classification

of distribution facilities between customer-related and demand-related portions.
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A. Generation

YOU INDICATE THAT ONE OF YOUR DISAGREEMENTS WITH MR.
SEELYE IS HIS USE OF WHAT HE REFERS TO AS A MODIFIED BASE-
INTERMEDIATE-PEAK METHOD TO ALLOCATE GENERATION COSTS.
ARE THERE OTHER METHODOLOGIES WHICH MAY BE USED TO
ALLOCATE GENERATION- RELATED PLANT AND EXPENSES?

Yes. There are several demand allocation methods utilized in the electric
industry. The current National Association of Regulatory Utility Commissioners
(“NARUC”) Electric Utility Cost Allocation Manual discusses at least thirteen embedded
demand allocation methods, while Dr. James Bonbright noted the existence of at least 29

demand allocation methods in his treatise, Principles of Public Utilities Rates.

WHY DO SO MANY GENERATION ALLOCATION METHODS EXIST FOR
THE ELECTRIC INDUSTRY?

Utilities design and build generation facilities to meet the energy and demand
requirements of their customers on a collective basis. Because of this, and the physical
laws of electricity, it is impossible to determine which customers are being served by
which facilities. As such, production facilities are joint costs; i.e., used by all customers.
Because of this commonality, production-related costs are not directly known for any
customer or customer group and must somehow be allocated.

If all customer classes used electricity at a constant rate throughout the year, there
would be no disagreement as to the proper assignment of generation-related costs: all
analysts would agree that energy usage in terms of kWh would be the proper approach to
reflect cost causation and cost incidence. However, such is not the case in that LG&E
experiences periods (hours) of much higher demand during certain times of the year and
across various hours of the day. Moreover, all customer classes do not contribute in
equal proportions to these varying demands placed on the generation system. To
complicate matters, the electric utility industry is somewhat unique in that there is a
distinct energy/capacity trade-off relating to generation costs. That is, utilities design

their mix of production facilities (generation and power supply) to minimize the total
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costs of energy and capacity, while also ensuring there is enough available capacity to
meet peak demands. The trade-off occurs between the level of fixed investment per unit
of capacity (KW) and the variable cost of producing a unit of output (kWh). Coal and
nuclear units require high capital expenditures resulting in large investments per KW,
whereas smaller units with higher variable production costs generally require
significantly less investment per KW. Due to varying levels of demand placed on the
system over the course of each day, month, and year there is a unique optimal mix of
production facilities for each utility that minimizes the total cost of capacity and energy;
i.e., its cost of service.

Therefore, as a result of the energy/capacity cost trade-off, and the fact that the
service requirements of each utility are unique, many different allocation methodologies
have evolved in an attempt to equitably allocate joint production costs to individual

classes.

PLEASE EXPLAIN.

Total production costs vary each hour of the year. Theoretically, energy and
capacity costs should be allocated to classes each and every hour of the year. This would
result in 8,760 hourly allocations during non-leap years. Although such an analysis is
certainly possible with today’s technology, the time and cost necessary for such an
undertaking would likely exceed the additional benefits obtained over simpler methods.
This is because the analyst does not know precise class loads each and every hour, and
subjective decisions must still be made regarding the assignment of fixed investment
(capacity costs) to individual hours. With this practical constraint in mind, each method
has its strengths and weaknesses regarding its reasonableness in reflecting cost causation

as well as the cost and effort required to produce a study.

BRIEFLY DISCUSS THE STRENGTHS AND WEAKNESSES OF COMMON
PRODUCTION COST ALLOCATION METHODOLOGIES.
A brief description of the most common fully allocated cost methodologies and

attendant strengths and weaknesses are as follows:

10
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Single Coincident Peak (“1-CP”) -- The basic concept underlying the 1-CP
method is that an electric utility must have enough capacity available to meet its

customers' peak coincident demand. As such, advocates of the 1-CP method reason that
customers (or classes) should be responsible for fixed capacity costs based on their
respective contributions to this peak system load. The major advantages to the 1-CP
method are that the concepts are easy to understand, the analyses required to conduct a
CCOSS are relatively simple, and the data requirements are significantly less than some
of the more complex methods.

The 1-CP method has several shortcomings, however. First, and foremost, is the
fact that the 1-CP method totally ignores the capacity/energy trade-off inherent in the
electric utility industry. That is, the sole criterion for assigning one hundred percent of
fixed capacity costs is the classes' relative contributions to load during a single hour of
the year. This method does not consider, in any way, the extent to which customers use
these facilities during the other 8,759 hours of the year. This may have severe
consequences because a utility's planning decisions regarding the amount and type of
generation capacity to build and install is predicated not only on the maximum system
load, but also on how customers demand electricity throughout the year, i.e., load
duration. To illustrate, if a utility had a peak load of 15,000 MW and its actual optimal
generation mix included an assortment of nuclear, coal, hydro, combined cycle and
combustion turbine units, the total cost of capacity is significantly higher than if the
utility only had to consider meeting 15,000 MW for 1 hour of the year. This is because
the utility would install the cheapest type of plant, (i.e., peaker units) if it only had to
consider one hour a year.

There are two other major shortcomings of the 1-CP method. First, the results
produced with this method can be unstable from year to year. This is because the hour in
which a utility peaks annually is largely a function of weather. Therefore, annual peak
load depends on when severe weather occurs. If this occurs on a weekend or holiday,
relative class contributions to the peak load will likely be significantly different than if
the peak occurred during a weekday. The other major shortcoming of the 1-CP method is
often referred to as the "free ride" problem. This problem can easily be seen with a

summer peaking utility that peaks about 5:00 p.m. Because street lights are not on at this

11
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time of day, this class will not be assigned any capacity costs at all and enjoy a free ride
on the assignment of generation costs that this class requires.

Summer and Winter Coincident Peak (“S/W Peak”) -- The S/W Peak method
was developed because some utilities’ annual peak load occurs in the summer during
some years and in the winter during others. Because customers' usage and load
characteristics may vary by season, the S/W Peak attempts to recognize this
characteristic. This method is essentially the same as the 1-CP method except that two
hours of load are considered instead of one. This method has essentially the same
strengths and weaknesses as the 1-CP method, and in my opinion, is only marginally
more reasonable than the 1-CP method.

Twelve Monthly Coincident Peak (“12-CP”) -- Arithmetically, the 12-CP

method is essentially the same as the 1-CP method except that class contributions to each
monthly peak are considered. Although the 12-CP method bears little resemblance to
how utilities design and build their systems, the results produced by this method better
reflect the cost incidence of a utility’s generation facilities.

Most electric utilities have distinct seasonal load patterns such that there are high
system peaks during the winter and summer months, and significantly lower system
peaks during the spring and autumn months. By assigning class responsibilities based on
their respective contributions throughout the year, consideration is given to the fact that
utilities will call on all of their resources during the highest peaks, and only use their
most efficient plants during lower peak periods. Therefore, the capacity/energy trade-off
is implicitly considered to a small extent under this method.

The major shortcoming of the 12-CP method is that accurate load data is required
by class throughout the year. This generally requires a utility to maintain on-going load
studies. However, once a system to record class load data is in place, the administration
and maintenance of such a system is not overly cumbersome for larger utilities.

Peak and Average (“P&A”) -- The various P&A methodologies rest on the

premise that a utility's actual generation facilities are placed into service to meet peak
load and serve consumers demands throughout the entire year. Hence, the P&A method
assigns capacity costs partially on the basis of contributions to peak load and partially on

the basis of consumption throughout the year. Although there is not universal agreement

12
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on how peak demands should be measured or how the weighting between Peak and
Average demands should be performed, many P&A studies use class contributions to
coincident-peak demand for the "peak" portion, while some studies weight the Peak and
Average loads based on the system coincident load factor and others give equal weight to
energy usage and peak demand.

The major strengths of the P&A method are that an attempt is made to recognize
the capacity/energy trade-off in the assignment of fixed capacity costs, and that data
requirements are minimal.

Although the recognition of the capacity/energy trade-off is admittedly arbitrary
under the P&A method, most other allocation methods also suffer to some degree of
arbitrariness.

Average and Excess (“A&E”) -- The A&E method also considers both peak
demands and energy consumption throughout the year. However, the A&E method is
much different than the P&A method in both concept and application. The A&E method
recognizes class load diversity within a system, such that all classes do not call on the
utility's resources to the same degree, at the same times. Mechanically, the A&E method
weights average and excess demands based on system coincident load factor. Individual
class "excess" demands represent the difference between the class non-coincident peak
demand and its average annual demand. The classes' "excess" demands are then summed
to determine the system excess demand. Under this method, it is important to distinguish
between coincident and non-coincident demands. This is because if coincident, instead
of non-coincident, demands are used when calculating class excesses, the end result will
be exactly the same as that achieved under 1-CP method.

Although the A&E method bears virtually no resemblance to how generation
systems are designed, this method can produce fair and reasonable results for many
utilities. This is because no class will receive a free-ride under this method, and because
recognition is given to average consumption as well as to the additional costs imposed by
not maintaining a perfectly constant load.

A potential shortcoming of this method is that customers that only use power
during off-peak periods will be overburdened with costs. Under the A&E method, off-

peak customers will be assigned a higher percentage of capacity costs because their non-
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coincident load factor may be very low even though they call on the utility's resources
only during less costly off-peak periods.

Equivalent Peaker ("EP") -- The EP method combines certain aspects of
traditional embedded cost methods with those used in forward-looking marginal cost
studies. The EP method often relies on planning information in order to classify
individual generating units as energy- or demand-related and considers the need for a mix
of base load intermediate and peaking generation resources.

The EP method has substantial intuitive appeal in that base load units that operate
with high capacity factors are allocated largely on the basis of energy consumption with
costs shared by all classes based on their usage, while peaking units that are seldom used
and only called upon during peak load periods are allocated based on peak demands to
those classes contributing to the system peak load. However, this method requires a
significant amount of data.

Base-Intermediate-Peak (“BIP”) -- The BIP method is an accepted allocation
approach that attempts to recognize the capacity/energy trade-off that actually exists
within a utility’s portfolio of generation assets. A utility’s base load units tend to run
during all (or most) periods of the year; i.e., both peak load periods as well as to satisfy
energy requirements in the most efficient manner possible during minimum demand
periods (e.g., during the middle of the night). Because base load units operate regardless
of peak requirements, they are most appropriately classified as energy-related. At the
opposite end of the spectrum are peaking units, such as combustion turbines. These units
operate with high variable costs and are only utilized to help meet peak period demands.
As such, peakers are classified as peak demand-related. Intermediate plants (e.g., many
combined cycle units) are not as efficient as large base load plants but more efficient than
peaking units. For this reason, Intermediate plants are not called upon (dispatched)
during periods of minimum (base) load but are dispatched before, and more frequently,
than peaker units. Therefore, Intermediate plants can be said to serve a dual purpose:
partially energy-related and partially demand-related. Intermediate plants are typically
classified as partially energy-related and partially demand-related based on their
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respective capacity or availability factors.! In my opinion, the BIP method is an excellent
cost allocation approach for many utilities as it captures the actual differences in the
capacity/energy trade-off that exist across a utility’s generation mix. The BIP method
may not be appropriate for utilities that purchase the majority of their energy needs or for

utilities with an inefficient mix of generating resources.

MR. WATKINS, YOU HAVE DISCUSSED THE STRENGTHS AND
WEAKNESSES OF THE MORE COMMON GENERATION ALLOCATION
METHODOLOGIES. ARE ANY OF THESE METHODS CLEARLY INFERIOR
IN YOUR VIEW?

Yes. In my opinion the 1-CP and seasonal CP (such as 4-CP) methods do not
reasonably reflect cost causation for integrated electric utilities because these methods
totally ignore the utilization of a utility’s facilities. Perhaps the simplest way to explain
this is to consider that the methodology selected is used to allocate Generation plant
investment. Generation investment costs vary from a low of a few hundred dollars per
KW of capacity for high running cost (energy cost) peakers to several thousand dollars
per KW for base load nuclear facilities with low running costs. If a utility were only
concerned with being able to meet peak load with no regard to running costs, it would
simply install inexpensive peakers. Under such an unrealistic system design, plant costs
would be much lower than in reality but running costs; i.e., variable fuel costs would be
astronomical, and would result in a higher overall cost to serve customers. The 1-CP and

seasonal CP methods totally ignore this very important fact.

MR. SEELYE HAS USED WHAT HE REFERS TO AS A MODIFIED BIP
METHOD TO ALLOCATE GENERATION COSTS. DID HE CALCULATE THE
BIP METHOD IN A REASONABLE MANNER?

Mr. Seelye’s Modified BIP method does not follow the generally accepted BIP
approach, and in fact, I have never seen Mr. Seelye’s method used in any other cases or

utilities. However, I would be reluctant to say his approach is totally unreasonable.

! Capacity factor is the ratio of average utilization (output) over a year to peak hour output. Availability

factor is the ratio of average utilization during periods when a unit is available for dispatch (i.e., excludes outages) to
peak hour output.
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Whereas Mr. Seelye’s Modified BIP method does allocate a portion of generation
facilities based on energy (34.89%) and a portion on peak demands (65.11%), his
approach does not reflect the actual mix of supply resources utilized by LG&E. At this
point, it should be noted that LG&E’s and Kentucky Utilities’ (“KU”) generation
resources are centrally dispatched. Both Mr. Seelye and I have recognized this combined
central dispatch in our allocation studies. When I refer to LG&E’s actual generation
resources, | am referring to the joint resources of LG&E and KU and not the individual
legal ownership of these plants for booking purposes.

The traditional BIP method is a supply-based approach that classifies generation
plant between energy-related and demand-related; i.e., it considers the actual supply
characteristics of a utility’s generation portfolio. These supply based classifications are
then allocated to classes based on demand-side criteria (kWh usage and KW peak
demand).

Mr. Seelye’s approach ignores the actual supply-side characteristics of EON’s
generation portfolio because it only considers relative differences in system usages and
demands. In fact, given EON’s retail customers combined usage and demand profiles,
Mr. Seelye’s approach would classify a utility’s generation investment exactly the same
regardless of its actual portfolio mix of plants. Mr. Seelye’s classification would be
identical if EON’s portfolio mix was comprised entirely of base load units or entirely of
peaking units. In my opinion, this assumption (or result) is not consistent with the intent
of the BIP method. Namely, to recognize the capacity/energy tradeoff actually present in

a system.

PLEASE EXPLAIN THE ACTUAL COMPOSITION OF EON’S GENERATION
RESOURCES.

With the addition of Trimble County Unit #2, EON’s generation capacity will be
about 9,600 MW. The following is a summary of this generation portfolio by Fuel Type:
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MW % Of

Fuel Capacity Total
Coal 6,998 73%
Gas/Oil 2,499 26%
Hydro 113 1%

Total 9,610 100%

As can be seen above, about 73% of EON’s generation comes from very low cost coal
plants. Furthermore, the combined LG&E and KU peak native load is about 6,550 MW,
which is lower than the capacity of EON’s coal plants. This is especially relevant for
cost allocation purposes since EON’s coal plants tend to be base load plants in nature.
That is, they operate with low variable operating expenses per unit (KWH) and have very
high availability factors in the 80% to 90% range. This actual mix of generation assets is
dissimilar to most electric utilities in the United States which rely on a much higher
percentage of intermediate (high variable cost) plants primarily utilizing natural gas for
fuel. Indeed, Kentucky ratepayers and shareholders alike are very fortunate to have an

abundance of low cost electric energy resources.

DOES MR. SEELYE’S COST ALLOCATION METHODOLOGY REFLECT THE
FACT THAT EON’S GENERATION PORTFOLIO IS COMPRISED
PRIMARILY OF BASE LOAD UNITS?

No.

PLEASE EXPLAIN HOW YOU CONDUCTED YOUR TRADITIONAL BIP
METHOD.

During the discovery phase of this proceeding, LG&E provided the order of
economic dispatch for each of its generation units.> With this information, along with
generating plant information provided in EON’s 2008 Integrated Resource Plan (“IRP”),
such as fuel type, nameplate capacity (MW), annual KWH generation, capacity factors,

and availability factors, I was able to separate each generation unit into Base,

2

Economic Order of dispatch is based on variable running costs. That is, the unit with the lowest running

costs (primarily fuel) per unit of KWH output is dispatched first, followed by the next least expensive generation
facility, and so forth.
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Intermediate, Peak, or Hydro. Base load units are classified as 100% energy-related as
they are designed and utilized to meet energy requirements throughout the year; i.e., they
are low-cost units that serve energy needs and are not installed to meet short time period
peak load requirements. Conversely, peak load (peaker) units are classified as 100%
demand-related because of their high cost of output; i.e., they are dispatched and utilized
only to meet peak load requirements. Intermediate plants operate at higher variable costs
per unit than base load units yet are considerably less costly to operate than peak units,
and are dispatched during periods of Intermediate demand (higher than base load but
lower than peak period loads). I have followed the industry practice of classifying these
units between energy and peak demand based on each facility’s capacity factor. Finally, I
have classified EON’s Hydro facilities as 100% energy-related as they are run of the river
or flood control facilities and have little or no ability to reliably meet peaking
requirements.

The results of my BIP generation classification is presented in my Schedule
GAW-2. My BIP generation classification study results in the following aggregate
generation classification:

Energy-related: 82.12%
Demand-related: 17.88%

IN HIS REBUTTAL TO YOUR CCOSS FINDINGS IN LG&E’S 2008 RATE
CASE (CASE NO. 2008-000252), MR. SEELYE INDICATED THAT HE COULD
NOT RECALL EVER SEEING COST OF SERVICE STUDIES THAT
ALLOCATE SUCH A LARGE PERCENTAGE (82%) OF PRODUCTION AND
TRANSMISSION CAPACITY COSTS ON THE BASIS OF ENERGY. ARE YOU
AWARE OF OTHER UTILITY STUDIES WITH SIMILARLY HIGH
PRODUCTION AND TRANSMISSION PLANT ENERGY CLASSIFICATIONS?
Yes. Electric energy produced in the Pacific N